The Pennsylvania State University
The Graduate School
John and Willie Leone Family Department of Energy and Mineral Engineering

MODELING THE EFFECTS OF SALT PRECIPITATION & KINETIC MINERAL
REACTION ON WELL INJECTIVITY DUE TO CARBON DIOXIDE INJECTION IN
DEEP SALINE AQUIFERS

A Thesis in
Energy and Mineral Engineering
by
Kojo C. Yeboa

© 2014 Kojo C. Yeboa

Submitted in Partial Fulfillment
of the Requirements
for the Degree of

Master of Science
August 2014

The thesis of Kojo C. Yeboa was reviewed and approved* by the following:

Zuleima Karpyn
Associate Professor of Petroleum and Natural Gas Engineering
Quentin E. and Louise L. Wood Faculty Fellow in Petroleum and Natural Gas Engineering
Thesis Adviser

Li Li
Assistant Professor of Energy and Mineral Engineering

Luis F. Ayala H.
Associate Professor of Petroleum and Natural Gas Engineering
Associate Department Head for Graduate Education

*Signatures are on file in the Graduate School.

ii

ABSTRACT
Within recent years public interest has steadily been growing over global climate change
and the lasting effects caused by greenhouse gas emissions, carbon dioxide in particular. In
attempting to reduce CO2 emissions and mitigate the associated negative effects, carbon
dioxide capture and storage, also known as carbon dioxide sequestration, has emerged as a
method by which CO2 emissions may effectively be reduced long term. Of the potential
geologic storage sites for captured CO2, deep saline aquifers present the most attractive
storage option.
Unfortunately, little is known about the complex processes which take place between CO2,
the host formation, and in situ brine at the conditions found within these aquifers. Mineral
dissolution and precipitation reactions which take place in response to the acidic
environment formed once CO2 is injected have the potential to alter formation properties.
In addition, Halite precipitation due to vaporization of the brine phase into the continuous
flowing dry CO2 phase is a phenomenon which has been observed extensively on the
experimental scale and has been observed to negatively impact sample porosity and
permeability.
The impacts of these geochemical mineral reactions on formation properties and well
injectivity on the field scale is however debated within industry and thus a field scale
simulation study was performed in order to evaluate and quantify the potential
significance. The commercial compositional reservoir simulation package GEM was used
to develop multiple models in order to simulate prolonged CO2 injection into a siliciclastic
deep saline aquifer formation. The scale and extent of host mineral dissolution and
precipitation as well as halite mineral precipitation following CO2 injection were observed,
and the impacts to well injectivity assessed. A sensitivity study was performed in order to
assess the potential impacts of CO2 injection rate, formation temperature, and formation
salinity on halite precipitation and its negative effects. In addition the potential for
mitigation of the negative effects of halite precipitation through means of a fresh water pre
flush was studied.
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Following CO2 injection, dissolution was observed to be the predominant mineral reaction
however the limited scale of dissolution resulted in minimal impact on well injectivity. The
extent of halite precipitation was limited to the near well region with limited impacts on
well injectivity. Formation salinity appears to be the most significant property in impacting
halite precipitation with noticeable impacts to formation porosity and permeability at
higher salinities. These effects can however be effectively negated with a 3 month fresh
water injection period prior to the onset of CO2 injection.
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Chapter 1: Introduction
As society moves towards an ever increasing dependence on energy, carbon based
fuel sources continue to grow both in demand and use. Significant increases in the use of
these carbon fuel sources has translated into increased levels of emissions and has raised
public concerns over the long term lasting impacts of carbon based emissions and in
particular CO2. It has thus become imperative that methods be developed in order to
diminish the atmospheric levels of CO2 and reduce the carbon footprint left by the current
generation and those to come. Towards achieving this end, Carbon Dioxide Capture and
Sequestration, commonly known as carbon capture and sequestration (CCS), has arisen as
a potential economically suitable means of long term mitigation.
CCS involves the process of either removing carbon in the form of carbon dioxide from the
atmosphere or directly from output flue gas streams for injection and storage (Glossary of
Climate Change Acronyms, 2014). One such mechanism for storage is geological storage
of CO2, termed geo-sequestration. This mechanism refers to the injection of CO2,
predominantly in supercritical form, underground into geological formations. Geological
sites identified as ideal locations for sequestration include but are not limited to currently
producing oil and gas fields, depleted reservoirs, unmineable coal seams, and saline
aquifers. Of the aforementioned options, saline aquifers could be said to have the largest
potential, with their significant advantage in storage volume and prevalence of storage
sites.
Deep saline formations, generally very extensive, are porous rock formations typically
found at depths several kilometers below the surface. These aquifers contain water that is
unusable because of high salt concentrations and or mineral content. This saltwater brine is
around 10 times saltier than the oceans and has been trapped by impermeable rock, called a
“cap rock,” for millions of years (Carbon Capture & Storage | Deep Saline Formations |
ICO2N, 2014). Unfortunately unlike other geologic storage sites, relatively very little is
known about the complexities facing saline aquifer injection and storage.
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One such topic of fervent interest is the role interactions between injected CO2, brine and
local mineralogy play in impacting sustained CO2 injection over time. The precipitation of
mineral halite due to vaporization effects from supercritical CO2 injection into in situ brine
in saline formations is of particular interest due to the potential negative impact on
reservoir characteristics and proposed impact on well injectivity. It has been proposed that
extended injection of CO2 will result in halite scale formation as the mineral precipitates
out behind the dry supercritical gas front, a phenomenon which has been observed in gas
storage sites in both the Netherlands and Germany (Wang et al. 2009). Halite precipitation
and mobilization of small mineral particulates within the reservoir has been identified as
the phenomena most largely responsible for injectivity loss during injection.
Despite the interest, only a few studies have focused on providing a quantitative measure
on the potential loss of well injectivity during CO2 injection operation due to mineral
precipitations (Belgodere et al. 2014). Results of experimental studies performed on
sample cores have reported varying degrees of injectivity loss. Belgodere reported an
increase of the pressure gradient between confining and injection zones in sandstone
samples which was interpreted as a result of mineral precipitations leading to a measured
decrease of the sample permeability and a sign of possible impairment of injectivity
(Belgodere et al. 2014). Wang observed reductions in gas phase relative permeability by
almost half in Berea sandstone cores and visualized halite precipitation behind the dry gas
front using images obtained from a Scanning Electron Microscope (SEM) (Wang et al.
2009). Rad, Shorki and Sahimi observed precipitation of halite in identified “evaporation
spots” where significant decreases in water saturation induced precipitation as the NaCl
concentration exceeded its solubility limit (Norouzi Rad, Shokri, and Sahimi 2013).
While it is understood that experimental studies provide valuable insight into some of the
theoretical and underlying factors which may influence mineral halite precipitation,
numerical studies are required to translate the purported impact of this precipitation onto
the field scale in order to determine the significance of this phenomenon. Pruess and
Müller performed much of the early stages of numerical investigation into injection
impairment employing the use of the TOUGH2/ECO2N reservoir simulator to model halite
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precipitation. Conclusions of their findings reported an absolute permeability reduction to
as little as 40% of original values in the near well-bore region following 2 years of
continuous CO2 injection. Pruess and Müller also discussed the potential benefits of
performing a small water pre- flush prior to injection and suggested injection of CO2 pre
saturated with brine could mitigate some of the evaporation effects observed, while
addressing the need for future sensitivity studies (Muller et al. 2009). Andre, Azaroul,
Peysson, and Bazin suggested several factors including initial salinity of the in situ brine
phase and gas injection flow rate could play a significant role on determining the
magnitude of halite precipitation employing the same TOUGH2 numerical model (André
et al. 2011). It is clear that further studies need to be performed incorporating flow
simulation in conjunction with geochemical models in order to more accurately capture
and represent the complex mineral interactions taking place during CO2 injection, near the
wellbore.
This project proposes to develop a model to represent CO2 injection into a designed
reservoir in order to investigate the potential impacts on reservoir characteristics and well
injectivity. To this end the commercial software GEM, the compositional and
unconventional reservoir simulator, developed by the Computer Modeling Group (CMG)
will be employed in order to observe several mineral reactions including halite and the
effects of mineral precipitation and dissolution and the proposed significance on well
injectivity. Sensitivity studies will be performed to examine the potential impact of
different reservoir and injection characteristics. Lastly, methods for mitigation of mineral
precipitation will be modeled and subsequently observed, and their effectiveness in
decreasing negative impacts on well injectivity addressed.
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Chapter 2: Background
Energy from carbon based fuel sources is obtained primarily through exothermic
combustion reactions involving oxidation of a fossil fuel source. Although biofuels, fuel
sources derived from recently grown organic matter, also comprise a portion of the carbon
based fuels used in energy markets, fossil fuels, fuel sources derived from prehistoric
decomposition of matter, remain the predominant source of fuel in use, accounting for
nearly 80% of global energy use(Nicholls and BP (Firm) 2007). The most common fossil
fuels in use today, coal, petroleum oil, and natural gas, also contain the highest carbon
content and have seen a steadily increasing rate of consumption over recent years. Due
largely to the inherent advantages, including availability, competitive cost, ease of
transport & storage, and vast resources, the Energy Information Administration (EIA)
Annual Energy Outlook projects that by the year 2035 all three of these fuel sources will
see an increase in both production and consumption contributing to a global increase in
Green House Gas (GHG) emissions(Annual Energy Outlook 2012 - Energy Information
Administration, 2013).
The increased reliance on these fuel sources translates into increased levels of carbon
dioxide (CO2) into the atmosphere and has been well documented both academically and
publicly. The concern over the relationship between increasing GHG emissions and global
climate change is one which has gained increasing exposure in the public eye over recent
years. Popular documentaries such as An Inconvenient Truth 2006 have increased public
awareness and concern over GHG emissions and the role CO2 gas emissions play in
particular. In addition, recent guidelines from the Environmental Protection Agency
(EPA), propose rules which would require a 30% decrease in CO2 emissions from power
plants, its largest source, by the year 2030 (Davenport 2014). There does appear to be
some evidence which supports the theory that increasing atmospheric concentrations of
CO2 is the primary cause for recent ‘global climate change’, which is currently estimated at
0.3-0.6 °C during the last 150 years and is projected to increase over the next
century(Ledley et al. 1999). This trend can be observed in Figure 2.1 below.
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Figure 2.1: Recorded global average temperatures as compiled by the Climatic Research Unit of the University of
East Anglia and the Hadley Centre of the UK Meteorological Office (Qi 2009)

According to the Intergovernmental Panel on Climate Change (IPCC) (2005) reports, in
the mid- 1990s annual CO2 emissions to the atmosphere amounted to 7.4 billion or giga
tons of carbon (GtC), mostly from fossil fuel combustion. It was estimated that 2.2 GtC
were taken up by the oceans and 1.7 GtC by photosynthesis and plant growth, with 3.5 GtC
entering the atmosphere as free carbon dioxide. Thus the conversation over improving
global climate conditions has focused on the growing need for methods of mitigation for
the increase in CO2 emissions. Three methods currently stand out as viable options for
accomplishing a reduction in emissions of CO2.
1. Reducing overall demand for energy, e.g. by increasing energy prices or
improving energy efficiency.
2. Switching from fossil fuels to zero-carbon sources such as nuclear power and
renewables.
3. Sequestering the emissions, either directly by capturing the emissions before
they reach the atmosphere and storing them (perhaps in some suitable geologic
formation) or by removing carbon dioxide from the atmosphere, e.g. by increased
levels of a forestation.
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Of the three methods, the capture and sequestration of CO2 stands to be both the most
viable and the most encouraging in the near future and thus warrants a more in depth look
into how this process can best be implemented and optimized.

6

Chapter 2.1 Carbon Capture and Storage
Carbon dioxide sequestration also known as Carbon Capture and Storage has over
recent years developed and emerged as a leading source of CO2 emission reduction. The
fact that the technology requisite for substantial CO2 injection already exists and is
currently in use in such methods as enhanced oil recovery (EOR) has aided in spurring its
recent development.
The process begins with the capture of CO2 emissions from stationary emission sources for
future storage. CO2 capture is a highly complex procedure which requires the separation of
CO2 from hydrocarbon gases and subsequent dehydration and compression stages in order
to make the CO2 stream suitable for pipeline or tanker transport.
There are various types of carbon dioxide sequestration including mineral sequestration in
which stable carbonates are formed from an exothermic reaction between CO2 and
naturally occurring silicate minerals. Commercial deployment of this storage method
would however require significant amounts of energy both from the carbonation process
and the mining/transportation processes needed to perform operations at scale. Oceanic
sequestration, in which CO2 is captured and injected offshore to be dissolved in seawater,
has been researched and modeled for years but has not been piloted or demonstrated at
scale. Several concerns exist however over the security of this storage method and even the
legality under the London Protocol(OECD/IEA 2014). Geologic sequestration in which
CO2 is injected in dense form into underground storage sites is a storage method widely
held to hold great potential (Nicholls and BP (Firm) 2007). The capacity for storage and
the respective carbon dioxide retention/ residence time frames for various potential CO2
sinks can be seen in Table 2.1.1 below.
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Table 2.1.1: Potential global capacities and carbon dioxide residence times for various carbon sinks (BAŞBUĞ
2005)

Sink

Capacity (GtC)

Retention (Years)

Oceans

1000-10000a, 50-350b

Up to 1000

Forestry

60-90

50

Agriculture

45-120

50-100

Enhanced Oil Recovery

20-65

Tens

Coal Beds

80-260

>100000

Depleted Oil and Gas Reservoirs

130-500

>100000

Deep Aquifers

30-650c

>100000

a Estimated physical capacity
b Assumes limitations through environmental considerations
c Hendricks puts the total geologic capacity at up to 14000 GtC if structural traps are not required for secure
storage.

Figure 2.1.1: Carbon Capture and Storage of carbon dioxide emissions from a coal fired plant. (Nicholls and BP
(Firm) 2007)
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One of the most promising types geological carbon capture involves the underground
injection of CO2 into underground rock formations. Figure 2.1.1 displays the capture and
transport of CO2 into one such formation.
This method traps the CO2 in porous rock layers beneath the surface trapped by
impermeable non-porous capstone rock to prevent CO2 migration. The question now
becomes both a matter of identifying the capacity for geologic storage and assessing the
ideal formation characteristics for underground storage. There are three main formation
types for geologic CO2 storage. As the hydrocarbon storage capacity of current petroleum
and natural gas fields is fairly well understood, these reservoirs initially pose the first and
most attractive storage category. The initial mechanisms which initially trapped large
stores of hydrocarbon would indicate that there is little chance for CO2 leakage or
migration back to the surface. In addition reservoir characteristics for former producing
wells are generally extensively studied and well infrastructure is usually already in place.
The second category consists of geological trap formations such as reservoirs which have
properties similar to producing fields yet do not contain significant hydrocarbon content
and unmineable coal beds. CO2 injected into coal beds is sequestered as it adsorbs onto the
coal matrix and has the added benefit of generating methane which as opposed to coal is a
cleaner burning fuel capable of producing lower GHG emissions when burned.
The last category, deep saline aquifers, is the least understood as the geology of such sites
is rarely as well documented as it is for oil and gas reservoirs and coal beds, as unlike these
sites injection into saline aquifers offers no economically producible side product to offset
characterization and storage costs. In addition once the CO2 is injected the properties of its
subsurface flows are complex, involving multiphase fluid flow, CO2 dissolution into
groundwater, mineral precipitation and dissolution, and water-rock interactions. Despite
the lack of a thorough breadth of understanding of this this category, saline aquifers
continue to garner significant increasing interest for the advantages these potential storage
sites display.
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Typical aquifers can be categorized into two main types-freshwater aquifers which contain
low levels (1000 to 3000 mg/l) of total dissolved solids (TDS) and saline aquifers.
Freshwater aquifers are generally found at shallow depths, and hence reservoir pressures
are too low for economic storage of high density supercritical CO2 (scCO2). Deep aquifers
contain high salinity connate water that can serve no purpose for industrial and agricultural
use and is uneconomic for treatment for human consumption. These deep saline aquifers
are already currently used for injection of both hazardous and non-hazardous liquid waste
byproducts. The high pressures which are encountered within deep saline aquifers would
also serve to indicate that these formations are capable of handling the increased
pressurization which would accompany large scale CO2 injection.
Within deep saline aquifers, CO2 when injected spreads in the porous medium, displacing
formation water and occupying an increasing portion of the ﬂow domain, where it is then
trapped through a combination of physical and chemical processes (Yang et al. 2010).
These trapping mechanisms can be classified into three main processes
1) Geological or structural trapping in which CO2 is stored as free CO2 in rock pore
space previously occupied by connate water and displaced by the injected CO2,
trapped by the structure of the formation and seal rock units. Through this
mechanism residual saturation trapping may occur as CO2 is trapped in pore space
by capillary pressure forces.

2) Mineral trapping by which CO2 is involved in further chemical reactions and is
chemically bonded with components in the rock to form new stable minerals

3) Hydrodynamic or solubility trapping in which CO2 is stored in water as a result of
its solubility in water.
The aforementioned mechanisms listed above all lead to effective storage of CO2 as a free
phase in pore space or as a dissolved phase in formation water, or to the conversion of CO2
into the rock matrix (Izgec et al. 2008). During injection, all the trapping mechanisms are
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either unavailable or of slight importance. Hydrodynamic trapping requires a longer
dissolution time and eventual convective mixing, and mineral trapping occurs over still
longer time period. It is however important to be able to predict the quantitative influence
of these storage systems in a preliminary stage of developing an underground CO2 storage
project.
Deep saline aquifers thus stand as the most attractive in terms of volume, duration,
economics and minimum or null environmental impact. Also, in these deep saline aquifers,
for the temperature and pressure range of interest the supercritical state of CO2 which is
characterized by a gas type of behavior with a liquid type of density is the most desirable
phase for the injection purposes.
The IEA Greenhouse Gas R&D Programme estimates with current technology that deep
saline aquifers have the capacity to hold up to 10 Trillion tons of CO2 for geologic storage.
This would represent a capacity capable of storing 500% of the estimated total CO2
emissions between the year 2000 and 2050 (Nicholls and BP (Firm) 2007). Besides the
immediate appeal due to storage size, saline aquifers hold many other advantages which
make these reservoirs attractive locations for injection.
CO2 storage deep saline aquifers have little proposed functionality as the water in place
cannot be produced for drinking purposes cost effectively. Identification of saline aquifers
often comes in conjunction with the discovery of nearby hydrocarbon reserves and thus
this association can be used to easily identify possible saline storage sites when
hydrocarbon reserves are struck. With proper formation characteristics, site selection, and
management CO2 can safely and effectively be stored with a greater than 90% chance that
99% of injected CO2 will remain sequestered for the first 100 years (IPCC, 2005).
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Perhaps one of the most important advantages for injection into deep saline aquifers is that
the technology already exists and has been developed by the oil and gas industry and is
currently in play in fields such as Snøhvit, Sleipner Vest, and In Salah all joint venture
projects undertaken by the Norwegian operator Statoil (Nicholls and BP (Firm) 2007).
Thus the impetus to research the fundamentals behind CO2 injection into these saline
aquifers as well as develop methods for visualization and characterization is quite evident.
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Chapter 2.2 CO2 /Brine/ Mineral properties within Deep Saline Aquifers
One cannot begin to fully understand the complex processes which govern CO2
mobility and storage in deep saline aquifer systems and address the challenges to
prolonged injection without first considering the conditions under which CO2 exists in
such environments and acknowledging the physical and chemical processes active. At
normal atmospheric conditions representing standard surface temperature and pressure
CO2 is found as a thermodynamically stable gas heavier than air. The phase diagram of
pure CO2 shows a critical temperature of 31°C and a critical pressure of 7.38 MPa. Below
this temperature and/or pressure the CO2 is either in a liquid or vapor phase, as can be seen
in Figure 2.2.1 below.

Figure 2.2.1 Phase Diagram of pure CO2 (McKenzie et al. 2004)
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At pressures and temperatures above the supercritical point, as is often found in deep
aquifer formations, the pure CO2 exists in a supercritical state. At these higher pressure and
temperature conditions, CO2 behavior retains certain gas like properties by filling all the
available volume, but has a liquid like density that increases, depending on pressure and
temperature, from 200 kg/m3 to approaching the density of water at 1000 kg/m3. This
behavior can be seen in the Figure 2.2.2 below.

Figure 2.2.2 Variation of liquid CO2 density as a function of temperature and pressure (Intergovernmental Panel
on Climate Change 2005)

The viscosity of CO2 plays a significant role in determining CO2 mobility and like density
is also highly dependent on the pressure and temperature conditions once in the
supercritical phase, as can be seen in the Figure 2.2.3 below. The viscosity of CO2 once in
this phase can take on a range of values increasing from .03 mPa•s up to .13 MPa•s. At the
typical conditions found within deep aquifer systems the viscosity may be 5–40 times less
viscous than the interstitial brine, leading to a highly convoluted interface, or multiphase
region, separating the two pure ﬂuids (Nordbotten, Celia, and Bachu 2005).
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Figure 2.2.3 Variation of liquid CO2 viscosity as a function of temperature and pressure (Intergovernmental Panel
on Climate Change 2005)

The natural formation water properties are dictated largely by the pressure and temperature
which can vary in sedimentary basins from surface conditions to pressures greater than 100
MPa and temperatures in excess of 300°C. The salinity of the reservoir will also play a
significant role in affecting water properties that play key roles in the chemical reactions
between CO2, water, and the host rock formation during CO2 sequestration; since as
mentioned previously, the total dissolved solids (TDS) affects the solubility of CO2 in
brines. The chemical characteristics of the in situ water will depend on its original
composition and the rock mineralogy and is the result of time dependent processes
including water-rock kinetic interactions, and the main transport processes i.e dispersion,
diffusion, and advection (Brantley, Kubicki, and White 2008).
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There are three main categorizations for waters from sedimentary basins worldwide. Low
salinity waters with TDS lower than 10000 mgL-1 typically contain major salt components
other than NaCl such as NaHCO3 or NaSO4. The second and most prevalent water type is
characterized by NaCl, but is generally not saturated by mineral halite. The last type,
Hyper-saline brines which exhibit salinities greater than 300000 mgL-1, contain mostly Na+
and Cl- with varying amounts of Mg+2, K+, and Ca+2 (Parnell 1994).
There exists a direct relationship between salinity and the fluid density of in situ brine in
saline sedimentary systems as this property increases as a function of salinity. The
dissolved solid content within saline brine adds mass to the water in which it is dissolved
thus producing a greater mass per unit volume higher than that of pure fresh water. In the
subsurface formation temperature and pressure work in contrast, with elevated
temperatures reducing brine density, and higher pressures resulting in increasing density.
Another significant property, the brine viscosity, is observed to be strongly dependent on
temperature, decreasing with increasing temperatures. This fluid property is less dependent
on salinity and almost negligibly dependent on pressures since liquids are normally
incompressible and increases in pressure bring no significant increase in the compaction of
molecules, however at extreme pressure conditions the formation brine may display slight
elevations in measured viscosity. Several experimentally tested correlations have been
developed in order to model these parameters along the range of conditions observed in the
subsurface, most common of which are the Rowe-Chou correlation for fluid density and
Kestin correlation for determination of fluid viscosities (Adams and Bachu 2002).
Due to the solubility of CO2, a portion of injected CO2 will dissolve in the formation water.
The amount of CO2 that dissolves in water is a function of pressure, temperature, the
overall salinity/ TDS of the aqueous phase, and to a smaller extent the amount of dissolved
natural gases such as CH4. The effects of naturally occurring gas however on affecting the
water density and viscosity properties may be considered negligible in comparison with the
effects of salinity and temperature as the amount which is dissolved is usually minimal.
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Soluble CO2 when dissolved in water can be expected to partake in chemical reactions as a
solute. Once dissolved, CO2 in the aqueous phase will undergo a series of reactions which
can be seen below in equations 1 and 2.
(Eq 1)
Bicarbonate

(Eq 2)
Carbonate

These series of reactions result in the formation of the weak acids bicarbonate and
carbonate resulting in a decrease in the pH of the host brine. CO2 is more capably dissolved
in formations which have large proton sinks such as feldspar and clay minerals which drive
the above reactions towards the products. The typical reactions for such sandstone
reservoirs containing Quartz, K-Feldspar, Kaolinite and Illite are shown in equations 3,4,5
and 6 (BAŞBUĞ 2005; Nghiem et al. 2004).
(Eq 3)
(Eq 4)
(Eq 5)
(Eq 6)
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The consumption of CO2 in mineral dissolution highlights the role of CO2 as a natural acid
which reacts with silicate mineral in sediments and can lead to changes in the morphology
of the formation in which CO2 is injected. The aforementioned, details a few of the
chemical and physical properties which largely influence the interactions between injected
CO2, in situ brine, and the host rock formation. In actuality there are other side processes
i.e. fluid buoyancy and relative permeability as well as unknown interactions which could
potentially alter the ability for injection of CO2 into the saline formation, further
highlighting the importance of studies to further explore the potential for negative impacts.
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Chapter 2.3 Literature Review
Successful development of further technologies aimed at increasing the
effectiveness and thus the appeal of CO2 injection will hinge not only on analysis of the
risks associated but also on identification of the geophysical factors which affect and
potentially limit injection. It is thus important to delve into an overview of the current
literature concerning the main facets of the physical interactions and chemical reactions
which take place once injected CO2 in saline aquifers comes in direct contact with the in
situ brine.
At depths greater than 500 feet, as is found in deep saline aquifers, injected CO2 exists
almost entirely in its super critical state such that the fluid exists past its critical point
temperature and pressure. CO2 injected in this phase has a density of 467.6 kg/m3, allowing
for a considerably larger volume of CO2 to be injected into the reservoir in the super
critical phase as opposed to in the gas phase (Kaszuba, Janecky, and Snow 2003; Eke et
al. 2011). Dry scCO2 once exposed to brine effectively vaporizes the formation water
leading to an increase in the salt concentration and eventual precipitation most often in the
form of halite (Giorgis, Carpita, and Battistelli 2007).
The pattern of precipitant salt changes the morphology of the porous medium as pore space
becomes occupied, affecting flow and reactive transport processes in it (Norouzi Rad,
Shokri, and Sahimi 2013). The region most noticeably affected by the altered formation
porosity is located near the wellbore and can result in decreased injectivity of CO2 further
into the reservoir (Bacci, Korre, and Durucan 2011). The extent to which precipitation
occurs as well as the precipitation pattern is variable but can be quite substantial and will
depend on many factors including but not limited to salinity, solubility limit of water in the
injected scCO2 plume, rock matrix properties, and time frame for injection into the
formation (Ott et al. 2011).
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The aforementioned factors will be reviewed in depth presently, detailing a process by
which the evaporating wetting liquid, brine in this case, is displaced by the mobile nonwetting gas phase, CO2 (Yiotis et al. 2004). Injected CO2 removes water through the means
of gas expansion in a two-step process. The first step is immiscible displacement by
viscous pressure drop, and the second step is the domination of an evaporation regime
throughout the injection (Mahadevan et al. 2007). The various developing regions
detailing the interface between the displacing fluid and the brine wetting phase as a result
of viscous displacement can be observed in Figure 2.3.1 below. Dissimilarity between
drying and common drainage processes can be observed in that during drying a region is
developed between the displacement fluid, Region i, and the continuum liquid phase,
Region iii. This region, Region ii in the figure, contains disconnected clusters which
develop in front of the continuum liquid phase and act to partially screen it from the
evaporating side of the porous medium slowing down mass transfer into the gas phase
(Yiotis et al. 2004).
Gas
Injection
Disconnected

Region (iii)

Clusters (DC)
C

Region (ii)

Continuous Liquid

Region (i)

Phase (CC)

Figure 2.3.1: Drying of a liquid in a porous medium (Yiotis et al. 2004)
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The factors which cause salt precipitation in deep saline reservoir systems are determined
both through chemical and physical processes. Although chemical processes have their
contribution to the overall precipitation of salt out of solution, in porous medium these
interactions are of negligible significance when compared to the effects of formation dry
out from physical processes (Xu et al. 2007). The physical behavior of the flow system, as
CO2 is injected into the brine reservoir, results in evaporation as water is removed into the
flowing dry CO2 stream (Muller et al. 2009). This process can thus be seen effectively as a
drainage process.
The increased relative gas permeability which results as more and more water is removed
allows for further ease of injection of scCO2 and perpetuates the evaporation regime.
Further drying is induced as injected CO2 creates a saturation gradient on brine in the pore
space. Once the resulting capillary pressure overcomes the injection pressure gradient brine
is driven by capillary forces back towards the evaporation front further supporting
evaporation (André et al. 2011). At the end of this process immobile residual water is left
entrapped in the pores or as a thin film of brine on the surface of the rock as gas continues
to migrate in the medium occupying the center of the pore space (André et al. 2011). Once
at residual water saturation only the evaporation regime exists and increased injection of
dry scCO2 can lead to formation dry out as this residual brine is exposed to constant
contact with the flowing dry scCO2 plume which has low water vapor pressure.
The removal of formation water results in an increase in salt concentration and results in
precipitation of salts mainly consisting of halite once the solubility limit is reached (Bacci,
Durucan, and Korre 2013). Studies on the pore scale analysis of salt precipitation detail
two primary methods by which salt precipitates out of solution during the injection
process. The first from of precipitation involves large bulk crystals which develop when an
individual crystal nucleates within the continuum liquid phase away from the CO2
interface. The second form consists of the development of aggregated polycrystalline
structures near the CO2 –brine interface preferentially upstream of the isolated pores i.e
near wall region (Kim, Sell, and Sinton 2013).
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The bias towards upstream in the interstitial salt formation also serves to support the
indication of highly saline film flow driven by capillary forces along the main pore
channels. The development of the two forms of salt crystals appears to be dependent on the
method of water removal through gas expansion, as formation of the bulk crystals is
largely associated with the early duration of the injection process when viscous forces
dominate, while polycrystalline structures aggregate over later times during the
evaporation regime (Kim, Sell, and Sinton 2013).
Precipitant salt tends to coat quart grains with platy crystals over pore throats and grains
(Muller et al. 2009). These salt crystals can have damaging effects when one considers
their ability to alter pore characteristics particularly in the near well bore region where
evaporation is the most severe and precipitation is more prevalent. As the salt precipitates
it alters the void space available for fluid flow in the medium. Reductions of porosity up to
22% have been observed in previous core scale experiments (Kim, Sell, and Sinton 2013).

Figure 2.3.2: Schematic showing CO2 injection into deep saline aquifer & pore scale view of salt precipitation in
formation (Zhang, Moridis, and Pruess 2011)
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Figure 2.3.2 depicts how the three phases, CO2 rich vapor, liquid brine saturated with CO2
and salt and solid halite precipitate coexist to occupy the available pore space during
injection. The resulting reduction in permeability is not merely a function of the decrease
in porosity but also dependent on both the spatial distribution of the precipitant and the
geometric properties of the pore channels which impact fluid movement (Zhang, Moridis,
and Pruess 2011). Declines in permeability, in some cases up to 90% of the initial
permeability, will be dependent on factors such as solution composition, initial
permeability, temperature, flow-rate and length of injection period. Severe declines could
result in a significant increase in bottom-hole pressure which produces a substantial loss of
injectivity in the well and can limit the amount of CO2 which can be injected, detracting
from the reservoirs storage capacity (Muller et al. 2009; Izgec et al. 2008).
There are many proposed factors which play a role in influencing the degree of salt
precipitation, distribution of precipitant, observable effects, and other aspects associated
with salt precipitation in saline aquifers. Proposed factors in literature include formation
salinity, brine mobility, formation pressure and temperature, and injection rate.
Salinity of the formation brine plays maybe the most significant role in affecting salt
precipitation. Although increasing brine salinity causes a slight decrease in the
vaporization of water due to the injection of CO2, a significant reduction in the dissolution
of CO2 in the brine is observed. The proliferation of free CO2 in the gas phase leads to an
increase in velocity of the CO2 front advancement through the aquifer (Zeidouni, PooladiDarvish, and Keith 2009). As salinity increases, salt precipitation particularly later in the
injection time frame, increases accompanied by a reduction in CO2 solubility in the brine
phase.
Saturation profiles play a large role in determining fluid movement through the aquifer as
brine is driven from regions of high saturation to regions of low saturation by capillary
pressure. Capillarity serves to increase rates of evaporation by supplying liquid to the
drying front. Thus the balance between water induced by this capillary action and water
removed determines the saturation profile in the aquifer (Mahadevan et al. 2007).
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Brine mobility or the aqueous phase relative permeability plays a significant role in
influencing the balance. When CO2 is injected into an aquifer with brine having low
relative permeability, the evaporation front advances with minimal salt precipitation and no
substantial decrease to injectivity is observed. In contrast, when CO2 is injected into an
aquifer with brine having high relative permeability there is increased precipitation as the
precipitation front is continually recharged by the brine flowing back towards the well,
driven by the capillary pressure gradient (Giorgis, Carpita, and Battistelli 2007).
The pressure in the aquifer serves to influence the injected CO2 plume size. At conditions
for injection, CO2 is in its supercritical state and thus propagates as a dry scCO2 plume into
the aquifer. Increases in pressure increase the viscosity of the scCO2 phase relative to the
aqueous brine phase, limiting its mobility and plume size. The amount of salt precipitation
is however controlled by the combined effect of mobility and vaporization and thus
although the mobility of the scCO2 plume is limited increases in vaporization and salt
precipitation are observed at higher pressures (Zeidouni, Pooladi-Darvish, and Keith
2009).
The impact of temperature on salt precipitation is observed to be small compared to the
contributions of both pressure and salinity. The effect of temperature on salt precipitation
is pressure dependent in that at higher pressures salt precipitation is observed to increase
with increases in temperature whereas at lower pressures there is an initial decline in the
salt precipitation as temperature increases (Zeidouni, Pooladi-Darvish, and Keith 2009).
The effect of injection flow rate on salt precipitation is not as readily understood as other
properties. An increase in injection flow rate promotes greater evaporation by limiting the
effects of impedances to the propagation of the evaporation and precipitation fronts
through the aquifer. The increase in injection rate however, also results in a higher
injection pressure gradient which acts against the capillary forces directing brine flow back
towards the wellbore (Giorgis, Carpita, and Battistelli 2007).
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The majority of the factors show variation in the extent of their observable effect and can
display even further variation when one considers the complexities introduced if the
aquifer is considered to be heterogeneous. Furthermore, the bulk of studies performed
assessing the implications of these factors have been done on the laboratory core scale and
thus there exists the need for numerical investigations into the nature of these properties on
a larger scale if one is to fully understand the nature of salt precipitation in saline aquifers
and optimize potential commercial sequestration of CO2.
In investigating the effects of salt precipitation on CO2 injection various research studies
have been performed, however the large majority of these studies incorporate simulation
techniques, be it numerical or analytical, in order to observe precipitation effects in
simulated field studies. Muller et al. (2009) performed a one dimensional simulation of
CO2 injection into a field using the reservoir simulator TOUGH2. Dry scCO2 was injected
for a period of 2 years and the alteration to porosity and permeability in the hypothetical
reservoir monitored. Halite precipitation was observed to lead to an alteration in pore
geometry as porosity was decreased. Permeability in the near well bore region was
observed to decrease to 40% of initial values. A significant outcome of this study was the
discovery that an initial pre-flush of the reservoir with fresh water resulted in lower salt
deposition.
André et al. (2011) performed a study in order to evaluate the consequences of salt
precipitation on injectivity while observing the dynamics of water saturation decrease in
sandstone formations. This study also employed the use of the numerical reservoir
simulator TOUGH2 in order to demonstrate that precipitation and the degree of salt
deposition are related to initial brine salinity, residual water content, gas injection flow rate
and the capillary forces inherent in the reservoir system.
The work of Giorgis, Carpita, and Battistelli (2007) investigating halite precipitation in
depleted gas reservoirs suggested that halite precipitation could substantially alter
formation permeability and produce decreases in injectivity only when the brine phase has
enough mobility to overcome the effects of injection pressure and capillary pressure
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gradients. This work also highlighted the importance of injection rate in determining the
degree of salt precipitation. The results of the study posited that high injection rates, rates
in excess of 1 kg/s, allow for injection continuity, limiting the effect of precipitant on
injectivity.
A study performed by Yuan Wang and Liu (2013)provided insight into the effects of
capillary pressure on permeability impairment due to salt precipitation and allowed for the
characterization of optimal sites for CO2 injection. Using the aforementioned TOUGH2
numerical simulator in conjunction with the theoretical Verma & Pruess tube in series
model for characterizing pore channels, permeability impairment was quantified and
observed to increase with increasing capillary pressure. Homogeneous formations of large
pore size were identified as optimal for CO2 injection into saline aquifers as the effects of
salt precipitation did not produce as significant a decline in permeability.
Pruess and Müller (2009)set out to investigate the fundamental aspects of formation dry
out and salt precipitation using numerical simulations of the relevant multiphase flow and
interphase mass transfer processes. The results of simulations performed using TOUGH2
and ECO2N, a fluid property module capable of modeling fluid properties for a brine/CO2
system of varying pressure, temperature, and salinity, revealed that salt precipitation in the
reservoir system is limited only to the dry out region in the near well bore region and does
not occur in two phase zone beyond this region. This model is however limited to 1-D
radial flow with constant injection rate in homogenous porous medium with uniform initial
conditions thus limiting its application.
Zeidouni, Pooladi-Darvish, and Keith (2009) used an analytical model in order to
investigate the effect of different parameters such as reservoir, pressure, temperature, brine
salinity etc. on both maximum CO2 plume size and amount of salt precipitation. It was
found that plume size is most sensitive to pressure and the aqueous phase relative
permeability while salt precipitation was most influenced by brine salinity and aqueous
phase relative permeability and least sensitive to pressure and temperature. The model is
limited in its application as it assumes homogeneity, local phase equilibrium, constant
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pressure and temperature, no diffusion/dispersion, and a lack of both capillary and gravity
forces.
While experimental investigations into the phenomenon of salt precipitation in saline
aquifers have been performed, there are few research studies which set out to observe
precipitation and its effect on reservoir parameters particularly with respect on porosity and
phase relative permeability.
Mahadevan, Sharma, and Yortsos (2007) employed the use of X-ray CT scanning to
visualize saturation profile evolution in Berea sandstone core samples due to gas injection.
The resulting saturation profiles demonstrate that drying can be attributed to gas
expansion. This study was the first to provide direct experimental evidence that removal of
the water phase and resultant salt precipitation is possible due to a reduction in pressure
when a compressible gas such as CO2 flows through a porous medium. This study also
identified the connection between the rate of drying and both the state of saturation of the
injection gas as well as initial permeability and wettability of the porous medium.
Bacci, Korre, and Durucan (2011) performed supercritical CO2 core flooding experiments
on core samples saturated in brine in order to establish a relationship between porosity and
permeability changes due to salt precipitation. Several levels of reduction in both
parameters was observed due to halite deposition in the samples during testing with
findings showing that a small reduction in the porosity of the samples often induced
significant impairments in permeability. The correlation between these two properties was
then used for a V&P model calibration which was subsequently used in numerical
simulations.
Ott et al. (2011) performed a study to investigate the dry zone formation near the injection
site caused by CO2 injection. Dry scCO2 was injected into brine saturated siliciclastic
sandstone core samples until complete drying. The results of the study concluded that salt
accumulation could be attributed to capillary driven backflow of brine in the reservoir
system. In addition it was observed that although absolute permeability decreased,
effective CO2 permeability increased suggesting little to no change in injectivity for the
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particular experimental conditions used. This result may be attributed to observed cross
sectional precipitation patterns as salt was seen to precipitate in the vicinity of CO2
channels.
Peysson et al. (2011) measured permeability alteration for four different representative
rock samples including limestone and sandstone and 3 differing salt types. Imaging with
scanning electron microscopy revealed that solid salt precipitate mainly occupies pore
throats especially in limestone samples. A linear decrease in permeability could be
observed with precipitation occupying localized pore throats nearer to the surface of the
sample.
Nachshon et al. (2011) explored the process of saline evaporation from a heterogeneous
media. A Berea sandstone core saturated with brine containing NaI was used to investigate
saline evaporation. X-Ray CT imaging was used in order to quantify the spatial
distribution of precipitate salt at the pore scale. Three previously unseen stages of
evaporation were observed and the mechanisms driving these stages identified.
While there is limited knowledge on the process of salt precipitation in saline aquifers, its
causes, and the resulting effects on formation rock and fluid properties, there is even less in
literature in regards to possible solutions to curtailing the issue and mitigating its
deleterious effects on sustained CO2 injection. One possible solution to the issue of salt
precipitation, however, has been proposed in the form of an initial fresh water injection
stage or pre-flush.
Nattwongasem et al. (2014) performed a collaborative research project aimed at
investigating carbon sequestration in saline aquifers in China. Several 2-D simulations
were performed modeling CO2 injection over a period of two years. In the study a
reference case in which there was no initial water injection stage and a case in which a two
month water injection stage preceded CO2 injection were compared. A significant decline
of salt precipitation was observed in the case where CO2 injection was preceded by water
flush. These results lead to less reduction in the reservoir permeability and thus less
pressure buildup in the near well region.
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Hurter et al. (2008) performed a similar study in which numerical simulation was used in
order to model two cases involving CO2 injection. In the first case only CO2 was injected
for a simulated period of two years, while in the second case fresh water was injected for
one month followed by a two year period of CO2 injection. The pre flush case displayed a
diminished amount and distribution of salt precipitate.
The review of the current literature into the effects of halite mineral precipitation indicates
that there is a significant potential for negative effects on formation properties. While more
is being discovered about the underlying principles and the theoretical basis for the
phenomenon, there exists a dearth of knowledge on the quantification of possible impacts
on well injectivity and the actual field scale significance of the issue of mineral
precipitation effects.
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Chapter 3: Problem Statement
It is overwhelmingly clear that there is very large potential for CO2 injection into
deep saline aquifers as a means of effecting long term mitigation of increased GHG
emissions. The benefits of this proposed method of storage, well documented in literature,
make injection in these saline formations a very attractive option and one which in the near
future will presumably have the largest impact.
The observable effects of increased amounts of GHG emissions globally have precipitated
a desire to further understand and develop the methods by which injection into saline
aquifers can be better optimized in order to design further large scale projects. The lack of
knowledge on the subsurface interactions between CO2, the in situ brine, and the host rock
mineralogy at the conditions found within deep saline aquifer formations poses the largest
potential hindrance to optimization of the injection process.
The potential detrimental impact on well injectivity due to mineral precipitation of halite
from evaporation effects within the near wellbore region is of particular interest and has
been studied fairly extensively in laboratory studies identifying moderate to significant
levels of precipitation depending on experimental parameters and conditions. These
observations have spawned thorough debate as to the actual field scale significance of the
issue from those in industry who claim the consequence of such precipitation may be
overstated.
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It is thus the goal of this current study to effectively model and investigate the chemical
equilibria and mineral rate reactions taking place due to CO2, injection within the
subsurface of a hypothetical deep saline aquifer system on the field scale. Once designed
the main objectives of the study will be to
1.) Observe the scale and extent of mineral rate reactions on precipitation/dissolution
within a hypothetical deep saline formation
2.) Quantify the effects of mineral precipitation/dissolution on impacting prolonged
CO2 injection
3.) Perform sensitivity analysis on reservoir and well injection characteristics to
observe impacts on magnitude of halite precipitation
4.) Evaluate the effectiveness of proposed methods for mitigating potential
precipitation
In addressing these four main objectives it is expected that a better understanding of the
impacts of the physical and geochemical interactions taking place between injected CO2
and the host formation/fluid will be obtained.
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Chapter 4: Methodology
In order to address the goals set out by this study the use of a commercial
simulation software package was employed. It was necessary that the simulation package
be able to simulate large field scale injection of CO2 at conditions consistent with those
found in deep saline formations i.e. elevated pressures, temperatures and initial fluid
salinity, while accurately modeling the myriad of complex geochemical reactions naturally
involved. The breadth of numerical studies performed to date have been performed using
either individually developed numerical simulation models or have employed the use of
the commercial numerical simulation program, TOUGHREACT, designed at the Lawrence
Berkley National Laboratory for the modeling of chemically reactive multiphase fluid flow
in porous media. In order to provide an alternative and unique approach to the
investigation at hand the commercial software package developed by the Computer
Modeling Group (CMG) was selected.
Using the compositional and unconventional reservoir simulation module, GEM, within
the package offered by CMG, four separate observational studies listed below were
performed. The studies objectives endeavor to address the unique problem statement at
hand in an attempt to provide insight into ultimately providing analysis for optimization of
CO2 injection into deep saline systems.
1.) Study 1: Field scale analysis of complex mineral precipitation/ dissolution reactions
within homogeneous siliciclastic deep saline aquifer system.
2.) Study 2: Field scale analysis of halite mineral precipitation within a homogeneous
siliciclastic deep saline aquifer system.
3.) Study 3: Sensitivity Study of the potential importance of field and well parameters
affecting halite mineral precipitation.
4.) Study 4: Investigation of suggested method of mitigation of mineral precipitation
effects through water pre-flush.
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Chapter 4.1 CMG GEM Model
In this work the fully coupled geochemical compositional Equation of State
reservoir simulation software GEM developed by CMG was used to model CO2 injection
into a saline aquifer. The commercial software designed to better model compositional and
unconventional reservoir types is capable of modeling complex processes such as gas
condensates, volatile oils, gas cycling, Water-Alternating-Gas (WAG) processes, and many
other multi-component reservoir scenarios and is also capable of model gas injection
processes such as miscible floods, and vaporizing or condensing gas drives. The simulator
is used extensively in gas injection scenarios as it is effective in simulating all the
important mechanisms of a miscible gas injection process i.e. vaporization and swelling of
oil, condensation of gas, viscosity and interfacial tension reduction, and the formation of a
miscible solvent bank through multiple contacts. The GEM model developed is used to
model the following phenomena
1. Convective and dispersive flow in porous media
2. Phase equilibrium between gas and aqueous brine phase
3. Chemical equilibrium for reactions between aqueous components
4. Mineral dissolution and precipitation kinetics
5. Adjustments in well injectivity due to modification of reservoir characteristics
The GEM simulator can be in explicit, fully implicit and adaptive implicit modes to solve
complex partial differential equations. In a majority of cases, only a few grid blocks need
to be solved fully implicitly; while most blocks can be solved explicitly. An option exists
to select an adaptive implicit method which selects a block's implicitness dynamically
during the computation and can be useful for coning problems where high flow rates can
be observed near the wellbore, or in stratified reservoirs with very thin layers. Several
other options are provided for selecting implicit treatment.
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GEM is capable of utilizing either the Peng-Robinson or the Soave-Redlich-Kwong
equation of state (EOS) to predict the phase equilibrium compositions and densities of the
oil and gas phases, and supports various schemes and correlations for determining related
properties such as oil and gas viscosities. The quasi-Newton successive substitution
method (QNSS) developed by CMG, is used to solve the nonlinear equations associated
with the flash calculations in each grid-block. The use of QNSS requires neither the
computation nor the inversion of the Jacobian matrix for each iteration level. Thus for
large sparse systems which arise from the discretization of the reservoir flow equations,
substantial savings can be achieved. Drastic improvements in convergence can be achieved
with QNSS for the handling of gas solubility in the water phase using three-phase oil-gaswater flash calculations (Nghiem 1983).
A robust stability test based on a Gibbs energy analysis is used to detect single phase
situations. The GEM simulator also aligns the flash equations with the reservoir flow
equations to obtain an efficient solution of the equations at each timestep. WINPROP,
CMG's equation of state multiphase equilibrium property package, features fluid
characterization, lumping of components, matching of laboratory data through regression,
simulation of multiple contact processes, phase diagram construction, incorporation of
solids precipitation, and more. WINPROP was used for this model to prepare the EOS data
set for GEM.
GEM uses CMG's Grid Module for interpreting the Reservoir definition keywords used to
describe complex reservoir systems. The grid systems developed can be designed with
variable thickness, variable depth type, or as corner point type, either with or without usercontrolled faulting. Other types of grids, such as Cartesian and cylindrical, are supported as
well as locally refined grids of both Cartesian and hybrid type. It should be noted that
hybrid refined grids are of a locally cylindrical or elliptical nature and prove useful for
near-well computations.
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Regional definitions for rock-fluid types, initialization parameters, EOS parameter types,
sector reporting, aquifers etc. are available in GEM. Initial reservoir conditions can be
established with given gas-oil, oil-water, or gas-water contact depths. Given proper data
from WINPROP input files, fluid composition can be initialized such that it varies
appropriately with depth. A uniform reservoir temperature can be selected or a linear
reservoir temperature gradient may also be specified. Aquifers are modelled by either
adding boundary cells which contain only water or by the use of the analytical aquifer
model proposed by Carter and Tracy (Carter and Tracy 1960).
Bottomhole pressure and the gridblock variables for the blocks where wells are completed
are solved fully implicitly. If a well is specified with completions in multiple layers, its
bottomhole pressure is solved in a fully coupled manner; i.e., all completions are
accounted for. This eliminates convergence problems for wells with multiple completions
in highly stratified reservoirs. A comprehensive well control facility is available where an
extensive list of constraints (maximum/minimum bottomhole or wellhead pressures, rates,
WCUTs, GORs, etc) can be entered. As constraints are violated, new constraints can be
selected to govern the operation of the well.
GEM uses AIMSOL, which is a state-of-the-art linear solution routine based on incomplete
Gaussian Elimination as a preconditioning step to a generalized minimal residual
(GMRES) iteration. AIMSOL has been developed especially for adaptive implicit Jacobian
matrices. For almost all applications, the default control values selected by GEM will
enable AIMSOL to perform efficiently; however for special more complex cases
modifications can be made. GEM additionally utilizes run-time dimensioning to make the
most efficient use of computer resources for quicker simulation run times.
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Various types of simulation result files can be written while GEM is running, including
files for CMG’s RESULTS. RESULTS is CMG’s visualization software that can be used
to examine both 2-D and 3-D reservoir displays, as well as linear graphical plots of
important pre specified dynamic data. GEM uses the data set initially created and then
creates three other output files. Each GEM run may create an output Simulation Results
File (SRF), and an output file, and an output restart file (RST) which is useful when
running both longer simulation runs and when performing sensitivity studies. The input
and output controls can be seen in Figure 4.1.1 below.
SRF
DATA

GEM

OUTPUT
RST

Figure 4.1.1: Input / Output data configuration for GEM Simulator

For a restart run generated in order to initiate a simulation run from a previously run file
the input and output controls can be seen in Figure 4.1.2 below.
SRF
DATA

SRF

GEM

RST

OUTPUT
RST

Figure 4.1.2: Input / Output data configuration for Restart run in GEM

Within the GEM simulator, all equations are solved simultaneously for numerical
robustness and stability. For the purpose of this study the simulator was applied to the
simulation of typical field-scale CO2 sequestration processes, showing the migration of
CO2 (sc) and CO2 (aq), the displacement of the aqueous brine phase and subsequent
vaporization into the dry scCO2 phase. The effects of mineral precipitation and dissolution
were also modeled and observed and correlations employed in order to calculate resultant
permeability changes from changes in porosity.
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Chapter 4.2 Governing Equations
The relevant components of the fully coupled model used by the GEM simulator in
order to simulate injection of CO2, into a hypothetical saline aquifer system and the
solution method shall presently be discussed in larger detail. The modeling of CO2 storage
in saline aquifers involves the solution of the component transport equations, the equations
for thermodynamic equilibrium between the gas and aqueous phase, and the equations for
geochemistry. The geochemical model in turn involves the interactions between the
aqueous species and the precipitation and dissolution of the host rock mineralogy. In order
to provide a better understanding of how the behavior of the dynamic fluid system within
the subsurface is being modeled the following components shall be detailed.
1.) Thermodynamic Equilibrium
2.) H2O Evaporation Effects
3.) Gas and Aqueous Phase Properties
4.) Reaction Stoichiometry
5.) Chemical Equilibrium
6.) Mineral Dissolution and Precipitation Reactions
7.) Well Model
The above concepts represent the governing equations developed within CMG GEM in
order to attempt to accurately capture and represent the complex physical and chemical
interactions involved between injected CO2, in situ brine, and the host rock mineral
components within a saline aquifer. The approach to the solution of the coupled system of
equations is a simultaneous or fully coupled approach in which all equations are solved
concurrently with Newton’s method. The overall success of such an approach relies
heavily on efficient sparse solution techniques and robust solution methods for
multicomponent multiphase flow systems (Nghiem et al. 2004).
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Thermodynamic Equilibrium
Within the model it is assumed that the gaseous phase and the aqueous phase are in
thermodynamic equilibrium. Thus the equality of fugacities of the component in the
gaseous and aqueous phase is used to determine the equation for phase equilibrium as seen
in equation 7 below.
(Eq 7)
Where

The gas is generally considered to be a multicomponent mixture, important for cases when
the injection gas is impure if for instance the injected gas was composed of both CO2 and
N2, however only pure CO2 was considered in this scenario. The fugacity of components in
the gaseous phase, fig, is calculated from a selected equation of state i.e Peng and Robinson
(1976) or Soave (1972).The fugacity of gaseous components soluble in the aqueous phase
is calculated using Henry’s law seen in equation 8 below.
(Eq 8)
Where

The Henry’s constants, Hi, are functions of formation pressure, temperature, and salinity
and correlations developed by Harvey (1996) are implemented to reflect this behavior.
Equation 9 below shows the estimation of Henry’s constants at the H2O saturation pressure
and temperature
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(Eq 9)

Where

⁄
Table 4.2.1 below provides the values of the parameters A, B, and C for gases of interest

Table 4.2.1: Parameters for correlation of aqueous Henry’s constants (Harvey 1996)

Gaseous Solute
CO2
N2
H2S
CH4

A
-9.4234
-11.6184
-5.7131
-11.0094

B
4.0087
4.9266
5.3727
4.8362

C
10.3199
13.3445
5.4227
12.5220

The saturation pressure

of H2O at T is calculated from the Saul and Wagner (1987)

correlation shown in equation 10 below
(Eq 10)
Where
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The Henry’s law constant at p and T is now given by equation 11 below.
∫

̅

(Eq 11)

Where ̅ is the partial molar volume of component i in the aqueous phase evaluated at the
temperature, T. Equation 12 below shows the correlation developed by Garcia (2001) used
in order to estimate this value for CO2.
̅

(

⁄

̂

)

̂

̂
(Eq 12)

Where ̂ is the temperature in °C. The gas solubility depends on the salinity of the aqueous
phase and results in a salting out effect in which the solubility of light gases is observed to
decrease with increasing salinity. This effect is captured by the salting out coefficient
implemented in GEM. The relationship between the Henry’s constant in brine and the
Henry’s constant in pure water as a function of the salting out coefficient is given by
equation 13 below.
(

)

(Eq 13)

Where

(

⁄

)
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Equation 14 below shows the correlation developed by Bakker (2003) for estimating the
salting out coefficient for CO2 as a function of temperature.
̂

̂

̂
(Eq 14)

H2O Vaporization
As previously mentioned, the effect of the physical process of saline water evaporation
within the formation plays a pivotal role in contributing to salt precipitation. To model the
vaporization of H2O the equation for thermodynamic equilibrium is applied to the H2O
component as shown in equation 15 below.
(Eq 15)
The fugacity of the fluid in the gas phase,

, is calculated using a cubic EOS in the

same manner used for the gaseous components. The fugacity of the fluid in the liquid
phase is then calculated using the following procedure
1.) Calculation of fugacity of saturated H2O at reservoir temperature T
The equation developed by Canjar and Manning (1967) is employed seen in equation 16
below.

(Eq 16)
Where

If the value of

is lower than 90°F the right hand side of the equation is equated to 1.
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2.) Calculation of saturation pressure of H2O at reservoir temperature T.
Equation 10 developed by Saul and Wagner (1987) is used to this end.
3.) Calculation of molar volume at Temperature T
The Rowe and Chou (1970) equation is used to calculate the specific volume of H2O and is
shown by equation 17 below.
̂

̂

̂

(Eq 17)

Where
̂

̂

(

( ⁄

⁄ )

)

And where the remaining parameters are given by the following equations 17a, 17b, and
17c.

(Eq 17a)

(Eq 17b)
(Eq 17c)

42

The molar volume of H2O is then given by equation 18 below
̂

(Eq 18)

Where
⁄

4.) Calculation of fugacity of pure H2O at pressure (p) and temperature (T)
The fugacity of pure H2O at the given pressure (p) and temperature (T) is calculated from
equation 19 below.
(∫
Where

and

)

(Eq 19)

are estimated from equations 16 and 18 respectively

5.) Calculation of fugacity of H2O at pressure (p) and temperature (T) in aqueous
solution.
The fugacity of H2O in the aqueous phase is finally calculated using equation 20 below
(Eq 20)
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Gas and Aqueous Phase Properties
The gas phase density is calculated using the Peng-Robinson EOS while the gas phase
viscosity is estimated from the Jossi, Stiel and Thodos correlation shown in equation 21
below.
[(

)

]

(Eq 21)

With the right side term and ξ being defined by equations 21a and 21b respectively
(

)
(Eq 21a)

(Eq 21b)
√

Where

The aqueous phase density and viscosity are calculated from the Rowe and Chou (1970)
correlation and the Kestin et al. (1981) correlation respectively
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Reaction Stoichiometry
The chemical reactions between components in the aqueous brine phase and between the
host rock mineralogy and aqueous components will determine the extent of formation
altering reactions, and thus the GEM approach accounting for these reactions shall be
discussed. The components in the aqueous phase, naq components, consist of gaseous
components soluble in the aqueous phase, nc components, as well as components that exist
only in the aqueous phase, na components. The number of mineral components is given as
nm. The total number of components accounted for is thus given by equation 22 below
(Eq 22)
Reactions between species in the aqueous phase have the following stoichiometry
described by equation 23.
∑

(Eq 23)

Precipitation and dissolution chemical reactions have the following stoichiometry
described by equation 24
∑
is the chemical symbol for the k-th aqueous species, while

(Eq 24)
and

represent the

number of reactions between aqueous components, and the number of reactions between
minerals and aqueous components respectively. The chemical reactions of the type shown
in equation 23 are homogeneous and as such involve only components within the aqueous
phase and thus the summation involves only naq components. The chemical reactions of the
type shown in equation 24 are however heterogeneous involving both mineral components
and aqueous species and thus all components are included in the summation. In addition
the stoichiometric coefficients of all other mineral components except for the reacting
mineral are given as 0 in equation 24, as chemical reactions between minerals are generally
nonexistent.
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Chemical Equilibrium
The chemical equilibrium reactions between aqueous species are modeled with chemical
constants (Bethke 1996). The governing equations for the chemical equilibrium reactions
are defined by equations 25 and 26 below.
(Eq 25)
∏

(Eq 26)

is the equilibrium constant for the given aqueous reaction, αk is the activity of
component k, vk,α are the stoichiometric coefficients and Qα is the activity product. For
many aqueous reactions values,

as a function of temperature can be obtained from

Kharaka et al. (1989)and Delany (1991). The activities are related to the molality by
equation 27.
(Eq 27)
For ideal solutions the activity coefficient, γi, is equal to 1 and thus the activity of each
species is equal to the molality. For most general cases a non-ideal solution is required and
thus an activity model is required in order to predict the activity of each species. The
preferred model used for determination of the ionic activity coefficients in NaCl solutions
is the B-dot model shown in equation 28 below (Bethke 1996).
√
°

√

̇

(Eq 28)

Aγ, Bγ and Ḃ are temperature dependent parameters while ai is the ion size parameter and I
is the ionic strength given by equation 29 below.
∑

(Eq 29)

Where zk is given as the charge of the k-th ion.
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Mineral Precipitation and Dissolution Reactions
Relative to reactions between components in the aqueous phase, mineral
precipitation/dissolution reactions are fairly slow. Because of this fact, mineral
precipitation/dissolution reactions are represented as rate dependent reactions as opposed
to chemical equilibrium reactions. The rate law for the mineral reactions is given by
equation 30 below (Bethke 1996).
̂

(

)

(Eq 30)

Where rβ is the rate of reaction, ̂ is the reactive surface area of the mineral β, kβ is the
rate constant of mineral reaction β,
reaction β and

is the chemical equilibrium constant for mineral

is the activity product of mineral reaction β. The activity product

for

the mineral reactions given by equation 31 below is much like the activity product for
aqueous chemical equilibrium reactions shown in equation 26.
∏

(Eq 31)

Since the activities of the mineral components themselves are equal to unity their activities
are not considered within the product. The values for the chemical equilibrium constants
for many minerals can be found within literature (Kharaka et al. 1989; Delany 1991).
The ratio between the activity product and the chemical equilibrium constant for the
mineral reaction denoted as

is known as the saturation index of the reaction. The

saturation index is significant in that it determines the direction of the reaction and
indicates whether mineral precipitation is in effect when
dissolution is the reaction in effect when

or whether mineral

. A saturation index value of 1 would

serve to indicate the reaction rate is zero.
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While the rate of dissolution/precipitation in equation 30 applies to the mineral, the rate of
formation/consumption of the different aqueous species is obtained by multiplying rβ by
the respective stoichiometry coefficient shown in equation 32 below.
(Eq 32)
As the rate constant, kβ, is a variable dependent on temperature, equation 33 found below
is employed in order to calculate the rate constant at various temperatures other than the
reference temperature of 298.15 K or 25°C generally reported in the literature.
[
Where

(

)]

(Eq 33)

is the activation energy for reaction β and k0β is the reaction rate constant for

the reaction at the reference temperature T0.
Another useful parameter in the calculation of the rate is the reactive surface area, ̂ .
Equation 34 below is used to calculate the reactive surface area as the number of moles of
minerals fluctuates through dissolution/precipitation.
̂

̂

Where ̂ is the initial reactive surface area at time 0,
β per unit grid block volume at the current time step and

(Eq 34)
is the number of moles of mineral
is the number of moles of

mineral β per unit grid block volume at time 0.
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The amount of mineral precipitation/dissolution will have an observable impact on
changing the formation morphology due to the addition of the mineral volume resulting in
a reduction in available void pore space in the case of precipitation and reduction of
mineral volume from the bulk volume resulting in an increase in available void pore space
in the case of dissolution. The resulting changes in porosity from these effects caused by
mineral reactions are thus modeled with equations 35 and 36 found below.
̂

∑

(

̂ [

)

(Eq 35)

]

Where ϕ is the porosity,

(Eq 36)

is the reference porosity without mineral precipitation and

dissolution, ̂ is the reference porosity including mineral precipitation and dissolution,
is the total moles of mineral β per bulk volume at the current time,
of mineral β per bulk volume at time 0,

is the total moles

is the mineral molar density and

is the rock

compressibility. The terms p and p* refer to the grid block pressure and the reference grid
pressure respectively.
The resulting changes in the absolute permeability as a function of changes in the
formation porosity as a result of mineral precipitation and dissolution are modeled using
the Kozeny-Carman equation shown in equation 37 below.
( ) (
Where

and

)

(Eq 37)

are the initial permeability and porosity respectively.
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Well Model
At the injector the well model correlates the reservoir flow rate of phase j (j = gas, water)
to the wellbore pressure (Pbh) and the pressure at the grid point (Po). The relationship is
given by equation 38 and equation 39 for a well perforated in a single layer.
(Eq 38)
(

(

)

)

(Eq 39)

Where
(

)

Total fluid mobility is given as
∑

Values for the relative permeability are calculated based on fluid saturation in the grid
block and the defined relative permeability curve.
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√

The well model used is based on a generalization of the well model proposed by Peaceman
for square and non-square grid blocks (Peaceman 1978; Peaceman 1983), while the
treatment of fluid mobility follows the solution proposed by Chappelear and Williamson
(Chappelear and Williamson 1981). Based on the design of a well with full completion
located within a corner gridblock the parameters CC and ff had constant values of .34 and
1 respectively.
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Chapter 4.3 Aquifer Description-Nugget Sandstone
In the Rocky Mountain West, Wyoming was the first state to pass legislation on
carbon sequestration, put into effect in July 2008, designing a legal framework for storing
carbon underground. The deep saline aquifers in southwestern Wyoming are considered by
many to be the most promising targets for geologic CO2 sequestration in the state and may
possibly be the most promising sequestration sites in the Rocky Mountain region (Frost
and Jakle 2010). The University of Wyoming and its collaborators have identified Moxa
Arch as a promising site for commercial scale sequestration for a number of reasons:
1) The Moxa Arch is a geological structure that has stored over 100 trillion cubic feet
(TCF) of CO2 for many millions of years (Lynds et al., 2010a);
2) Several formations appear to be suitable sequestration reservoirs, having reservoir
characteristics i.e pressures and temperature ideal for storage of scCO2
3) CO2 is presently being produced and sold for enhanced oil recovery, and more CO2 is
potentially available for this and other uses, including for a future sequestration
demonstration.
Several deep saline formations are potentially suitable for storage of CO2; foremost among
them are the Madison Limestone, Bighorn Dolomite, and Nugget Sandstone. These storage
sites have ideal stratigraphy as they are overlain by various layers of impermeable
lithologies that serve as regional hydrocarbon traps for CO2, all but guaranteeing long term
fluid containment (Frost and Jakle 2010). The major Green river Basin and the formation
of interest, The Nugget Sandstone, shall be discussed in depth.
The Green River Basin, shown in Figure 4.3.1, comprises major portions of Uinta, Lincoln,
Sublette, Sweetwater and Carbon Counties in the state of Wyoming. The entire watershed
cover is quite expansive extending further into the states of both Utah and Colorado. In
Wyoming the basin rises on the western side in northern Sublette County to the western
side of the Continental Divide in the Wind River Range and then proceeds to trail south
through Sublette County and western Wyoming, joining the Big Sandy River in western
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Sweetwater County. Within the Green River basin are three major subareas, the small
Hoback Basin in the north (primarily defined by the topographic feature known as “The
Rim” and outcrops of the Paleocene Pass Peak Formation), the Bridger Basin in the south
(primarily defined by outcrops of the lower and middle Eocene Bridger Formation), and
the Moxa Arch along the western edge of the basin.

Figure 4.3.1: Greater Green River Basin (Wyoming State Geological Survey 2014)

The basin is well documented due to the presence of economically recoverable oil and
natural gas first discovered in the Ashley Field. The basin has since been producing oil and
gas since the turn of the century. Following the discovery of the Ryckman Creek Field
interest in the Overthrust portion of the basin greatly increased and major strides were
made in taking steps to better characterize the formations contained within the basin. By
1977 there were a combined total of 245 fields with 1718 wells and production of
17,075,000 barrels of oil and 171,893,000 MCF of gas. As of 1979 half of drilling rigs
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operating in the state of Wyoming were focusing efforts in the Green River Basin, with
new gas transport pipelines being built to accommodate an expected significant increase in
total gas production. Current production in the basin is now dominated by natural gas and
natural gas liquids produced from tight sand formations, accounting for anywhere from
93% to 95% of annual production in the basin since 2000. Development of gas injection
facilities has also increased as oil production in the basin declined and CO2 injection for
the purpose of EOR became necessary. As the potential for CO2 sequestration in the basin
has become more apparent, the current production facilities already in place have made the
region an even more ideal candidate for future carbon capture and storage
projects.(Committee and Association 1979)
Of the several gas producing formations within the Green River Basin, many of the prolific
producers are located in the region of the Moxa Arch and its associated fields shown in
Figure 4.3.2. The Moxa arch is an approximately 200 km (124 mi) long basement involved
anticline within the western portion of the Green River Basin proximal to the Rock Springs
Uplift. The Moxa Arch was formed in the Late Cretaceous and early Tertiary periods
through a two phase process. Along its length, the Moxa Arch lacks emergent faults to
displace any strata overlying the basement and thus resembles a long continuous
cylindrical open fold. The culmination of the Moxa Arch is at the LaBarge Platform. At
LaBarge and southwest of Big Piney, the Moxa Arch is approximately 40 mi (65 km) long
and 18 mile (29 km) wide, along a northwesterly trend. This area, known as the LaBarge
Platform or the LaBarge Anticline, comprises the northwestern crest of the arch and is
offset by the east- to northeast directed leading edges of the Hogsback thrust and the
reverse faults of the western Overthrust belt. The LaBarge, in contrast to the Moxa Arch, is
characterized by a change in strike and the appearance of an emergent basement thrust
fault along its southwestern edge that displaces the overlying strata.
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Figure 4.3.2: The Moxa Arch and Rock Springs Uplift, potential CO2 sequestration sites in the Green River Basin
(Frost and Jakle 2010)

The major reservoirs of the Moxa Arch- LaBarge play are the Madison Limestone, Morgan
Formation, Nugget Sandstone, Bear River Formation, Dakota Sandstone, Frontier
Formation, Mesaverde Group, and Almy Formation. South of the La Barge Platform, the
principal reservoirs are the Dakota Sandstone and Frontier Formation. Porosity ranges
from 5 to 20 percent. Permeability ranges from less than 0.1 millidarcies to several
hundred millidarcies. Land ownership in the region is generally a mix of both private and
public lands with the largest fraction of lands being under the control of the United States
Bureau of Land Management (2006 - 7-BigSky_Phase III Saline Aquifer Large Volume.pdf
2014).
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The Nugget Sandstone, shown in Figure 4.3.3, is a very extensive brine aquifer situated on
the LaBarge Platform and extends across the remainder of the Moxa Arch into parts of the
Green River Basin. This saline aquifer is Jurassic aged regional sheet sandstone which
covers the entire southwestern area of the state of Wyoming. The Nugget is equivalent to
the Navajo Sandstone of Utah and has comparable characteristics to the Tensleep
(Montana and Wyoming), Weber Sandstone (Wyoming, Colorado, and Utah, Quadrant
Sandstone (Montana) and the Sundance Sandstone (Wyoming) and thus has important
regional significance.

Figure 4.3.3 Isopach map of the Navajo/Nugget Sandstone (Picard 1975)

The Nugget is texturally heterogeneous and has anisotropic properties that have largely
been inherited from the eolian depositional environment but also have been modified by
diagenesis and overprinted by tectonics (Alexander 1986). Sandstone formations which are
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eolian in nature are lithified wind-blown sand deposits that accumulated along sea coasts
or in vast deserts called sand seas or ergs. Predominantly eolian processes deposited
crossbedded, low-angle to horizontally bedded and rippled, very fine- to coarse-grained
sand in dunes and moderately to poorly sorted sand and other sediment types in interdunal
areas. Original reservoir quality has been partially modified by compaction, cementation,
dissolution, clay mineralization, and the precipitation of hydrocarbon asphaltenes or
residues (Lindquist 1983). Facies distinction within Nugget depositional environments is
based on textural (grain size and sorting) and reservoir-quality criteria rather than on major
lithological variation (Lindquist 1983). Due to varied amounts of erosion associated with
post- Nugget unconformity the upper portion of a significant section of the Nugget
comprises stacked dune and dry to damp interdune deposits. These interdune areas are
classified as either depositional or erosional environments further characterized by
association with water.
Although the mineralogy of the Nugget Sandstone has been documented through core data
analysis, particularly in regions of prior hydrocarbon production, more data is still needed
for quantification of mineral composition. Sandstone formations can be characterized by
several common defined components. The most important component in characterization
of sandstones is the composition of the framework grains which are the detrital fragments
which comprise the large bulk of the sandstone. Quartz and feldspar are the most common
type of framework grain although lithic grains can exist in such shale sandstones as the
Dad Sandstone of the Lewis Shale in Wyoming. The next component, the matrix, can be
defined as the fine material which occupies the interstitial pore space between the
framework grains. The sandstone can either be classified as Arenite sandstone, texturally
clean and having little to no matrix or as Wacke sandstone, texturally dirty and having
substantial matrix quantity. The last component, cement, is what binds the siliciclastic
framework grains together. The type of cement formed in the sandstone can either be of
silicate or non-silicate nature (Boggs 2001). It is these aforementioned components in
conjunction with grain sorting and packing which will confer the majority of the sandstone
formation properties such as porosity and permeability.
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The overall sedimentary and structural petrography and petrology of the Nugget Sandstone
were examined through core data analysis performed by researchers Keele and Evans
(2008) at Utah State University. In this study, 58 thin-sections were obtained from core
samples and subjected to microscopy and X-Ray diffraction techniques in order to reveal
both the architecture and mineral composition of the major components of the sandstone
formation. Samples obtained in the study were observed to be composed of 88%
framework grains, 9% matrix (diagenetic material), and 3% cement on average as seen in
Figure 4.3.4.

Figure 4.3.4 : Nugget sandstone composition based on point counts of 58 thin sections (Keele and Evans 2008)

Further analysis of the samples revealed that overall quartz is the predominant mineral
comprising the framework grains of the Nugget Sandstone, with lesser observed amounts
of potassium feldspar (k-feldspar). The average amount of monocrystalline quartz in
framework grains was 76% while average k-feldspar amount was 10%. A very small
amount of the framework grains was composed of lithics, less than 1% on average.
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The majority of the matrix present in the sandstone formation samples presented itself as
coating around grains. In samples tested, the mineral illite was observed to be the most
prevalent accounting for up to 4% of total rock volume in samples and .6% of total rock
volume on average. Kaolinite appeared present as a thin film mainly on detrital feldspar
grains accounting for up to 3% of total rock volume in samples tested and .3% of total rock
volume on average. Authigenic k-feldspar was observed as a matrix material present in
crystalline form on feldspar grains in the samples tested, however its presence was not
common but rather was sporadic in a low number of samples.
The main mineral species present in the cementing material comprising the Nugget
samples were calcite, dolomite and quartz. Carbonate cement, whether calcite or dolomite,
displayed highly variable distribution in total rock volume for samples tested accounting
for up to 36% of total rock volume in samples tested but only 5.4% of total rock volume on
average. No particular differentiation was made in order to determine whether observed
carbonate was calcite or dolomite within the study performed. Quartz as a cementing
material was found in low quantities accounting for up to 6% of total rock volume in
samples tested and 1.6% of total rock volume on average (Keele and Evans 2008).
Much of the information on the mineral composition and formation fluid characteristics of
the Nugget Sandstone can be corroborated with its geologic and stratigraphic equivalent,
the Navajo Sandstone as well as the neighboring Tensleep Sandstone. Detailed studies of
untreated Navajo Sandstone showed approximately 90% by weight quartz with small
amounts, approximately 2%, of K-feldspar and smectite and even smaller traces of
kaolinite and illite. X-Ray diffraction results have indicated that the clay coating on grains
is largely composed of kaolinite and smectite but after observation of grains under a
Scanning Electron Microscope(SEM) it appears kaolinite is the more dominant clay type
(Lu et al. 2011).
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Chapter 4.4 Model Development
For each of the four numerical studies previously mentioned, GEM models were
developed and run in order to simulate injection of scCO2 for a specified period of time
into a siliciclastic saline aquifer modeled after the Nugget Sandstone formation. The
development of the base model shall be discussed presently.
The Nugget Sandstone displays great variability in reservoir properties over the extensive
range it occupies within the Green River Basin. Some formation properties can be seen in
Table 4.4.1 below.
Table 4.4.1: Nugget Sandstone and Equivalent Formation Properties

Li, Zhang,
and Zhang
2011

Lachance
and
Andersen
1983

Alexander
1986

Lindquist
1983

Becker
and
Lynds
2012

Alvarado
et al.

Big Sky
2014

Bulk
Compressibility

NA

3.27 *10-7
(1/psi)

NA

NA

NA

NA

NA

Porosity

12%

4-18%

15%

5%- 25%

0-14 %

15%

15%

70-300
(mD)
~1000
(ft)
NA
100000
ppm

.01-200
(mD)
NA

1-400
(mD)
104 (m)

500 (mD) NA
3000 (ft)

700 (ft)

NA
NA

.1- 500
.1 -1000
(mD)
(mD)
~1000 ( ft) 800-1050
(ft)
NA
NA
NA
NA

NA
NA

NA
NA

NA

NA

NA

NA

NA

NA

NA

NA

NA

NA

NA
72033108740
(mg/L)
11000
(ft)
NA

Permeability
Thickness
Salinity
TDS
Depth
Swirr

750015000 (ft)
10%

Values for properties were selected consistent within the range of values observed within
the Nugget and its formation equivalents, namely the Tensleep and Viking sandstones. The
aquifer properties can be seen in Table 4.4.2 below
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Table 4.4.2: Reservoir Model Properties

Model Property
Number of Gridblocks
(I*J*K)
Block Size (I*J*K)
Depth to Reservoir Top
Rock Compressibility
Water Compressibility
Reference Pressure
Temperature
Formation Porosity
Formation Permeability

Assigned Value (units)
50*50*6
24*24*16 (meters)
3400 (meters)
5 10-8 (1/kPa)
4.35 10-7 (1/kPa)
15000 ( kPa)
50°C
.18
100 (mD)

The total area considered for the hypothetical saline aquifer system as can be calculated
from the information within Table 4.4.1 was 1.4 106 m2 or approximately 355.83 acres.
The overall aquifer thickness was 96 m. relative permeability was obtained from
generalized correlations for the relative permeability for typical cemented sandstone
formations and can be seen in Figure 4.4.1 below

Liquid Gas Relative Permeability Table
1

Relative Permeability

0.9
0.8
0.7
0.6
0.5
0.4

Krw

0.3

Krg

0.2
0.1
0
0

0.2

0.4

0.6

0.8

1

Sw

Figure 4.4.1: Liquid Gas Relative Permeability Table
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The capillary pressure used in the simulation models was averaged using the J-Function
method. The J-Function averaged capillary pressure curve displayed a low displacement
pressure indicative of a high quality reservoir with good sorting and large pore throats. The
curve can be seen in Figure 4.4.2 below

Capillary Pressure Curve
45
40
35
Pcow (kPa)

30
25
20

Pcow vs. Sw

15
10
5
0

0

0.2

0.4

0.6

0.8

1

Sw

Figure 4.4.2: J Function averaged capillary pressure curve

The well pattern used for the model, seen in Figure 4.4.3 below, was a quarter of a five
spot injection pattern, with one vertical injector well located at the center of a corner grid
block and a vertical H2O producer placed at the opposite corner of the grid, approximately
1697 m apart, for the purpose of pressure stability so that the reservoir system did not
become over pressurized during the course of CO2 injection. The injector well extended 48
m into the saline formation and was perforated at the center of the 3rd grid block down in
the K direction or 40 m into the formation. The producer extended 96 m into the saline
formation and was perforated at the center of the bottom layer grid block in the K direction
or 88 m into the formation.
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Figure 4.4.3 Well pattern configuration with CO2 injector & H2O producer

For the simulation study models developed, the well pattern and configuration depicted
were kept consistent. Several assumptions considered for the developed model were


Homogeneous and Isotropic reservoir properties for simplicity



Isothermal conditions maintained throughout injection and sequestration time
frame



Possible CO2 adsorption onto rock matrix not taken into account



Hysteresis effects on capillary pressure and relative permeability ignored



No flow boundary conditions used around confined aquifer
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Mineral Dissolution / Precipitation
For this simulation study a model was developed in which CO2 was continuously injected
for a period of 9 years at constant flow rate of 225,000 m3/day at which point the injector
well was shut in and CO2 allowed to migrate for a period of 2 years. The H2O producer
well operated at a minimum BHP of 15,000 kPa in order to maintain pressure equilibrium
without overproducing H2O from the aquifer. Within this particular study it was desired to
observe the scale and possible extent of mineral dissolution and precipitation reactions
within the aquifer system modeled consistent with a possible aquifer found within the
Nugget Sandstone. Several intra-aqueous and mineral precipitation / dissolution reactions
were included and observed within model 1 developed for the study and can be found
within Tables 4.4.3 and 4.4.4 respectively, along with important chemical and rate
dependent factors considered in modeling these reactions. Input values were obtained from
literature(Nghiem et al. 2004)
Table 4.4.3: Model 1 aqueous chemical equilibrium reactions

Aqueous Reaction
1.)
2.) CO2 (aq) + H2O = H+ +
3.)
4.)
5.)
6.)
7.)
8.)

Chemical Equilibrium Constants
-13.2631
-6.321
-10.2342
-1.037
-1.0812
-.55
-.0616
19.8454

Table 4.4.4: Model 1 mineral precipitation / dissolution reactions

̂

Reactions

(

)

(

)

(

)

Initial
Volume
fraction

5.4706
1.3560
1.6727
7.485
-3.6285

-13
-8.796
-9.222
-14
-13.9

17600
88
88
26400
7128

62760
41870
41870
58620
87500

.0176
.025
.025
.0264
.7128

-.3439

-12

176

67830

.0176
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Halite Mineral Precipitation
For this study, similar to the first, a model was developed in which CO2 was continuously
injected for a period of 9 years at constant flow rate at which point the injector well was
shut in for a period of 2 years. Unlike model 1, the objective of the development of model
2 was to observe the scale and possible extent of mineral dissolution and precipitation
reactions within the aquifer system with a direct focus on mineral Halite precipitation
within the near wellbore region. Several intra-aqueous and mineral precipitation /
dissolution reactions were included and observed within model 2 developed for this
simulation study and can be found within tables 4.4.5 and 4.4.6 respectively, along with
important chemical and rate dependent factors considered in modeling these reactions.
Input parameters were obtained from literature(Nghiem et al. 2004); Promkotra 2013;
Palandri and Kharaka 2004)
Table 4.4.5: Model 2 aqueous chemical equilibrium reactions

Aqueous Reaction
1.)
2.) CO2 (aq) + H2O = H+ +
3.)
4.)
5.)
6.)
7.)

Chemical Equilibrium Constants
-13.2631
-6.321
-10.2342
1.3763
-1.0812
-.0616
19.8454

Table 4.4.6: Model 2 mineral precipitation / dissolution reactions

̂

Reactions

(

)

(

)

(

)

Initial
Volume
fraction

5.4706
1.6253
7.485
-3.6285

-13
-2.1
-14
-13.9

17600
N/A
26400
7128

62760
18000
58620
87500

.0176
N/A
.0264
.7128

-.3439

-12

176

67830

.0176
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For this model the reservoir was assumed to contain no initial volume of the halite mineral,
meaning that any presence of the mineral would be a result of halite precipitation once the
saturation index determined from the activities of the aqueous components Na+ and Clreached a value greater than 1. In order to achieve this nucleation process of creating a new
solid phase from the supersaturated solution a minimum reactive surface area for
nucleation of the mineral was assumed to be 1 m2/m3.
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Sensitivity Study of Well / Reservoir Parameters
Models 3-12 developed within this simulation study were designed in order to observe the
impact of the effects of varying several well and reservoir parameters on halite
precipitation and formation damage. The models constructed were developed using the
halite precipitation model developed within the prior study, model 2, as a baseline. The
parameters studied within the sensitivity analysis were injection rate, aquifer temperature,
and salinity of the formation brine. Table 4.4.7 below details the models designed
Table 4.4.7: Sensitivity study model parameters and values

Injection Rate
Model #

(

)

Model 2
(Baseline)

225,000

Model 3
Model 4
Model 5

250,000
275,000
300,000

Model 6
Model 7
Model 8

225,000
225,000
225,000

Model 9
Model 10
Model 11
Model 12

225,000
225,000
225,000
225,000

Temperature
(°C)

Salinity
( )

CO2
injection
period

50

.5

9 years

.5
.5
.5

9 years
9 years
9 years

.5
.5
.5

8 years
8 years
8 years

1
2
3
4

9 years
9 years
9 years
9 years

Rate Sensitivity
50
50
50
Temperature Sensitivity*
60
70
80
Salinity Sensitivity
50
50
50
50

*

CO2 injection period shortened to 8 years in order to avoid substantial simulation run times

The range of values selected for the models above were representative of the range
observed after performance of a review of the pertinent literature on saline aquifer
formations and well injection rates and constraints. In addition, the selection of well
injection rates was chosen so as to avoid CO2 breakthrough at the producer well,
eliminating the possibility of CO2 production and re-entry at the surface.
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Methods of Mitigation - Water Pre Flush
The objective of the last simulation study was to investigate methods of mitigating the
amount of halite precipitation in the near well region thus limiting the possible deleterious
effects on well injectivity in highly saline formations. Two models, model 13 and model
14, were developed for this purpose. Within models 13 and 14, the injection schedule was
altered from a baseline injection case; implementing a period of fresh water injection into
the aquifer prior to CO2 injection. For both cases water was injected at a constant rate of
350

or 55.6

. This injection rate selected is consistent with injection rates used by

wells in H2O injection processes such as water flooding. The model description can be
seen in Table 4.4.8 below
Table 4.4.8: Fresh water pre flush study fluid injection schedule

Injection Rate

Injection Period

Cumulative Fluid
Injected

Phase 1- H2O Injection
350
Model 13

31 days (.085 yrs.)

1.0841 x 104 bbl

Phase 2- CO2 Injection
225,000

3270 days (8.96 yrs.)

7.358 x 108 m3

Phase 1- H2O Injection
350
Model 14

121 days (.33 yrs.)

4.2315 x 104 bbl

Phase 2- CO2 Injection
225,000

3180 days (8.71 yrs.)

7.155 x 108 m3

The aqueous and mineral components considered for the two models developed were
identical to model 2 and can be seen in Tables 4.4.5 and 4.4.6 respectively. Model 12 was
used as a comparative baseline in order to quantify the potential for mitigation within a
saline formation with a high predisposition for potential halite precipitation.
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Chapter 5: Results and Discussion
Within this section the results of the numerical simulation study shall be presented
and the implications discussed. In analyzing the results of the four simulation studies
considered, the contributions of each to the scope of the study will be discussed along with
the potential broader impacts on optimization of CO2 injection into deep saline formations.
The focus of the analysis will be on evaluating the scale and extent of host formation
mineral dissolution/precipitation, halite precipitation in particular, following extended CO2
injection. In providing a quantification of the effects on formation properties which could
potentially affect well injectivity and an evaluation of the changes in well injectivity itself,
conclusions can be drawn on the relative field scale significance of observed mineral
dissolution and precipitation. The limitations of the study shall also be discussed here in
order to provide the appropriate context in which to view the findings presented within.
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Chapter 5.1 Mineral Dissolution/Precipitation
The results of model 1 detail the scale and extent of mineral reactions within the
saline aquifer throughout CO2 injection. CO2 is injected at supercritical conditions into the
aquifer at a constant rate of 225,000 (

) for 9 years as seen in Figure 5.1.1 and then

allowed to migrate for a period of 2 years. From Figure 5.1.2 it can be seen that the total
amount of CO2 injected over the 11 year period is given as 7.427 108

.

Figure 5.1.1: CO2 injection rate over 11 year observation period - Model 1

Figure 5.1.2: Cumulative CO2 injected over 11 year observation period – Model 1
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As can be seen from Figures 5.1.4 to 5.1.9, the extent and scale of mineral precipitation
within the reservoir is quite variable both in respect to the mineral being observed and the
location of the CO2 plume. By the end of the 9 year injection period the CO2 plume has
extended approximately 400 m laterally within the aquifer as seen in Figure 5.1.3 while
mineral dissolution/precipitation effects can be observed at distances up to 800 m from the
injection site.
As CO2 continues to mix and dissolve with the host brine throughout the course of
injection a more dense brine phase is formed resulting in a convective mixing as the denser
brine phase travels to the bottom of the aquifer carrying along with it the aqueous CO2,
bicarbonate, and carbonate ions resulting in the increasing scale of mineral reactivity seen
towards the lower portion of the aquifer below the perforated injection site. Expectedly the
predominant effect within the aquifer following injection is observed to be mineral
dissolution, particularly from the carbonate cement components Calcite and Dolomite and
likely due to the overall increase in brine acidity.
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2D – Perforated Injection Layer

Year 9 – Shut In

Year 6

Year 3

3D - Field Scale

Figure 5.1.3: scCO2 saturation index over 9 year injection period – Model 1
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2D – Perforated Injection Layer

Year 9 – Shut In

Year 6

Year 3

3D - Field Scale

Figure 5.1.4: Calcite dissolution/precipitation (gmole) over 9 year injection period – Model 1
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2D – Perforated Injection Layer

Year 9 – Shut In

Year 6

Year 3

3D - Field Scale

Figure 5.1.5: Dolomite dissolution/precipitation (gmole) over 9 year injection period – Model 1
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2D – Perforated Injection Layer

Year 9 – Shut In

Year 6

Year 3

3D - Field Scale

Figure 5.1.6: Illite dissolution/precipitation (gmole) over 9 year injection period – Model 1
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2D – Perforated Injection Layer

Year 9 – Shut In

Year 6

Year 3

3D - Field Scale

Figure 5.1.7: K-Feldspar dissolution/precipitation (gmole) over 9 year injection period – Model 1
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2D – Perforated Injection Layer

Year 9 – Shut In
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3D - Field Scale

Figure 5.1.8: Kaolinite dissolution/precipitation (gmole) over 9 year injection period – Model 1
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2D – Perforated Injection Layer

Year 9 – Shut In

Year 6

Year 3

3D - Field Scale

Figure 5.1.9: Quartz dissolution/precipitation (gmole) over 9 year injection period – Model 1
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Calcite

Dolomite

Illite

K-Feldspar

Kaolinite

Quartz

Percent Change in Mineral Mass (%)
Figure 5.1.10: Percent Mineral dissolution/precipitation following 9 year injection period – Model 1
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Unlike the extent of mineral reactivity, the scale of mineral dissolution/precipitation
through the injection period is relatively small. Calcite dissolution within the aquifer shows
the most significant scale of mineral reaction with several regions of the aquifer displaying
dissolution on the scale of 37,500 gmole as seen in Figure 5.1.4. As can be seen in Figure
5.1.5, Figure 5.1.6 and Figure 5.1.7, dolomite, illite, and K-feldspar all show minimal
amounts of mineral dissolution with maximum mineral dissolution on the scale of -4,100
gmole, -4,104 gmole, and -3,062 gmole respectively. Both of the silicate minerals, quartz
and kaolinite, undergo mineral precipitation likely from the aqueous SiO2 ions provided
from the dissolution of K-feldspar. Although the scale of kaolinite precipitation appears
large, on the order of 36,190 gmole, the region in which this precipitation is observed is
extremely small. The normalized data within Figure 5.1.10 shows the relative percent
change in mass for each of the mineral reactions considered, confirming the predominance
of dissolution within the aquifer at the end of the 9 year CO2 injection period. The relative
scale of reaction is observed to be fairly small with less than 1% dissolution of any mineral
and a maximum increase of 2.7% seen from precipitation of mineral kaolinite. Quartz
which comprised the bulk grains and is known to be a relatively unreactive mineral is
observed to partake in no significant mineral reaction following injection.
In order to evaluate the effect of the overall mineral effect on well injectivity it is necessary
to examine and quantify the changes to formation properties affecting fluid
transmissibility. To this effect the changes to the formation porosity and the representative
change to the absolute permeability were observed. Although related through a direct
relationship the changes in permeability caused by changes in porosity can be related
through correlations including the Kozeny-Carman equation and its variations which
estimate the permeability as a function of formation characteristics and grain distribution.
The overall formation porosity as seen in Figure 5.1.11 can be seen to increase throughout
the course of injection as the CO2 plume extends further into the aquifer. The early
predominant effect of mineral dissolution, acting to provide an aqueous buffer to the
decrease of pH in brine, results in early rapid increases in the porosity which slow as the
system proceeds towards equilibrium.
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Year 9 – Shut In

Year 6

Year 3

3D - Field Scale

Figure 5.1.11: Formation porosity over 9 year injection period – Model 1
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In observing the changes to porosity within the aquifer it becomes clear that the near well
bore region exists as a unique region of interest. While increases in the formation porosity
can be observed to propagate radially from the injection site through the aquifer over the
course of injection, porosity within the region in the near vicinity of the wellbore decreases
in accordance with the mineral precipitation observed. Figure 5.1.12 details the scale of
mineral dissolution/precipitation over time at the perforated injection block, while Figure
5.1.13 details how the formation property of porosity and its correlated effect on
permeability.

Figure 5.1.12: Mineral dissolution/precipitation at injector over 11 year observation period – Model 1
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Figure 5.1.13: Porosity and permeability evolution at injector over 11 year observation period – Model 1

The early dissolution of both calcite and dolomite, which take place at the well, results in
an initial positive spike in both porosity and permeability, albeit relatively miniscule. Once
increased evaporation of the brine phase into the dry CO2 plume begins to take greater
effect, increases in the concentrations of the aqueous components within the local brine
begin pushing the chemical reactions in the opposite direction. Dissolution slows and an
eventual uptake of dissolved carbonate mineral takes place resulting in precipitation and a
gradual leveling off of changes in the formation porosity and permeability as the water
saturation approaches complete dry out and mineral reactions effectively cease.
To quantify the resultant effect of changes to the formation properties caused by mineral
dissolution/precipitation on well injectivity over the course of the injection period the gas
phase injectivity index was obtained from a generalization of Peaceman’s wellbore model
and given as the product of the well index (WI) and the fluid phase mobility (𝜆g) and can
be seen in Figure 5.1.14 below
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Figure 5.1.14: Well injectivity over 11 year observation period – Model 1

Increases in the well injectivity indicate increasing ease in injection of the fluid and
indicate that a lower pressure differential is required to maintain the same constant flow
rate for injection. Conversely, decreases in phase injectivity indicate that injection is
becoming more labored and that greater injection pressure, supplied by the surface pumps,
is required in order to maintain the same CO2 injection flow rate.
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The overall impacts of mineral dissolution/precipitation can be observed to carry little to
no impact on the well injectivity over the course of injection, remaining fairly stable once
the maximum capacity for scCO2 fluid injection is attained. The limited impacts of mineral
dissolution and precipitation on the scCO2 injectivity indicate that within a largely
siliciclastic saline aquifer this phenomenon is of little concern to prolonged CO2 injection
and storage.
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Chapter 5.2 Halite Mineral Precipitation
The results from model 2 provide insight into the extent and scale of halite mineral
precipitation due largely to brine evaporation within the deep saline siliciclastic aquifer
formation. The rate of injection and cumulative CO2 injected can be seen below in Figures
5.2.1 and 5.2.2

Figure 5.2.1: CO2 injection rate over 11 year observation period - Model 2

Figure 5.2.2: Cumulative CO2 injected over 11 year observation period – Model 2
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Halite Mineral Precipitation

Year 9 – Shut In

Year 6

Year 3

scCO2 Saturation

Figure 5.2.3: scCO2 saturation and corresponding Halite precipitation (gmole) over 9 year injection period - Model 2
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Precipitation of halite can be observed in the regions of the aquifer in which the gas
saturation is the greatest and significant brine evaporation has taken place as can be seen
within Figure 5.2.3. Precipitation of mineral halite can be observed to be limited to the
near well region extending 16 m both above and below the perforated injection layer. As
this is a homogeneous and isotropic aquifer the capacity for vertical mobility of CO2 is
equivalent to that in the horizontal plane. Fluid buoyancy effects thus provide a preferential
tendency for the injected CO2 to travel upward resulting in the high gas saturation and
concurrent precipitation in the upper layer above the injection site.
Convective mixing effects act to drive the saturation of the denser CO2 dissolved in brine
phase while supplying fresh brine to the downward progressing drying front, likely
resulting in the high precipitation observed below the injection layer. It is however
expected that the permeability anisotropy common in most saline formations will limit the
vertical mobility of CO2 curbing the extent of vertical halite precipitation and increasing its
extent and scale radially within the aquifer. The most significant precipitation takes place
at the perforated injection block where a maximum of 200,594 gmole of halite mineral
precipitates over the course of the 9 year injection. Figure 5.2.4 shows the progression of
halite precipitation over time at the injector.

Figure 5.2.4: Halite precipitation at injector over 11 year observation period – Model 2
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The observed scale of halite precipitation which takes place at the perforated injector block
due to brine evaporation is three orders of magnitude larger than the precipitation effects
observed from the host mineral reactions. The impacts of this halite precipitation on the
formation properties can be seen in Figure 5.2.5

Figure 5.2.5: Porosity and permeability evolution at injector over 11 year observation period – Model 2

The mineral precipitation translates to a minimal .32% decrease in porosity and a 1.13%
decrease in the absolute permeability. The result of this formation damage on the well
injectivity can be seen in Figure 5.2.6
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Figure 5.2.6: Well injectivity over 11 year observation period – Model 2

A slight decrease in the well injectivity is observed after 571 days of injection coinciding
with the mineral halite precipitation and peaking a month later as increased precipitation
takes place. The decrease in well injectivity is however offset by a decrease in the scCO2
fluid viscosity which accompanies the mineral precipitation associated with the changes in
fluid saturation as full liquid phase dry out takes effect as seen in Figure 5.2.7 below.

Figure 5.2.7: CO2 fluid phase viscosity during formation dry out – Model 2
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Chapter 5.3 Sensitivity Study of Well and Reservoir Parameters
The results of this simulation study outline the impact of varying the parameters of
well injection rate, reservoir temperature, and reservoir brine salinity on halite mineral
precipitation and the resultant detriment to well injectivity. The three parameters are
expected to be amongst some of the more influential controlling parameters and should
provide a robust representation of the respective significance of each on impacting halite
precipitation in addition to the formation properties and well injectivity.
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Injection Rate
By increasing the CO2 injection rate and the cumulative CO2 injected within the 9 year
injection period with each successive model as can be seen in Figures 5.3.1 and 5.3.2 it
may be expected that increases in local gas saturations in the near well region would lead
to increases in halite precipitation, however the higher injection rates also result in higher
injection pressure gradients which act against the capillary forces driving brine back
towards the precipitation zone limiting possible precipitation.

Figure 5.3.1: CO2 injection rate over 11 year observation period – Injection Rate Sensitivity

Figure 5.3.2: Cumulative CO2 injected over 11 year observation period – Injection Rate Sensitivity
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Year 9 - Shut In

Model 3 – 250,000

Model 4 – 270,000

Model 5 – 300,000

Figure 5.3.3: Halite mineral precipitation (gmole) extent after 9 year CO2 injection – Injection Rate Sensitivity
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From Figure 5.3.3 the extent of halite mineral precipitation can be observed to increase
once the injection rate is increased. Halite mineral increases its lateral extent extending a
maximum distance of 48 m from the well at the perforation layer. No increase in the
vertical extent of halite is observed with precipitation limited to 16 m above and below the
perforation layer.

In analyzing the scale of halite mineral precipitation observed at the perforated injection
block from Figure 5.3.4 it can be seen that increasing injection rates expectedly result in
earlier onsets of mineral halite precipitation. The increase in injection rate also results in
moderate reductions in the amount of total precipitate observed over the 9 year injection
time frame suggesting that at higher rates the increased injection pressure may be quite
effective at offsetting the tendency for brine to flow back into the dry CO2 plume due to
capillary pressure effects, limiting the capacity for halite precipitation.

Figure 5.3.4: Halite precipitation at injector over 11 year observation period – Injection Rate Sensitivity

The effects of the resulting precipitation on the formation properties of porosity and
permeability can be seen in Figure 5.3.5 below.
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Figure 5.3.5: Porosity and permeability evolution at injector over 11 year observation period – Injection Rate
Sensitivity

The effects of resultant halite precipitation on the formation porosity and permeability as a
function of the CO2 injection rate are minimal with significant increases in the injection
rate resulting in no significant variance in the observed formation properties at the injector.
This conclusion is confirmed when assessing the well injectivity over the course of
injection. No discernible improvement in well injectivity can be observed from increases in
the injection rate as seen in Figure 5.3.6 below.
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Figure 5.3.6: Well injectivity over 11 year observation period– Injection Rate Sensitivity
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Temperature
The saline aquifer formation temperature plays a large role in determining the phase
behavior and many of the fluid properties for both the brine and scCO2 phase. In addition,
formation temperature impacts the rates of chemical and mineral equilibrium reactions and
thus has great potential for influencing mineral halite precipitation. As seen in Figure 5.3.7
increases in the formation temperature can be observed to increase the extent of halite
precipitation observed, expanding the range of precipitation both laterally and in the
vertical direction. At a higher temperature, 80°C, halite precipitation can be observed to
extend a maximum distance of 48 m laterally both at the perforation layer and the layer
above. In the vertical direction precipitation occurs 48 m along the length of the well
within the aquifer and can be seen to extend to the layer below for a maximum vertical
extent of 64 m. The scale of mineral halite precipitation however does not appear to be
significantly increased, with the maximum amount of precipitant halite still observed at the
perforation layer.
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Year 8 - Shut In

Model 6 – 60°C

Model 7 – 70°C

Model 8 – 80°C

Figure 5.3.7: Halite mineral precipitation (gmole) extent after 8 year CO2 injection – Temperature Sensitivity
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The scale of halite precipitation over the course of the 8 year CO2 injection period at the
perforation layer can be observed within Figure 5.3.8 below.

Figure 5.3.8: Halite precipitation at injector over 8 year observation period – Temperature Sensitivity

While increases in the formation temperature can be seen to trigger an earlier onset of
precipitation at the perforation layer no clear trend can be discerned as to the effect of
temperature on the scale of precipitation observed. The total amount of halite appears to
drop with an increase in temperature from 50°C to 60°C, but continues to increase
thereafter with each successive increase in temperature. This behavior may likely be due to
the change in the rate of decrease of scCO2 viscosity and pressure observed within this
temperature range. The effect of halite precipitation on the porosity and permeability can
be seen in Figure 5.3.9.
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Figure 5.3.9: Porosity and permeability evolution at injector over 8 year observation period – Temperature
Sensitivity

From Figure 5.3.9 it can be seen that the halite precipitation resulting from changes in the
aquifer temperature has a marginal effect on altering formation porosity and permeability
at the perforation layer. This conclusion is confirmed when observing the impacts to well
injectivity seen within Figure 5.3.10.
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Figure 5.3.10: Well injectivity over 8 year observation period – Temperature Sensitivity

With each successive increase in aquifer temperature, the maximum well injectivity can be
observed to increase despite the decreases in permeability caused by halite precipitation.
This behavior results largely from the decrease in scCO2 fluid phase viscosity which
occurs as temperature is increased. This would serve to indicate that as temperature is
varied the effects of halite precipitation on well injectivity become less significant as fluid
phase behavior properties become more prominent.
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Salinity
Of the parameters tested the salinity can be expected to have the most significant impact on
halite precipitation. The higher the salinity of the initial brine phase within a saline aquifer
the more halite mineral is expected to precipitate from solution once significant
evaporation occurs. Increasing salinity not only increases the ionic strength and activity of
the solution creating a higher predisposition for precipitation but also affects the solubility
of the scCO2 in the brine phase. Higher salinity restricts the solubility of scCO2 resulting in
a larger dry plume propagating through the aquifer and aiding the evaporation of the brine
phase. As can be seen in Figure 5.3.11 the extent of mineral halite precipitation increases
with increasing salinity, spreading laterally a maximum distance of 48 m from the injection
well at the perforation layer. The maximum extent of halite precipitation in the vertical
direction appears to be unaffected, with halite precipitating 16 m above and below the
perforated layer.
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Year 9- Shut In

Model 9 – 1 molal

Model 10 – 2 molal

Model 11 – 3 molal

Model 12 – 4 molal

Figure 5.3.11: Halite mineral precipitation (gmole) extent after 9 year CO2 injection – Brine Salinity Sensitivity
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Expectedly the highest levels of precipitation are seen at the perforation layer with
significant increases in halite precipitate observed within the higher salinity models as
shown in Figure 5.3.12. The onset of precipitation can also be observed to occur earlier
within the 9 year injection period.

Figure 5.3.12: Halite precipitation at injector over 11 year observation period – Brine Salinity Sensitivity

The effect of halite precipitation on the formation porosity and permeability at higher
salinities can be observed to be quite significant as seen in Figure 5.3.13.

Figure 5.3.13: Porosity and permeability evolution at injector over 11 year observation period – Brine Salinity
Sensitivity
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In the highest salinity model constructed, porosity is decreased by as much as 4.4% while
permeability is reduced by up to 13.5%. The impacts on well injectivity over the injection
period can be seen in Figure 5.3.14 below. Although noticeable decreases in the well
injectivity are observed, the 25.2 kPa of added pressure differential required by the injector
in the highest salinity model could readily be supplied by injection pumps.

Figure 5.3.14: Well injectivity over 11 year observation period – Brine Salinity Sensitivity
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Chapter 5.4 Mitigation Methods - Water Pre Flush
The impacts of halite precipitation appear limited even within the higher salinity
models and in addition a relatively simple method has been previously proposed to limit
halite precipitation and any possible impacts. The results of the last simulation study detail
the potential for successful mitigation of halite precipitation and its negative effects on
well injectivity through a fresh water pre flush. The cumulative fresh water and CO2 gas
injected for both models 13 and 14 can be seen in Figures 5.4.1 and 5.4.2 below
respectively. The cumulative water injected within model 13 was roughly equivalent to the
injector block pore volume, while the cumulative water injected within model 14 was
equivalent to three times the gridblock pore volume. This fresh water injection schedule
was designed in order to effectively displace the local brine phase volume in the near well
bore region decreasing the salinity and thus the capacity for precipitation within the region.

Figure 5.4.1: Cumulative fresh water injected over 11 year observation period for fresh water pre flush
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Figure 5.4.2: Cumulative CO2 injected over 11 year observation period following fresh water pre flush

The lower salinity in the localized near well bore region at the time of precipitation leads to
a significant reduction in the observed scale of halite precipitate for both of the pre flush
scenarios. As can be seen in Figure 5.4.3 below, the extent of halite precipitation is
redirected such that greater levels of precipitation are observed in surrounding well blocks,
particularly laterally within the aquifer, with lower levels of halite precipitating at the
perforated region in addition to the regions above and below.
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Year 9- Shut In

Model 13 –
1 Month H2O Pre Flush

Model 14 –
3 Month H2O Pre Flush

Figure 5.4.3: Halite mineral precipitation extent following CO2 injection following fresh water pre flush

The evolution of halite precipitation over time specifically at the perforated injection block
can be seen in Figure 5.4.4 below.
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Figure 5.4.4: Halite precipitation at injector over 11 year observation period following fresh water pre flush

By including a one month fresh water injection period within the saline aquifer prior to
CO2 injection, not only is the onset of halite precipitation delayed by 180 days but the
amount of halite precipitate is decreased by 51.9% from 2,251,020 gmole to 1,225,190
gmole. A three month fresh water injection delays halite precipitation by a year while
resulting in a 92.3% reduction in the scale of precipitation, with only 196,602 gmole of
halite precipitating over the 9 year injection. Due to the reduction in the amount of halite
observed at the wellbore as a result of the fresh water injection, less of a reduction in the
porosity and permeability at the injector is observed as can be seen in Figure 5.4.5 below.
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Figure 5.4.5: Porosity and permeability evolution at injector over 11 year observation period following fresh water
pre flush

The impact of both the one month and three month fresh water pre flush on reducing the
deleterious effects of halite precipitation on the well injectivity can be seen in Figure 5.4.6
below.
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Figure 5.4.6: Well injectivity over 11 year observation period following fresh water pre flush

In evaluating the potential benefits of implementing a fresh water injection period prior to
CO2 injection it becomes clear that this proposed method of mitigation can be quite
effective. Implementation of a one month pre flush allows for a 2.5% increase in the
maximum well injectivity and results in a 7.9% increase in the sustained well injectivity
following precipitation. While the longer three month fresh water pre flush only allows for
a moderately larger 2.7% increase in the maximum well injectivity from the 4 molal
baseline model, it does provide a 14.3% increase in sustained well injectivity following
precipitation.
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While it is clear that performing a water pre flush at the injector limits the scale of halite
mineral precipitation and provides better sustained well injectivity it must be noted that the
reduction in injectivity caused by halite precipitation within the 4 molal baseline is
relatively small. When one considers that implementation of a three month pre flush
provides only 23 kPa of pressure relief at the injector, it appears the potential costs of the
procedure could outweigh the benefits.
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Chapter 6: Conclusions
Several conclusions may be drawn from the results of the simulation study
performed. The significant conclusions obtained from the main study objectives are as
follows
1.) Within a primarily siliciclastic saline aquifer without significant amounts of
carbonate components, mineral dissolution is observed to be the predominant
mineral reaction over precipitation throughout the course of CO2 injection. While
the extent of mineral reactions within the aquifer is widespread, the scale of the
reactions is minute and thus no significant impacts on formation properties and
well injectivity can be observed over the course of injection.
2.) Halite mineral precipitation caused by the evaporation of the brine phase into the
dry CO2 plume, while significantly greater in scale than host mineral reactions,
does not produce a profoundly negative impact on near well porosity and
permeability. Within a saline aquifer of average salinity the negative impacts of
halite precipitation on well injectivity are easily offset by the effects of changes in
the scCO2 fluid saturation and properties, further suggesting the limited field scale
impact of the issue.
3.) The sensitivity of halite precipitation to both the injection rate of CO2, and the
saline aquifer formation temperature is very limited. While increases in both the
injection rate and formation temperature trigger earlier onset of halite precipitation,
varying these parameters has little effect on the scale of halite precipitation and
thus little observed effect on the well injectivity. The scale of halite precipitation is
quite sensitive to the initial salinity of the brine phase. Within higher salinity
aquifers the amount of precipitant halite can be observed to be an order of
magnitude larger than that seen in lower salinity formations. This increase in the
scale of halite precipitation produces a noticeable decline in formation porosity and
permeability at the injector, particularly permeability which decreases by almost
13.5% in the highest salinity case modeled. The resulting sensitivity of well
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injectivity to salinity, while more significant than that seen with injection rate and
temperature, is not large enough to warrant significant cause for concern.
4.) Performing a fresh water pre flush prior to injection of CO2 can be very effective in
delaying the onset and limiting the scale of halite precipitation observed within the
near well region. Performance of a three month fresh water injection could be seen
to effectively reduce halite precipitation by 92.3% within a high salinity aquifer and
result in a negligible decrease to well injectivity following precipitation.
The results of the simulation study performed serve to provide valuable insight into the
extent and scale of mineral dissolution/precipitation and halite salt precipitation within
deep saline aquifer formations during CO2 injection for sequestration purposes and help to
quantify the impacts on formation properties and well injectivity on the field scale.
While the observed impacts of mineral dissolution/precipitation may be considered minor
within the study performed it is worth noting that within a largely siliciclastic reservoir the
predominant silicate reactions are fairly slow and trend towards mineral dissolution while
carbonate reactions occur more rapidly and at greater scale. This indicates the potential for
greater impacts within largely carbonate reservoirs where the more extensive presence of
carbonate minerals i.e calcite and dolomite could potentially lead to greater mineral
reactivity, particularly precipitation at later stages of CO2 injection, and greater impact on
well injectivity. The potential for early brine dry out to limit the potential mineral
reactivity however must be considered.
The potential impacts to the well injectivity by halite precipitation observed within the
study likely present a more optimistic scenario than would be expected when one considers
the potential for transport of the precipitant halite mineral within the formation and its
ability to clog miniature pore spaces further resulting in decreases to the effective porosity
and permeability. An optimization of the Kozeny-Carman power function relating the
changes in porosity to changes in permeability may provide a better representation of this
effect or conversely the use of a tube-in-series model could provide this effect.
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By providing this field scale simulation study detailing the limited impacts of mineral
dissolution/precipitation and halite precipitation, a contribution towards the greater
understanding of optimization of CO2 sequestration within deep saline aquifers is
achieved. The initial conclusions serve to lend some support to the argument over the
impact of mineral reaction, particularly halite precipitation, on field scale well injectivity.
It is likely that several factors which may be difficult to reproduce and accurately represent
on the core scale may work to offset or reduce the impact of halite precipitation. The
results of this study could be potentially useful in assessing the importance of optimization
of CO2 injection vs other aspects of the sequestration process such as potential trapping
mechanisms and storage capacity affecting CO2 storage and cap rock integrity affecting
CO2 retention.
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