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ABSTRACT
Shale gas has become a huge source of energy supply worldwide. One of the key shale gas plays
in United States is the Devonian aged, Marcellus shale in the Appalachian basin. The
development of such shale plays has been made possible because of technological advances like
horizontal drilling and hydraulic fracturing. Marcellus Shale stretches across several states but is
currently being commercially exploited in the states of West Virgina and Pennsylvania. These
states have seen a tremendous increase in their oil and gas production during the last five years.
However the industry still is in an evolving state and the process of fracturing can undergo a lot
of improvement. A thorough evaluation of stimulation effectiveness can enhance the production
parameters as well as throw light on the bottlenecks in the current practices adopted. To evaluate
the prevalent practices the industry takes into considerations of geology, completions, and
treatment parameters and field operations. Methods of effectiveness evaluation include microseismic data, fracture treatment analysis, production data analysis, and data mining techniques.

This research aims at understanding the effectiveness of the stimulation parameter treatment in
the Marcellus shale. The first step was to collect and evaluate the geological properties of the
Marcellus Shale. We then reviewed the currently producing wells and chose 125 wells which
had the complete data. We proceeded with engineering and statistical analysis to better
understand the correlations between the stimulation parameters adopted by the industry and the
subsequent gas production. Economic analysis was also conducted for further evaluation of the
effectiveness of the stimulation parameters. From the data generated and evaluated we found out
that the lateral length ranged from 1096 ft to 10616 ft with a mean value of 4675 ft. Gas
production increased with lateral length. Treatment range was between the range of 75bpm to 95
bpm with a mean value of 82 bpm. Gas production was found to be adversely affected by

iv

treatment rate beyond a certain value. Similar observations were made for other controlling
factors like the total pounds of proppant needed and the total volume of fluid needed. This
research would help us in determining the the preferred choice of operators when it comes to
choosing a treatment schedule.
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CHAPTER 1
INTRODUCTION
Shale gas is a growing source of natural gas across the United States and globally. Traditionally
shale gas plays were not sought after due to the technical difficulties in extracting gas and the
economic considerations. Shale reservoirs are characterized by low permeability rocks which
have high organic content, high clay content. The shale gas development model Barnett shale of
Fort Worth Basin in Texas was the first attempt where new technologies such as horizontal wells
combined with multi-stage treatment hydraulic fracturing were used (Montgomery, Jarvie et al.
2005). The Marcellus shale is the largest producing unconventional natural gas field in the
United States and is the focus of this research (Burnham, Han et al. 2011). While the
development of the Marcellus shale is an ongoing process, the use of horizontal well drilling and
hydraulic fracturing appear to be the key aspects of successfully developing this important
natural source.

Currently, the Marcellus shale covers a large area in the northeastern US and is one of the most
sought after shale gas reserve in the United States. It has a potentially prospective area of 44,000
square miles and is expected to contain about 500 TCF of recoverable gas (Lee, Herman et al.
2011). This huge amount of gas can only be economically recovered through advances in
horizontal drilling and stimulation techniques.

The complex behaviors and the subsequent production patterns can be analyzed through the
available treatment, production and completions data which includes the production history,
measured reservoir characterizations like petrophysical properties etc. The treatment data
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includes slurry volume, proppant amoung, size and type of the proppant and the injection rate of
the fluid.
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CHAPTER 2
LITERATURE REVIEW
2.1. America’s Shale Reservoirs

Gas shales are organic rich shale formations that were previously believed to be the source rocks
for gas accumulating in the stratigraphically proximal sandstone and carbonate reservoirs. Shale
is a sedimentary rock that is predominantly comprised of consolidated clay and silt sized
particles (Emmanuel 2013). Shales accumulate as mud in low-energy depositional environment
such as tidal ponds and deep water basins where the fine grained clay and silt particles fall out of
the suspension in these quiet waters. During the deposition of these sediments there can also be
deposition of organic. The compaction of these sheet like clay particles result in the formation of
thin laminae partly because the grains of this clayish material rotate to lie because of the
resulting pressure from compaction. Hence the basic premise of shale formation lies in this
process. These thin layers that make up shale result in a rock that has limited permeability both
horizontally and vertically. These reservoirs have extremely low permeability which makes
extraction of hydrocarbons from these reservoirs an extremely difficult proposition. Typical
unfractured shales have permeabilities less than 10-4 millidarcies (Hill, Lombardi et al. 2004).
The layering and fracturing of shales is usually in outcrop and is reflective of the manner in
which shales develop fractures both naturally and as a result of hydraulic fracturing.

The low natural permeability of shale has been a great hindrance in the potential viability of
shale overtaking other natural resources in helping United States to achieve energy
independence. It has been also a limiting factor to the production of gas shale resources. The lack
of permeability in these shale reservoirs pose a major challenge to the policy makers of energy of
the nation. There is a drastic difference between a shale reservoir and a more conventional
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reservoir and hence shale reservoirs come under the category of unconventional reservoirs. To
potentially develop an unconventional reservoir the hindrance of low permeability must be
overcome and hence we have the need to stimulate a well. The combination of reduced
economics and low permeability of gas shale formation historically caused the major operators to
by-pass these formations and focus on resources that required less investment and that had earlier
financial return.

Shale reservoirs are located across the United States in some of the major states of north-east and
south. Some of them are natural gas bearing shale reservoirs at depths exceeding 12000 feet.
Estimates of total natural gas resource potential for gas shales has been estimated to be from 500
to 1000 trillion cubic feet with estimates increasing continuously as more and more information
about the geology and production parameters is gathered. The natural gas present in a shale
typically resides in one of the three locations which are –
a) Within the pore pressure of the shale
b) Within natural fractures of the shale
c) Absorbed on minerals or organic matter within the shale.
The gas which is trapped has been identified as thermogenically sourced, as indicated by
the lack of other liquid hydrocarbons. The degree to which shale has been exposed to heat and
pressure can be measured by the relative volumes of oil and natural gas. The most mature shales
usually consist of dry natural gas. To date the shales which have been developed in United States
have ranged from 250-2000 ft in Antrim and New Albany region, 3000-5000 ft in eastern region
and more than 6000 ft in the south.

5

Figure 2.1: Natural Gas play distribution across United States (Source – EIA, March 2010)

The Barnett shale in Texas has set the standard for gas shale development with a great leap in
production since the mid 1990’s when horizontal drilling and hydraulic fracturing technologies
enabled the play to become economically feasible and marketable. According to industry reports,
the Barnett Shale play has experienced more than 3000% growth rate between 1998 and 2007
(Pratikno, Reese et al. 2013). Upcoming shale plays like Haynesville, Woodford and Marcellus
are expected to show similar growth and even more in optimistic reports. The technological
revolutions adopted in Barnett shale enabled the industry to implement wide-scale changes in
other plays as well and they have reaped rich dividends in the longer run. While the Barnett
Shale technologies have continued to mature, petroleum industry innovators exported the lessons
learned in the Fort Worth in other plays as well leading to a revamped efforts through out the
nation.
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2.2. The Marcellus Shale
The Marcellus Shale extends from its northern reaches in west central New York to southwest
trend down into Pennsylvania, Ohio, West Virginia, with minor portions of the eastern side of
the basin extending into Maryland and Virginia. Marcellus Shale is also one of the most
attractive shale gas reservoirs in the world. The annual natural gas production from Marcellus
has grown from 100 million ft3 in 2004 to more than 2 trillion ft3 (Medlock, Jaffe et al. 2011).

Figure 2.2: Marcellus Shale gas distribution zone. (Source – Ed Yozwick & Keith McCafferty,
U.S. Bureau of Land Management, 2011)
The Marcellus Shale is a unit of sedimentary rocks found in North Eastern America. It is named after a
distinctive outcrop near the village of Marcellus, New York in the United States. Although Shale is the
dominant lithology it also contains lighter shales and interbedded limestone layers due to sea level
variation during its deposition. The interior seaway was a result of the African plate ( at that time a part
of the Gondwana continent) and the North American plate (at that time a part of Laurentia) colliding
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approximately 380 million years ago. The Marcellus Shale was deposited in a deep through basin located
between the rise of the Cincinnati Arch and the collision boundary of the two plates. This collision
created a deep basin in which minimal clastic sediment deposition occurred. The rapid burial of the
Marcellus, a result of continued sedimentation and thrust faulting, eventually resulted in the sediments
surpassing the temperature and pressure of the oil window leading to the formation of large quantities of
natural gas entrained in the shale porosity. The occurrence of natural fractures in the formation is due to
the uplift and erosion of the Marcellus formation.
The stratigraphic column presented in figure 2.3 represents the general composition of the
overlying formations which were deposited after the Marcellus Shale. Directly overlying the Marcellus
Shale are the Hamilton group units of the middle Devonian, and the upper Devonian sequence, which is a
section of the geologic materials that are predominantly composed of siltstones and shale (Brett, Baird et
al. 2011). There are parts of basin which are sufficiently deep to be potential hubs for shale gas
production and development and in those parts the upper Devonian strata represents a thick section of
geologic materials which acts as the barrier to the upward migration of fluid.
Marcellus Shale encounters different formation above and below it across its span across different
states. In New York, the Mahantango is divided into subgroups. There the Marcellus is separated from the
overlying Skaneateles formation, a more clastic and fossil like dark shale by limestone bed. In West
Virginia, due to the period of erosion and non deposition Marcellus is separated from Mahantango by
sandstone . It also may lie directly below the late Devonian Harrel formation. In eastern Ohio, Marcellus
is sandwiched between Plum brook shale and limestone. The Marcellus Shale is typically found deposited
on the limestone of the Onondaga formation which extends down to the end of the early Devonian period.
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Stratigraphy of the Marcellus Shale

Figure 2.3: General stratigraphic column of Marcellus Shale(Source – Milici and Swezey 2006)
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2.3. Stimulated Reservoir Volume
The reservoirs with ultralow permeability require a large fracture network to maximize the
productivity of the well. In conventional reservoir and tight gas sands, fracture half-length and
conductivity are the key indices for the stimulation performance and henceforth the final
production. In Shale reservoirs, where complex fracture network structures are created, the single
fracture half-length and conductivity are insufficient to describe the stimulation performance.
Hence the performance of the well is adjudged by using correlating the concept of Stimulated
Reservoir Volume (SRV) to the well performance. The size of the created fracture network can be
approximated as the 3D volume of the micro-seismic- event cloud.
The volume is roughly ascertained by examining the volume of fracture fluid injected into
the wellbore during the hydraulic treatment operation. Either the fluid is retained by the fractures
formed or it is lost to the formation and counted as fluid loss. Assuming the absence of any
limitations due to the unique fracture network, complexities or behavior of the fracture we can say
that the stimulated reservoir volume (SRV) would equal fracture volume. But in real life that never
turns out to be true. While the effectively producing network could be smaller by some proportion,
it is assumed that the created and the effective network are directly related. Stimulated reservoir
volume therefore is defined as the product of gross stimulated reservoir area as measured by microseismic cloud and the pay height assuming entire pay was fully stimulated (Barree, Fisher et al.
2002).
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2.3. Current Stimulation Practices
Stimulation process can be affected by a lot of factors in any formation. Some of the factors are
natural factors like the petrophysical factors of any formation. Some of the other factors are
controllable factors which can be controlled to better design the stimulation process for higher
productivity. The natural factors include lithology, TOC, pore pressure, insitu stress, presence of
natural fractures etc. The controllable factors include the completion design, wellbore
orientation, choice of proppant and fluids, length of laterals, injection rate etc.
2.3.1. Lithology
Shale gas reservoirs are mostly biogenic and thermogenic gas accumulations characterized by
widespread gas saturation, complex trapping mechanisms and short hydrocarbon migration
distances. Marcellus shale is no exception. Marcellus Shale is a soft to moderately soft, gray to
brownish black, carbonaceous highly radioactive shale with interbeds of limestone, sandstone
and carbonate concretions. Black shale is the dominant lithology throughout the region although
we do have the occurrence of other layers due to the sea level variations during its deposition.
The black shale is deposited in a relatively deep water restricted basin setting devoid of oxygen
and it contains iron ore which was used in the early economic development of the region.
Concentrations of iron pyrite (FeS2) and siderite (FeCO3) are found in the Marcellus Shale.
Marcellus Shale is fissile which means that the unit splits easily along the bedding plane (Tso,
McDowell et al. 2004). Organic matter deposited with the Marcellus Shale got compressed and
heated deep within the Earth over geologic time forming hydrocarbons, including natural gas. A
rock with a greater ability to yield gas is the one which has more organic material contained
within itself. Natural gas occurs within Marcellus Shale in three ways; within the pore spaces of
the shale, within vertical fractures (joints) that break through the shale, and absorbed on mineral
grains and organic material (Barree, Gilbert et al. 2009). Most of the recoverable gas is in the
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pore spaces as gas sorbed onto kerogen or gas dissolved as kerogen and bitumen. However, the
real challenge lies in overcoming the problem of poor connection resulting in almost negligible
conductivity for the gas to escape. Hence the successful extraction of the natural gas therefore
depends largely on the fracture porosity of the shale.

2.3.2. Pore Pressure
During much of the period leading up to the formation of Marcellus Shale, sedimentation rate
was high, occasionally in excess of 150 meters per million years. Ordinarily, seawater is
squeezed out of pore space during burial, but a high sedimentation rate does not allow time for
pore water to escape the fine-grained matrix of the black and gray shale. Because water is
incompressible relative to the shale matrix, this trapped seawater supports the weight of
additional sedimentation, preventing further compaction of pore space. Pore pressure must
increase when supporting the weight of sedimentation. This process, called compaction
disequilibrium, is the first mechanism to generate abnormally high fluid pressure in the Devonian
section, including the Marcellus Shale.

Burial of the Marcellus continued with a concomitant increase in temperature and pressure until
the oil window was reached approximately 300 million years ago. Oil and gas were generated
from organic matter by a chemical reaction that ordinarily requires an increase in pore space.
However, because pore space did not expand during burial of the Marcellus Shale, the generation
of oil and gas in this organic-rich unit resulted in an additional increment of pore pressure.
Progressive production of oil and gas in the Marcellus increased pore to such a magnitude that
the pressure was relieved by expansion of the rock through cracking, starting with microcracks
around flakes of organic matter (Soeder 1986).
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We have cracks propagating from kerogen flakes in Devonian black shale. These cracks are
driven by pressure developed around the kerogen flakes by the chemical reaction that converts
kerogen to gas and oil. As more hydrocarbon is generated, the cracks continue to grow until they
open into full scale joints (i.e., J1) that are natural hydraulic fractures.

2.3.3. In-situ stresses

The propagation and geometry of hydraulic fractures are strongly controlled by the downhole
state of stress. In particular, it is generally accepted that the degree of fracture containment is
determined primarily by the in-situ stress differences existing between layers. The three in-situ
stress types are minimum horizontal, maximum horizontal, and vertical (overburden) stresses.
Stresses in the earth are functions of various parameters that include depth, lithology, pore
pressure structure and tectonic setting. In practice, it is observed that at shallow depths the
minimum principal stress is the vertical stress; i.e. a hydraulic fracture is most likely to occur in a
horizontal plane. The transition between a vertical minimum principal stress and a horizontal
minimum principal stress depends on the regional situation. The value of minimum stress is one
of the most important parameters in hydraulic fracturing. At typical reservoir depths, the
fracturing pressure is a strong function of the minimum stress. In some cases, the value of net
pressure, which is the fracturing pressure minus the minimum stress, could be quite small
compared with the closure pressure. The net pressure is the most robust parameter available for
obtaining information on fracture geometry. Usually, the minimum stress measurement gives an
insight into the expected treatment pressure and the fracture geometry. It is also generally
accepted that the degree of fracture containment is determined mainly by the in-situ stress
differences between layers. Knowledge of the stress variation between the pay zone and the
adjacent layers is therefore essential for predicting the extent that the fracture grows out of the
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zone. The amount of stress confinement also influences the rock properties like elasticity,
strength and permeability.

2.3.4. Natural Fractures in Marcellus Shale

Two fracture sets are present in the Marcellus Shale as seen in Figure 2.4. J1 fractures were
formed by natural hydraulic fracturing as fluids were expelled from the Marcellus and other
Devonian organic-rich shales (source rocks) during the emplacement of hydrocarbons in
Pennsylvania’s oil and gas reservoirs about 300 million years ago. J1 fractures are oriented
northeast to southwest and were formed as natural hydraulic fractures during the Alleghenian
Orogeny (Engelder et al 2009). These fractures are parallel to the current maximum horizontal
stress orientation in the Appalachian basin. J2 fractures were formed during hydrocarbon
generation and cross-cut the older J1 fracture set. J2 fractures are oriented northwest to southeast.
Both J1 and J2 fracture sets are natural hydraulic fractures and have very similar apertures and
surface roughness. However, the J1 fracture set lacks cement or mineralization due to the
presence of methane which inhibits precipitation in the fractures (Blanton 1986). The J1 fracture
set is more prevalent and closely spaced than the J2 fracture set which yields a higher
permeability for these fractures. As the fractures are vertical in Marcellus Shale, if a vertical
drilling is done, only a few fractures can be intersected. Therefore, in order to increase the
productivity of a well, horizontal drilling is preferred in Marcellus Shale since it penetrates
maximum number of fractures and maximum distance of gas bearing rock. Ideally, a horizontal
well attempting to produce from the Marcellus shale should activate J1 fracture set to exploit the
high permeability of these fractures and activate the J2 fractures to connect parallel J1 fractures.
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Figure 2.4: General orientations of structure axes, contemporary tectonic stress field, and J1, J2,
and J3 joint sets in Marcellus Shale – (Environmental Geosciences December 2011 vol. 18)

2.3.5. Total Organic Content (TOC)

The amount of natural gas present in the Marcellus Shale is the product of the quantity of
undecomposed organic matter trapped in the shale and is measured as the total organic carbon
(TOC) present. Natural Gas originates from one of two sources:


Thermogenic transformations



Biogenic transformations
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Biogenic natural gas is produced when microorganisms chemically transform organic material
into methane. In these cases the gas formation occurs near or on Earth’s surface in areas with
little or no oxygen present. Thermogenic natural gas is produced when organic material is
trapped deep beneath the surface of the earth and exposed to very high temperatures and
pressures. Conversion occurs as the layers of mud are compressed by the addition of new layers
of mud and are pushed downward toward Earth’s center where the much higher temperatures
cook the original carbon molecules into methane. The quality of natural gas is related to the
geological characteristics of the shale, like sulfur or water content, which can be incorporated
into the gas. When natural gas is almost pure methane, it is called dry gas. When it contains a
higher concentration of other complex hydrocarbons, like propane, butane and ethane, it is called
wet gas. The estimates of TOC for Marcellus shale vary. According to some scholars (Milliken,
Rudnicki et al. 2013), the total organic content of Marcellus shale is between 3-12%. In
comparison to some of the other well known gas shale plays in the US, the amount of TOC in the
Marcellus Shale is fairly average to low, with around 60-100 scf per ton of shale trapped.
However, because the Marcellus Shale is, geographically, the largest shale basin in the US at
95000 miles2, and is so close to many commercial markets for the gas, it holds large quantities of
economically extractable natural gas.

2.3.6. Bottomhole temperature

Bottomhole temperature is the temperature in the borehole at total depth at the time it is
measured. In log interpretation, the bottom hole temperature (BHT) is taken as the maximum
recorded temperature during a logging run, or preferably the last of series of runs during the
same operation. BHT is the temperature used for the interpretation of logs at total depth. Farther
up the hole, the correct temperature is calculated by assuming a certain temperature gradient. The
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geothermal gradient 𝐺𝑡 varies from place to place around the globe based on annual mean
surface temperature and thermal conductivity of the sub-surface formation.
However, using an average 𝐺𝑡 of 1.00F/100ft (18.20C/km), as well as the mean annual
surface temperature, 𝑇𝑠 of the region, the sub-surface formation temperature, 𝑇𝑓 can be
estimated.
2.3.7. Drilling methods
Drilling and completions affect the final recovery from a gas well significantly. To extract
natural gas from any play, one should know the correct properties of the reservoir and hence plan
the best completion strategy. There are several ways to increase gas recovery by using different
types of drilling technologies available such as vertical drilling, multilateral drilling and
horizontal drilling. Although only horizontal wells have been covered under this study we will
briefly go through each of these technologies –


Vertical Drilling: Vertical drilling is the traditional type of drilling in oil and gas industry.
Drilling a vertical well is cheaper than drilling horizontal well but the production from
vertical wells is lesser than as compared to the horizontal wells/multilateral wells. In
Marcellus Shale, due to presence of vertical fractures hence drilling a well vertically
would limit the frequency of intersecting a large number of natural fractures and hence
the production would be less (Kargbo, Wilhelm et al. 2010).



Multilateral Drilling: Multilaterals are defined as wells having one or more branches
(laterals) tied back to a mother wellbore, which conveys fluids to or from surface. The
branch or lateral maybe vertical or at any inclination up to or greater than horizontal.



Horizontal Drilling: Horizontal drilling is the process of drilling and completing, for
production, a well that begins as a vertical or inclined well which extends from the
surface to a subsurface location just above the target oil or gas reservoir called the
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‘kickoff point’, then bears off on an arc to intersect the reservoir at the entry point and
thereafter, continues at a near horizontal attitude tangent to the arc to substantially or
entirely remain within the reservoir until the desired bottom hole location is reached . The
prime purpose of a horizontal well is to increase the pay zone within the producing
formation as shale gas reservoirs are much more extensive in the horizontal dimension. It
is because of these reasons that operators prefer a horizontal well over a vertical well and
now almost all the wells which are coming up in the Marcellus Shale are horizontal wells.
Vertical depth of Marcellus Shale horizontal wells vary from 5000 to 8000 ft with an an
average lateral length of around 5000 ft (Jacot, Bazan et al. 2010). Marcellus Shale wells
generally take between 15 to 30 days to drill. The most common types of horizontal wells
are –
o

Short Radius Horizontal Wells

o

Medium Radius Horizontal Wells

o

Long Radius Horizontal Wells


Short Radius Horizontal Wells - Short-radius horizontal wells have build rates of 5 to
10°/3 ft (1.5 to 3°/ft), which equates to radii of 40 to 20 ft. The length of the lateral
section varies between 200 and 900 ft.



Medium Radius Horizontal Wells - Medium-radius horizontal wells have build rates of 6 to
35°/100 ft, radii of 1,000 to 160 ft, and lateral sections of up to 8,000 ft.



Long Radius Horizontal Wells - A long-radius horizontal well is characterized by build rates of 2
to 6°/100 ft, which result in a radius of 3,000 to 1,000 ft. This profile is drilled with conventional
directional-drilling tools, and lateral sections of up to 8,000 ft have been drilled.
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The difference between these horizontal wells is illustrated through figure 2.5.

Figure 2.5: Comparison of horizontal wells (Azar and Samuel, 2007)

2.3.8. Completion methods

Various methods for completions have been tried in the Marcellus Shale. Some of the
completion methods which have been tried in the Marcellus Shale are as follows –


Openhole completion



Cemented-casing completion



Uncemented casing with perforated sections



Uncemented casing with isolation packers



Cemented liners with plug and perf diversion



Open hole packers and ball and seat fracture ports for diversion.
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The most common completion methods adopted in Marcellus Shale multi-stage fracturing are
plug and perf diversion and open hole multi-stage systems (Chong, Jaripatke et al. 2010).

Plug-and-perf includes pumping down a bridge plug on wireline with perforating guns to a given
horizontal location near the toe of the well. The plug is set, and the zone is perforated. The tools
are then removed from the well, and the fracture stimulation treatment is pumped in. The set plug
or ball-activated plug then diverts fracture fluids through the perforations into the formation. The
stage is completed, the next plug and perforations are initiated, and the process is repeated
moving back to the heel of the well.

The Open Hole Multi Stage technique has been applied in several plays, including Marcellus
more frequently. The most attractive feature of the technique is its speed. Several stages can be
stimulated in a single day. Initially, the technique was limited to about six stages, but technical
improvements have raised that limit to more than 20 stages per well. In this technique, the
completion string is assembled with sliding sleeve ports and external isolation media in such a
way that when the completion string is landed, the ports lie opposite the predetermined depths
where stimulation will be initiated. At this point, the stimulation takes place as a continuous
activity. The sliding sleeve ports are opened sequentially from toe to heel, and the treatment is
pumped through the open port into the formation. Fracturing takes place in a typical fashion with
the point of least resistence fractured first. It is followed by the opening of the next subsequent
port while simultaneous closure of the zone just treated. The procedure is repeated till all the
zones have been treated (Chong, Jaripatke et al. 2010).

The preference given to one technique over the other is primarily due to the savings in cost
which can be significant with higher number of stages. The Open Hole Multi Stage system is
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undoubtedly more efficient in terms of field operating time and operators are increasing using
this technique over plug and perf in Marcellus Shale. However, there is a higher element of risk
associated with Open Hole Multi Stage completion system. If a change is required in the stage
depth it is very difficult to do that with the Open Hole Multi Stage completion system.

2.3.9 Controlling Factors

For this research, we will now study the factors which are crucial in terms of the impact they
have on the production from a well. We will study each controlling factor in detail now based on
the available data from the field and their significance based on prior studies.

2.3.10 Lateral Length

Lateral length is the length of the well drilled beyond the kick off point. It penetrates the
hydrocarbon bearing zone horizontally and can go on for a few thousand feet. In Marcellus
Shale, Lateral lengths in the range of 2000-11000 have been reported. Off late, the operators
have started drilling lateral length which are more than 15000 feet long. The longer the lateral,
the more wellbore surface area in contact with the formation hence the fluid being pumped
would be directed on to the rocks in a more efficient manner (Belvalkar and Oyewole 2010).
This would directly result in much more enhanced production and efficient clean up during the
flow back process. Apparently, the single most glaring factor responsible for enhanced gas
production seems to be the lateral length. However, there are some disadvantages of long lateral
as well. The longer laterals can increase wellbore complexity and reduce stimulation efficiency.
Given the geology of the formation they can prove to be counter-productive by increasing the
cost of drilling the well to an unsustainable level. Hence we can’t conclusively say that longer
laterals are always better. Some studies have said that shorter laterals with smaller fractures
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having better stimulation efficiency can produce at superior rates. Shorter laterals are easier to
design and reduce the possibility of congestion during flow.

The industry has shown the disposition to switch to longer laterals but still whether that is the
best way to go is to be shown.

This research will help us determine whether longer laterals or shorter laterals are better for
Marcellus Shale.

2.3.11 Proppant Type

The selection of right proppant is an extremely important criterion for a successful stimulation
process to take place.. The choice of proppant is decided not only by the stress it can withstand
but also by its cost. Sand proppant and Ceramic proppant are the two most broadly used
proppants in the industry. Usually in the Marcellus Shale most of the operators prefer sand
proppants over ceramic proppants (Brannon and Starks 2009). This is due to the fact that sand
proppant is cheaper which makes it possible to pump in large quantity of proppant in a naturally
fractured formation. Each type of proppant comes in various sizes and is listed as 100 mesh,
40/70, 30/50, 20/40 or 16/20 mesh sizes.
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Gravel Size

U.S.

Approximate Median Diameter

(in.)

Mesh Size

(in.)

(µm.)

0.006 x 0.017

40/100

0.012

300

0.008 x 0.017

40/70

0.013

330

0.010 x 0.017

40/60

0.014

350

0.017 x 0.033

20/40

0.025

630

0.023 x 0.047

16/30

0.035

880

0.033 x 0.066

12/20

0.050

1260

0.039 x 0.066

12/18

0.053

1340

0.033 x 0.079

10/20

0.056

1410

0.047 x 0.079

10/16

0.063

1590

0.066 x 0.094

8/12

0.080

2020

0.079 x 0.132

6/10

0.106

2670

Table 2.1: Commonly available gravel and proppant sizes (Robert Duenckel, Jr. Harry D Smith,
Michael. P. Smith, Carbo ceramics Inc 2012)

One of the most important factors in the selection of a proppant is the stress. Based on the
closure stresses and the conductivity of the formation we decide a suitable proppant.
Conductivity is the most important parameter in choosing proppants. Conductivity depends on
the size of the proppant and fracture geometry and conductivity endurance comes from the
strength of a proppant. As shown in Figure 2.6. the conductivity is the most important factor in
the determination of the right kind of proppant for a formation.
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Figure 2.6: The hierarchy of conductivity (Source - Carboceramics)

In the Marcellus Shale, most of the operators have been operating with sand proppants only as it
allows them to pump in large quantities of proppant in the formation which helps keep the
fractures open. Some operators like Chesapeak and Range resources in the past tried using
ceramic proppants but have not significantly benefitted in terms of the production from the
Marcellus play hence they switched back to sand proppants. The type of sand proppants used in
Marcellus Shale are as follows –

1. 20/40 Sand

2. 30/50 Sand

3. 40/70 Sand

4. 100 Mesh Sand
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2.3.12 Total pounds of proppant

Total pounds of proppant is one of the controlling factor covered in this research. Normally, it
would appear that the higher amount of proppant you pump into the formation, the more
production it would result into. With the economic activities in Marcellus Shale gaining traction
and operators willing to drill laterals longer than ever it is very important to know the optimum
amount of proppant which can be used for a successive stimulation operation. The amount of
proppant left in the stimulated reservoir will also determine the effectiveness of the stimulation
operation. Hence this factor will be analyzed in detail in this research.

2.3.13 Total Fracture Fluid Volume

The fracturing fluid is a critical component of the hydraulic fracturing treatment. Its main
functions are to open the fracture and to transport propping agent along the length of the fracture.
Usually the viscous property of the fluid is considered the most important property. In addition to
the viscous property, the fluid should break and clean up rapidly once the treatment is over. It
should also exhibit low friction pressure during pumping and be economical. We will investigate
the significance of the total gallons of fracture fluid used in the well studied. A greater
understanding of the optimum amount of fracturing fluid is desired. Although in the Oil and Gas
industry we have a lot of fracturing fluids available but in Marcellus Shale the fracturing fluid
used is predominantly Slick Water.

2.3.14 Treatment Rates

The rate at which the fracturing fluid is also a factor in deciding the production rate as it alters
the geometry of fracture and other dimensions of the rock. The typical rates at which the
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operations are carried out in Marcellus Shale is from 65-110 bpm. Typically most of the
operators prefer a range of 80-90 bpm and going over this might be counterproductive as well. In
general treatment rate itself by itself has little impact on the gas production in the Marcellus
Shale.

2.3.15 Number of Stages

Marcellus Shale is still very much an evolving play. Ever since the renewed interest in it
operators have had wells drilled with the number of stages ranging from single digits to more
than 30 stages per well. A lot of this has to depend on the geology at a particular point, the pay at
that point and the economics of drilling such a long lateral. This research will also put light on
whether operators prefer shorter laterals with more proppant or longer laterals with lesser
proppant.

Based on these controlling factors, to know how the production gets affected is the goal of this
research. An optimum utilization of all the available resources will aid in designing a stimulation
operation. It will take into consideration the impact of all the controlling factors when taken
together as well as the impact of the individual controlling factors. The controlling factors for
this research are; Total pounds of proppant, total volume of fracturing fluid, number of stages,
lateral length and treatment rate. Effects of non-linearity will also be investigated.
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CHAPTER 3

PROBLEM STATEMENT
3.1 – Problem Statement
Multi-stage fracture treatments has become the norm over the last few years in Marcellus Shale
and other shale gas reservoirs to enhance the production. The advantages offered by a horizontal
well over a vertical well are enormous and they have resulted in a substantial increase in gas
production and recovery over the past few years.

However, Marcellus Shale development is still in an evolving stage and hence a lot of
stimulation efforts may be ineffective . We often see cases where disproportionately large
amounts of fluid are being used to stimulate a well and the final production is not according to
expectations. Currently, different operators use different stimulation practices hence the
stimulation efficiency is lower than expected. This sub standard yield can be attributed to various
parameters and hence it is very important to come up with an optimal industry standard.

The purpose of this study is to use data mining techniques to evaluate well stimulation
effectiveness in the Marcellus shale by comparing production results to the fracture stimulation
parameters and to identify patterns. Statistical, engineering and economic techniques will be used
to evaluate their well performances and its relation to the stimulation parameters. Well
performance data includes 1 month gas production, 3 month cumulative gas production, 6 month
cumulative gas production, 1 year cumulative gas production 2 year cumulative gas production
and 3 year cumulative gas production. The stimulation parameters include lateral length, number
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of stages, types of proppant, pounds of proppant, types of fluids, gallons of fluid and the
treatment rate.

The key steps to complete this research are as follows –
1. To complete a detailed literature review of all the geological data of Marcellus Shale.
2. To gather and quantify the production and stimulation data of Marcellus wells. Data should
include all the production and stimulation factors. In totality around 15 parameters are to be
collected and analyzed for each well.
3. To fit the data in the statistical model which would relate production to the controlling factors.
4. To evaluate the correlations and abnormalities in the data analyzed.
5. To develop economic model and analyze the previously collected data to evaluate the
effectiveness of the stimulation process.
6. To document all the new findings in a Master’s thesis and a SPE paper.
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CHAPTER – 4

DATA GATHERING AND ANALYSIS
4.1 Data Gathering Process
Data was collected with the gas production ranging from 2009 to 2011. The data collected had a
minimum production history of 3 years. The data was based in the state of West Virginia. Data
was collected mainly from 2 public databases namely drillinginfo and WVGS.com.
The data collected also contained the treatment rate, the type of proppant, type of fluid and their
amounts. A total of 125 horizontal wells were chosen which had the complete data available.
Most of the development which took place in Marcellus shale prior to 2007 was with vertical
wells. All the wells were distributed among 6 counties. More than 75% of the wells were owned

No of Wells

by 3 operators.

40
35
30
25
20
15
10
5
0
Harrison

Wetzel

Marshall

Doddridge

Upshur

County

Figure 4.1: Bar Chart of well distribution across counties

Marion
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4.2. Statistical Analysis
Statistical analysis refers to a collection of methods used to process large amounts of data and
report overall trends. Statistical analysis provides ways to objectively report on how unusual an
event is based on historical data.
This statistical analysis can be broken down into five discrete steps as follows –
1) Describe the nature of the data to be analyzed.
2) Explore the relation of the data to the underlying population.
3) Create a model to summarize understanding of how the data relates to the
underlying population.
4) Prove (or disprove) the validity of the model.
5) Draw insights from the analysis to predict future trends.
Our statistical analysis was conducted in two parts. The first part is preliminary data analysis to
explore the nature of the dataset. It will also help us understand the dataset better through lineplots and histograms. In short, it covers the first two points mentioned above. The second part is
the statistical model which correlates the production to the controlling factors and tests the
validity of the model through a series of statistical tests. For the response variable, a test of
normality was done and Logarithmic transformation was used for the production to achieve
normality.

4.2.1 Data collection
The process of data collection is not limited to just the production data and the controlling
factors. The counties where the wells have been drilled are also taken into account. API Well
number, the total vertical depth and the timeline is also recorded. Production data is collected as
1 month gas production, 3 month cumulative gas production, 6 month cumulative gas
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production, 1 year cumulative gas production, 2 year cumulative gas production and 3 year
cumulative gas production. The controlling factors namely, lateral length, volume of fracturing
fluid (gal), pounds of proppant, number of stages and the injection rate are also recorded from
each well. More parameters like proppant/fluid ratio or production per ft of lateral are also
recorded based on the initial data collected. There are many more of such parameters which
essentially are derived from the set of production values and controlling factor values. The
cumulative production values are converted into monthly average values by taking the difference
between the consecutive variables and finding their average. Table 4.1 will explain more clearly
the average production terms.
Table 4.1: Explanation of average gas production.
Average Production

Value

1 month average gas production

1 month cum production

2-3 month average gas production

(3 month cum prod – 1 month cum prod)/2

4-6 month average gas production

(6 month cum prod – 3 month cum prod)/3

7-12 month average gas production

(1 year cum prod – 6 month cum prod)/6

13-24 month average gas production

(2 year cum prod – 1 year cum prod)/12

25-36 month average gas production

(3 year cum prod – 2 year cum prod)/12

4.2.2 Histogram of production and controlling parameters
Histogram of the monthly production and various other controlling factors were plotted using a
statistical tool called as Minitab. It not only gives us the normal distribution curve but also the
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mean of the population and the standard deviation. In short, it is a tool to display a simple
histogram as a histogram with fitted probability density function.

Figure 4.2: Normal bell curve types in Minitab
Figure 4.3 (a,b,c,d,e) shows the histogram of average monthly gas production at different time
periods after the production started.
Histogram of first month gas production
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Figure 4.3a: Histogram of first month gas production.
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Histogram of Average monthly gas production(4-6)
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Figure 4.3b: Histogram of average monthly gas production for months 4 to 6
Histogram of average monthly gas production (months 7 to 12)
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Figure 4.3c: Histogram of average monthly gas production for months 7 to 12
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Histogram of averge monthly gas production (months 13 to 24)
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Figure 4.3d: Histogram of average monthly gas production for months 13 to 24
Histogram of average monthly gas production (months 25 to 36)
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Figure 4.3e: Histogram of average monthly gas production for months 25-36
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We will now plot the histograms of the logarithms of the average monthly gas production and
compare the trends to the plots where normal production is plotted. It will help us draw
inferences about the normality of the data. Figure 4.4(a,b,c,d,e,f) will show the distribution of the
logarithmic production data.

Histogram of Log 1 Month gas production
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Figure 4.4a: Histogram of log of average monthly gas production for the first month
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Histogram of log of average monthly gas production (months 2 and 3)
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Figure 4.4b: Histogram of log of average monthly gas production for months 2-3
Histogram of Log of average monthly gas production (months 4-6)
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Figure 4.4c: Histogram of log of average monthly gas production for months 4-6
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Histogram of Log of average monthly gas production (months 7-12)
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Figure 4.4d: Histogram of log of average monthly gas production for months 7-12
Histogram of Log of average monthly gas production (months 13-24)
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Figure 4.4e: Histogram of log of average monthly gas production for months 13-24
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Histogram of log of average monthly gas production (months 25 to 36)
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Figure 4.4f: Histogram of log of average monthly gas production for months 25-36
As clearly evident by the Figures 4.4(a,b,c,d,e,f) the distribution of the production data becomes
more normalized after we applied the logarithmic transformation. The correlation coefficients
studied between the production data reveals that production data reported up to one year and the
24th month can be more accurately modeled compared to the initial production data and the data
for the 3rd year.
4.2.3. Data Analysis for Lateral Length
We have a total of 125 wells for each of which we have the data for lateral length. Operators
prefer different lengths for the laterals in the Marcellus Shale hence the first step is to map the
lateral length distribution in the Marcellus Shale. Figure 4.5a gives us a picture of the
distribution of the length of laterals and the trend in the region.
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Histogram of Lateral Length
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Figure 4.5a: Histogram of Lateral Length
Besides the histogram we will also be plotting the gas production rate variation through line plots
based on the concept of dichotomization of the lateral length. The mean lateral length is around
4700 feet in the Marcellus Shale based on the data that we have gathered in the Marcellus Shale.
Lateral length dichotomized from 4000 feet will give us the trend of production for all the
producing wells having laterals above and below 4000 feet. Similarly, if we go on increasing the
length of the lateral at which we are dichotomizing our production data we will see a clear trend.
The values used are the average values hence it will give us a more conclusive idea of the nature
of the variation. Using 4000 feet as the first value of the lateral length dichotomization we
observe the trend of the production for wells having laterals longer than 4000 feet and for those
having laterals smaller than that.
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Figure 4.5b: Lateral Length dichotomized at 4000 feet.

Figure 4.5(b) shows the line plot of the oil and gas production where the lateral length has been
dichotomized at 4000 feet. The line marked by red dots is the one having laterals more than 4000
feet while the line marked by the black dots is the one having laterals less than 4000 feet. The
production increases for both the sections initially and reduces after the first three months. There
can be a lot of reasons for that but the prominent reason being the loss of pressure in the
reservoir and the subsequent decline in the production. The decline for the wells having shorter
lateral is more prominent compared to the decline in the wells having longer laterals. One
interesting trend is the marginal increase in the average gas production for wells having lateral
length less than 4000 feet. It is due to the fact that over a prolonged period, the cumulative
production is higher which results in higher average gas production. For months 4-6, a slight
decline in production is reflected in a steep decline in the graph because the total production for
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that period dropped significantly as opposed to the production for months 7-12, which remained
pretty steady. This trend was repeated later in the other graphs as well.

Figure 4.5c: Lateral Length dichotomized at 4500 feet.
Figure 4.5c shows that the average monthly production from wells having laterals longer than
4500 feet is higher than the production from wells having laterals shorter than 4500 feet. This is
represented by an average difference of 20.2 MCF/well. We got this value from taking the
cumulative gas production for all the wells with smaller laterals and bigger lateral separately and
averaging it over the number of wells in each category. We will now see the line plot
dichotomized at different lateral lengths to see whether there is any change in the trends
observed.
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Figure 4.5d: Lateral Length dichotomized at 5000 feet.
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Figure 4.5e: Lateral length dichotomized at 5500 feet.

Figure 4.5f: Lateral length dichotomized at 6000 feet.
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There is no missing data hence this can be fitted into the statistical model. The time period of 2536 months has not been included because the correlation coefficient was very poor which can be
attributed to many factors. The well after producing for 2 years could experience severe decline
in its pressure profile and the reduction in the average production over the course of the year.
The significance of these line plots is that these plots show that at every time interval from one
month to two years we can get an understanding of the production trend at a different value of
the controlling variable.
Table 4.2: Lateral Length distribution for the field.
Lateral Length (ft)

No of Wells Greater
than (>)

No of Wells Less than
(<)

4000 ft

89

35

4500 ft

73

51

5000 ft

54

69

5500 ft

28

96

6000 ft

11

113

Table 4.2 shows the lateral length distribution for the entire field. It is pretty clear from the trend
that very few operators have gone for longer laterals. Most of the operators have preferred to
drill laterals which are in between 4000-5000 feet range. From the above plots, for the first three
months, the length of lateral has had little impact on the overall gas production in the field. As
we go deeper in time the gap in production widens for higher laterals. In the case of laterals
smaller than 5000 feet the difference in the average production isn’t significant in the range but
as soon as we approach the 5000 feet mark the difference becomes prominent with time. So the
difference in average production for the first three months in the 5000 feet lateral plot is almost
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comparable to the difference for that time period in any other plot having shorter laterals. But as
we proceed ahead, there is an increment in the average production of the wells with increasing
lateral length and passing time. This indicates a trend of higher production with longer laterals.
For laterals above 5000 feet there is a big difference in the average gas production for the
field in a year’s time. With the trend already observed that longer laterals are resulting in higher
average production it is certainly a paradox that why operators have preferred shorter laterals
over longer laterals in Marcellus Shale. There might be numerous reasons as to why shorter
laterals have been preferred by the operators in West Virginia. The prices of gas and the cost to
drill being the most significant reason. It seems possible that the return from drilling a longer
lateral isn’t that significant in terms of economics because the prices of gas have not been as high
as the operators would have hoped.
4.2.4. Data analysis for Pounds of Proppant
The usage of pounds of proppants varies with each well and is dependent on the thickness of the
formation at a certain spot as well as the stress orientation for that particular well drilled. Owing
to these factors, the values of pounds of proppant used vary a lot for the entire field. In our
research, the values of total pounds of proppant data collected ranged from around 1.3 million
pounds to more than 8 million pounds of proppant used. Owing to such a big range, it is essential
for us to normalize the data like we normalized the production data for better results and for the
ease with which it can be fit into the statistical model. The normalization of data in this case is
done by subtracting the mean from each individual value and dividing it by the standard
deviation.
The correlations between the pounds of proppant and the production data will be
discussed later with the statistical model. Figure 4.6 shows the histogram of pounds of proppant
used for the entire field.
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Figure 4.6: Histogram of Pounds of Proppant
The mean of pounds of proppant is around 4.7 million pounds. In general the correlation between
the production values recorded and the analogous pounds of proppant values is moderately
positive. The different type of proppants used will also be considered in the statistical model.
The proppant type which will be considered in the statistical model are 100, 20/40, 30/50 and
40/70 sand. In general the trend was that higher proppant consumption resulted in higher
production.

4.2.5. Data Analysis for Fracture Fluid Volume
In a similar manner to analyze the total volume of fracturing fluid we have to normalize the data
by subtracting the mean from an individual value and divide it by the standard deviation of the
data. Again we have a moderately positive correlation between the volume of fluid used for
fracturing and the production from the gas wells. The range of the volume of fracturing fluid
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used is from 1.8 million gallons to almost 8 million gallons of slick water hence normalization in
this case is also necessary.
Histogram of Total Fracturing Fluid Volume (Million Gals)
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Figure 4.7: Histogram of the total fracturing fluid volume
For all the wells used in this research the fluid used was slick water hence in the statistical model
we have no variation in the types of fluid used.
4.2.6. Data Analysis for treatment rate
Similar to what was the approach in the analysis of the lateral length data the treatment rate data
is first analyzed by plotting a histogram of the available dataset and then dichotomizing the
values of treatment rate close to the mean value and plot the subsequent production data for the
same to see the presence of any trend.
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Histogram of Treatment Rate
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Figure 4.8: Histogram of Treatment Rate
The figure shows the distribution of the treatment rate for all the wells in the field. The
mean of the treatment rate is close to 85 bpm. We will start with dichotomizing the rate at 80
bpm and evaluate the production response for those wells which were treated above 80 bpm and
below 80 bpm. Then we will do the same for a treatment rate of 85 bpm and 90 bpm. Table 4.3
covers the range for treatment rate. There are no missing values as well.
Table 4.3: Dichotomized treatment rate range
Treatment Rate (bpm)

Rate greater than

Rate less than

80 bpm

102

20

85 bpm

70

54

90 bpm

34

90
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Significance of Treatment Rate
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Figure 4.8a: Line plot of treatment rate dichotomized at 80 bpm
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Figure 4.8b: Line plot of treatment rate dichotomized at 85 bpm
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The main difference between 4.8a and 4.8b is the decline in production for the first six months at
higher pumping rate. Marcellus Shale is a very rate sensitive formation and it is often observed
that higher rate results in excessive pressure in the formation forcing operators to cut the stages
prematurely which results in decline in production.

Significance of Treatment Rate

Log of average gas production (SCF)

7.8

Treatment
Rate sorting
< 90 bpm
> 90 bpm

7.7

7.6

7.5

7.4

7.3
Month 1

Month 2-3

Month 4-6

Month 7-12 Month 13-24

Figure 4.8c: Line plot of treatment rate dichotomized at 90 bpm
The plots above show that for the first three months the treatment rate is similar for the wells
which have been treated above and below the specified rate. The difference remains the same
and the production increases in both the cases. As we progress across the timeline we see as the
treatment rate increases the production goes down. This is consistent with our correlations which
show weak negative correlation between treatment rate and the production rate. We have a more
symmetrical decline in figure 4.8a as compared to the next two figures which makes us conclude
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that it is best to treat the formations in Marcellus Shale at a rate of around 80-82 bpm and going
above it might be counterproductive.
The descriptive statistics for all the controlling factors can be summarized in a table as follows –
Table 4.4 : Descriptive Statistics for the controlling factors for all the wells
Controlling Factor

No of

Minimum

Maximum

Mean

Standard

Samples

Deviation

124

1,334,530

8,094,266

4,710,232

1,434,021

Volume of Fluid

124

42500(bbl) 441020(bbl) 4.977 (MM gal)

Treatment

124

70.2

101.125

86.67

6.917

Number of Stages

124

5

29

16

2

Lateral Length (ft)

124

1096

10616

4675

1253

Pounds of
Proppant
1.501 (MM Gal)

Rate(bpm)

4.2.7. Data Analysis for Proppant to Fluid Ratio
Analysis of proppant to fluid ratio is a very crucial factor in our understanding of the dependence
of production on the input parameters of pounds of proppant and volume of fracturing fluid. It is
important because in this case production variation is being ascertained with both the variables
acting together. It will give us an idea of the amount of proppant of the volume of fluid require
and over the length of the lateral. We will again dichotomize the ratio along its mean.
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Histogram of Proppant Fluid Ratio(lb/gal)
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Figure 4.9: Histogram of Proppant Fluid Ratio (lb/gal)
From figure 4.9, the most common proppant to fluid ratio is around 1 lb/gal so we will
dichotomize our production range at this value. We will also dichotomize at 0.5 lb/gal, 0.8 lb/gal
and 1.2 lb/gal so see whether the production varies significantly with change in this parameter or
not.
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Proppant/Fluid ratio Dichotomized at 0.5 lb/gal
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Figure 4.9a: Line plot of proppant fluid ratio dichotomized at 0.5 lb/gal
Proppant/Fluid Ratio Dichotomized at 0.8 lb/gal
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Figure 4.9b: Line plot of proppant fluid ratio dichotomized at 0.8 lb/gal
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Proppant/Fluid Ratio Dichotomized at 1 lb/gal
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Figure 4.9c: Line plot of proppant fluid ratio dichotomized at 1 lb/gal
Proppant/Fluid Ratio Dichotomized at 1.2 lb/gal
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Figure 4.9d: Line plot of proppant fluid ratio dichotomized at 1.2 lb/gal
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Proppant to Fluid ratio had a moderate relationship with the production rates. From the figure
4.9d we can see that there is a significant difference in the production for wells which are being
treated at a ratio of below 1.2 lb/gal compared to wells being treated above 1.2 lb/gal. For the
first three months, a treatment rate of over 1.2 lb/gal yielded more production and then there is a
sudden drop in the production suggesting there might be leak-off at higher proppant to fluid
ratio. There is an average difference of 14.2 mcf/well/day which is significant considering the
production has been averaged over the whole timeline for the treatment rate of 1.2 lb/gal. It is
significant also because more production is being marked by the wells which have been treated
at a ratio less than 1.2. It goes to show that it is not advisable to pump in more proppant for a
certain amount of fracturing fluid. It can cause lower conductivity and proppant crushing leading
to a loss of production. For lower treatment ratio the production trends have been pretty similar
with production lines almost carving similar paths for treatment ratio of 0.8 to 1 lb/gal. This is
consistent with the histogram as the mean of the values of treatment ratio across the field was
very close to one. It just goes to show that most of the operators prefer to produce with a
proppant fluid treatment ratio of 1. So we can conclude that it is most preferable to keep the
proppant fluid ratio between 0.8-1 lb/gal for maximum production in the Marcellus Shale.

4.2.8. Statistical Model
A statistical model is a formalization of relationships between variables in the form of
mathematical equations. A statistical model describes how one or more random variables are
related to one or more other variables. The first step to build our statistical model is to compute
the pearson correlation coefficient between the controlling factors and the production and on the
basis of that correlation coefficient, determine the extent of the relationship between those
parameters and the production. After computing the correlation tests, we will put our data under
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some statistical tests to determine the statistical significance of our data. The tests which would
be performed on the data would be covariance test, test for fixed effects and test for random
effects. The predictors analyzed in our statistical model include, the length of lateral, pounds of
proppant, volume of fluid, proppant type, injection rate and time. Time refers to the different
periods of time at which production has been recorded. Each new column of time represents an
entry of 125 new rows of production data which are the production at that particular period.
Since there are six time periods hence we have 750 rows of production data and all other data are
kept in the other columns.
4.2.9. Pearson’s correlation
In statistics, the Pearson product-moment correlation coefficient (sometimes referred to as the
Pearson's r) is a measure of the linear correlation (dependence) between two variables, giving a
value between +1 and −1 inclusive, where 1 is total positive correlation, 0 is no correlation, and
−1 is negative correlation (McGraw and Wong 1996). The dataset which we had, included the
production rates and the controlling factors. We then calculated the correlation coefficients
between different controlling factors and the production rate to see the individual relationship of
a controlling factor and test its significance.
Since we have multiple values of production hence we will chose the value for which we
get the best pearson’s correlation coefficient with the controlling factors. The production values
after the first 3 months showed poor correlation and the best values were obtained for the 2 year
production vs the controlling factors hence we will go with that. Each controlling factor had a
value of ‘r’ corresponding to the production value at 3 months, 6 months, 1 year, 2 year and 3
year. The ‘best pearson r’ was chosen because it was the highest value of ‘r’ for a particular
controlling factor with various production values. The low correlation coefficient for some of
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the production values might be because of the fluid cleanup or fluid leak off during the initial
stages of the production.
Table 4.5: Pearson Correlation factors for the controlling factors and the production.
Controlling Factor

Production (2 year)

Pounds of Proppant

Pearson’s r = 0.66

Volume of Fracturing Fluid

Pearson’s r = 0.39

Lateral Length

Pearson’s r = 0.58

Number of Stages

Pearson’s r = 0.32

Injection Rate

Pearson’s r = -0.25

The value of r would tell you the extent to which one controlling factor is affecting the
production. The following table will tell us the crude estimates for interpreting strengths of
correlations:
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Table 4.6: Significance of Pearson’s r. (Evans 1996)
Value of r

Significance

0.70 or higher

Very strong positive relationship

0.40-0.69

Strong positive relationship

0.30-0.39

Moderate positive relationship

0.20-0.29

Weak positive relationship

0.01-0.19

No or negligible relationship

-.01 - -0.19

No or negligible relationship

-.20 - -.29

Weak negative relationship

-.30 - -.39

Moderate negative relationship

-.40 - -.69

Strong negative relationship

-.70 or higher

Very strong negative relationship

The correlation factors observed above show a strong positive relationship between the
production and the pounds of proppant and the lateral length. It also showed moderately positive
relationship of the production with volume of fluid and number of stages. It showed a negative
relationship with the treatment rate. The negative correlation suggested that the treatment rate is
adversely affecting the production rate. This might be due to the fact that higher treatment rates
have been counterproductive for the production rates. In the line plots drawn above which show
the dichotomization of the treatment rates we can clearly see the decline of the production rates
as the treatment rate increase.
4.2.10 Test for Difference of Means
The general trend in the Marcellus shale reservoirs showed a decline in the production after the
first year which was in conformity with the general nature of these reservoirs. A difference of
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mean test was conducted for the general population comparing their production values at
different time period to see whether they are statistically comparable or not. We performed the
difference of mean test for the general population for two different time scales. They are as
follows –
1. Difference of mean test comparing the production for the first six months vs production
for months 7 – 12.
To conduct a difference of mean tests, we need the values of the mean , the number of samples
and the standard deviation. The histograms for both the production dataset were plotted to obtain
the values of the mean and the standard deviation.
Histogram of total gas production for months 1 - 6
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Figure 4.10 a: Histogram of total gas production for months 1 – 6
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Histogram of total gas production for months 7 - 12
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Figure 4.10b: Histogram of total gas production for months 7 – 12
The key parameters required to conduct a difference of mean test are as follows –
Table 4.7: Key values for the first production dataset
Total gas production for months 1 - 6

Total gas production for months
7 – 12

Mean (x)

322.3

295.9

Standard deviation

141.1

156.9

124

124

(𝜎)
Number of samples
(n)
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The t value is computed using the following formula –

𝑡=

𝑆𝑡𝑎𝑡𝑖𝑠𝑡𝑖𝑐 − ℎ𝑦𝑝𝑜𝑡ℎ𝑒𝑠𝑖𝑧𝑒𝑑 𝑣𝑎𝑙𝑢𝑒
𝐸𝑠𝑡𝑖𝑚𝑎𝑡𝑒𝑑 𝑠𝑡𝑎𝑛𝑑𝑎𝑟𝑑 𝑒𝑟𝑟𝑜𝑟 𝑜𝑓 𝑡ℎ𝑒 𝑠𝑡𝑎𝑡𝑖𝑠𝑡𝑖𝑐

Mathematically it is expressed as
𝑧=

(𝑥̅1 − 𝑥̅2 ) − (𝜇1 − 𝜇2 )0
𝜎2 𝜎2
√ 1+ 2
𝑛1 𝑛2

This is used when the number of samples are more than 30. We are conducting this test for the
entire population hence we can use it. The ‘z’ used in the formula above is same as the ‘t’ value.
In this case, the statistic is the difference of means for both the samples. The hypothesized value
is the null hypothesis (H0) that the difference between population means is 0. Before we conduct
the test the assumptions which we make are as follows –
a) The two population sets are normally distributed.
For the first case, our values are –
𝑥̅1 = 322.3

𝑥̅2 = 295.9

𝜎1 = 141.1
𝑛1 = 124

𝜎2 = 156.9
𝑛2 = 124

Hence the value of t can be calculated as
(322.3 − 295.9) − (0 − 0)
𝑡=
= 1.35
2
2
141.1
156.9
√
124 + 124

For a p value of 0.05 the critical values of t are -1.96 to +1.96. Our t value is between the critical
ranges for the p value of 0.05 hence we fail to reject the null hypothesis that the difference
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between the population means is 0. Hence statistically the production datasets for months 1-6
and months 7- 12 are similar.
2) Difference of means comparing the total production for the first year vs production for
the second year.
The plots for these production datasets are as follows –
Histogram of total gas production for first year
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Figure 4.10c: Histogram of the total gas production for first year
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Histogram of total gas production for second year
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Figure 4.10d: Histogram of total gas production for second year

The key parameters for these datasets were as follows –
Table 4.8: Key values for the second production dataset
Total gas production for first year

Total gas production for second year

Mean (x)

601.4

408.9

Standard

247.1

272.9

124

124

deviation (𝜎)
Number of
samples (n)
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For the second case, our values are –
𝑥̅1 = 601.4

𝑥̅2 = 408.9

𝜎1 = 247.1
𝑛1 = 124

𝜎2 = 272.9
𝑛2 = 124

Hence the value of t can be calculated as
𝑡=

(601.4 − 408.9) − (0 − 0)
2
2
√247.1 + 272.9
124
124

The t value calculated based on these values was 5.69. For a p value of 0.05 the critical values of
t, as stated above is -1.96 to +1.96. The calculated t value for these production dataset was
beyond this range hence we can reject the null hypothesis in this case , which implies that the
population means are not similar and the difference between them is not 0.
The difference of mean test does show that the production does drop after the first year as
statistically there is a significant difference between means for the production datasets for the
first year and the second year.
4.2.11 Test for Random Effects
In this model, the variation across entities is assumed to be random and uncorrelated with the
predictor or independent variables included in the model. Random effects model assume that the
entity’s error term is not correlated with the controlling factors which allows for time-invariant
variables (in this case the type of proppant) to play a role as explanatory variables (Baayen,
Davidson et al. 2008).

In random effect model, you need to specify the individual characteristics that may or may not
influence the predictor variables. The problem with this is that some variables may not be
available therefore leading to omitted variable bias in the model. Hence we will be using fixed
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effects model as well to compensate for this shortcoming. Random effect model also allows to
generalize the inferences beyond the sample used in the model. The covariance test or the
‘covtest’ is covered under the results of this test as we check for the covariance parameters for
the randomness and the residuals. The significance of those parameters is decided by the p value
of these parameters. When you perform a hypothesis test in statistics, a p-value helps you
determine the significance of your results. Hypothesis tests are used to test the validity of a claim
that is made about a population (in this case, our data). This in essence, is called the null
hypothesis.

The alternative hypothesis is the one you would believe if the null hypothesis is concluded to be
untrue. All hypothesis tests ultimately use a p-value to weigh the strength of the correlation
(what the data are telling you about the population). The p-value is a number between 0 and 1
and interpreted in the following way:


A small p-value (typically ≤ 0.05) indicates strong inference against the null hypothesis,
so you reject the null hypothesis.



A large p-value (> 0.05) indicates weak evidence against the null hypothesis, so you fail
to reject the null hypothesis.



p-values very close to the cutoff (0.05) are considered to be marginal (could go either
way).

In a nutshell, if the p value is smaller than 0.05, then the effect of that parameter is significant.
The covariance parameters estimates obtained on running the mixed effects test were as follows
–
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Table 4.9: Covariance parameters for random effects test
Covariance Parameter

P value

Error

Random effects

0.2667

1.74E - 05

Residuals

0.003

1.79E -03

The p value as reported above is not below 0.05 which means the variations between the
production for all the wells in the field due to controlling factors have been sufficiently explained
by predictors used in the model.

4.2.12. Test for Fixed Effects
Fixed effects model is used when we want to analyze the impact of variables that vary over time.
Fixed effect model will explore the relationship between the controlling factors and the
production within a certain parameter. It could be counties in this case or the type of proppant
etc. Each parameter has its own individual characteristic that may or may not influence the
outcome (McGraw and Wong 1996).
When we use a fixed effect model, we assume that something within a certain parameter may
impact or bias the predictor or outcome variable and we need to control this. This is the rationale
behind the assumption of the correlation between a certain parameter’s error term and the
outcome variable. Fixed effect model removes the effect of those time – invariant characteristics
from the predictor variables so we can assess the predictor’s net effect. Another important
assumption of the fixed effect model is that those time-invariant characteristics are unique to the
individual parameter and should not be correlated with other individual parameters. Each entity
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is different and therefore the entity’s error term and the constant should not be correlated with
the others.
The fixed model is run by excluding the parameters of the random effect model. The fixed effect
model have the parameters which are our controlling factors namely, the pounds of proppant, the
amount of fracturing fluid used, the number of stages, lateral length, treatment rate and we also
include the type of proppants used as a parameter. Time is usually considered to be another
parameter for the fixed effect model. Time is highly significant to accurately model the
production variation with the controlling factors. Through the fixed effect model, we can
conclusively tell us what controlling factors are significant during the treatment process.

Table 4.10: results for fixed effects model
Parameters

P value

Coefficient

SE Coefficient

Significance

Time

<0.001

.0365

.00243

Yes

Lateral Length

0.017761

1.547

1.1324

Yes

Number of Stages

0.487877

.0025

.000812

No

Volume of Fluid

0.12537

.0174

.00476

No

Pounds of proppant

0.043266

.02152

.00782

Yes

20/40 Sand

0.84056

.0015

.0034

No

30/50 Sand

0.78357

.0002

.00273

No

40/70 Sand

0.02548

.9648

.7831

Yes

100 mesh Sand

0.003564

1.354

1.0273

Yes

Treatment Rate

0.08599

.00014

.0001

No

67

The results above indicate that the number of stages, amount of fluid used and some of the
proppant types are not affecting the production significantly. It means that these controlling
factors are not affecting the production as significantly as the other controlling factors. For the
proppant type, the fact that there are very few wells which actually used 20/40 sand and 30/50
sand might be one of the reason that its significance in comparison to other proppant type used is
lesser. We have to look at the count for these proppant types to see how the count can affect the
significance of these parameters.
Table 4.11: Distribution of proppant types for the field
Proppant Type

20/40

30/50

40/70

100 mesh

Yes

18

21

91

124

No

106

103

34

0

The proppant distribution clearly shows that the low count of the proppant type 20/40 sand and
30/50 sand has affected the significance of these parameters. 100 mesh proppant has been used in
each and every well spread across the field hence we have much more symmetrical distribution
which has resulted in its significance on the final production from the wells. The change in time
represents the change in rock and fluid property change over time and it is highly significant
factor. As we start producing, the pressure profile of the well changes which results in changes in
rock and fluid properties as well. Number of stages is not affecting the gas production
significantly. Lateral length is a significant parameter which goes to show that longer laterals are
highly desirable in the Marcellus Shale. This goes to show that longer lateral doesn’t necessarily
mean more number of stages in a fractured well. We can have longer laterals with relatively
lesser number of stages. The amount of proppant is significantly affecting the production from
the wells. 100 mesh and 40/70 mesh especially seems to be the most important parameter for the
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gas production. The treatment rate is also a very significant parameter for the production from
the wells in the field. This results confirms the plots in the statistical analysis which shows a
severe dip in the production with a slight increment in the treatment rate. As the treatment rate
goes above 85 bpm the production drops severely. Hence we can conclude that a treatment rate
of around 80-85 bpm is the most desirable treatment rate for Marcellus Shale. The solution of the
fixed model hence gives us a clear picture of the controlling factors which affect the production
more significantly than others.
Table 4.12: Table for solution for fixed effects
Fixed effect parameter

Coefficients

P value

Time (1 month)

0.365

1.436* 10-3

Time (2-3 month)

0.365

3.672* 10-4

Time (4-6 month)

0.365

< 0.0001

Time (7-12 month)

0.365

< 0.0001

Time (13-24 month)

0.365

< 0.0001

Pounds of Proppant

.02152

0.043

Volume of Fluid

0.174

0.1254

20/40 sand

.0015

0.84

30/50 sand

.0002

0.78

40/70 sand

.9648

0.025

100 sand

1.354

0.003564* 10-3

Treatment rate

.00014

0.086

Lateral length

1.547

0.017761
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Hence it is clear that more proppant volume is associated with more gas production. The
correlation is very strong. However, it can not be said for the fracturing fluid volume. Hence the
production from the wells doesn’t necessarily increase with higher proppant to fluid ratio. This
matches the results from the line plots for production and proppant to fluid ratio which shows
that production declines after the proppant to fluid ratio breaches 1 lb/gal value.
4.2.13. Residual Analysis
Residual analysis is done to assess the appropriateness of the model by defining residuals and the
examining the residual plots. Residual plot is a graph that shows the residuals on the vertical axis
and the response variable on the horizontal axis. Our residuals are normally distributed. The
residual plot also shows a fairly random patters. It is an indication of linear model provides a
decent fit to the data.
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Figure 4.11: Correlation residual
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Figure 4.12: Histogram of residual
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Figure 4.13: Normal probability plot of residual
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The above plots show the residuals against the production to check whether there is any
correlation or not. Correlation values of more than 0.7 are acceptable. The bell curve in the
histogram of residual is an indication of reliable fit as shown in figure 4.12. Figure 4.13 is a
normal probability plot which is a graphical technique for normality testing: assessing whether or
not a data set is approximately normally distributed. The data are plotted against a theoretical normal
distribution in such a way that the points should form an approximate straight line. Departure from
straight line indicate departures from normality. This plot above is a clear indication of normal

residuals as the the normal probability curve is a straight line.

72

4.3. Engineering Analysis
The purpose of Engineering analysis is to observe and draw conclusions based on the patterns of
production and how they relate to the various controlling factors. The objective of engineering
analysis of the given data is to ascertain trends in production and to link them with the controlling
factors and try to recognize trends out of the graphs. It also involves the application of scientific
analytic principles and processes to reveal the properties and state of the data under study.
After ascertaining correlations coefficients from the available data we can effectively
compare the performance of the wells by comparing the production of each well with several other
variables, like the controlling parameters. The correlations can be obtained by comparing the
logarithm of production for a given period of time. The most used production data was for
production after a year as it showed a strong correlation with the other parameters.
The goal of this section is to use the data collected to observe the following –
1) Observe behavior of controlling factors over time.
2) Observe effect of fracture fluid volume on gas production performance.
3) Observe effect of fracture fluid type on gas production.
4) Observe effect of pounds of proppant on gas production.
5) Observe effect of proppant type on gas production.
6) Observe effect of lateral length on gas production.
7) Observe effect of proppant-fluid ratio on gas production.
8) Observe effect of treatment rate on gas production.
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Figure 4.14: 1 year gas production behavior over time

Analysis of production data in Figure 4.14 shows that there has not been any steady increment in
the production trend starting from the end of December 2008 to December 2011. The reason
behind the limited timeframe for the production history is because of the recent history of drilling
in the Marcellus shale. It is typical of the limited production history available. Although there isn’t
a clear trend it can be said that the average monthly production has in general increased from
December 2008 to December 2011 from the data available. The plot above also shows the
production history for different wells at different points in the 3 year span. The production plotted
has been the 1st year cumulative production from a well. All the wells in this research are horizontal

wells and that explains the limited time period of study as the horizontal wells have been drilled
recently and have a very short history. The cause behind the incremental production will be more
clear after the analysis of the variation of other controlling factors over time.
The analysis of the variation of proppant distribution over the specified period of time
makes it clear that there is no significant change in the pounds of proppant consumed for the
specified wells over a period of time. Although it can be assumed that there is a range which the
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operators prefer in Marcellus Shale with most of the operators using around 3-6 million pounds
of proppant over a period of time. Figure 4.16 shows the variation of the fluid slurry pumped
over time in Marcellus Shale. In this case also there is no clear variation in the volume of fluid
pumped in Marcellus Shale. For majority of the wells the operators preferred to pump around 4-6
million gallons of water. Hence we can conclude that the variation of the production of gas from
the wells cannot be correlated with the amount of proppants or the volume of fluid being pumped
in Marcellus Shale. If more proppant or Fluid would have been pumped with time we could have
been able to conclude that it aids to the creation of more conductive path for the gas to flow but
in the absence of such a trend, the increment in production cannot be correlated to these
controlling factors.

From the dataset observed it was also noticed that almost all the operators have not changed the
most preferred range of 4000-6000ft of lateral length. There are few operators who have
preferred to drill laterals which are around 3000 feet and there are also very few operators for
some wells where the length of lateral have exceeded 6000 ft. What the graph clearly shows is
that the operators prefer to drill laterals which are with 4000-6000ft range in Marcellus Shale.
This practice can be termed as the most preferred practice. What needs to be seen is that whether
this practice gives the operators the best results in production or not.
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Figure 4.15: Average Treatment Rate (bpm) over time
Plotting the average treatment rate in barrels per minute over the specified period of time reveals
a similar pattern which we witnessed in Lateral length or the volume of fluid pumped. Almost all
the operators which reporter their data had recorded an average treatment rate of around 80-100
barrels per minute across the timeline. This trend has been reported across all the wells in all the
counties. The operators have not deviated from their preferred choice of the treatment rate. In
Table 4.10 as we can see, the actual treatment rate for different operators for different wells have
been reported. The difference or the variance between the highest and the lowest treatment rate
used in each case is very small. The names of the operators have not been revealed in this
description.
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Table 4.13: Actual Treatment rates by Operators in Marcellus Shale

Operator A

Operator B

Operator C

Well Number

Treatment Rate (bpm)

1

80.225

38

83.9

65

84.96

125

78.64

17

85.75

57

89.71

105

87.45

122

70.2

24

91.153

53

87.53

86

88.315

112

87.73

One more reason for the range of the treatment rate to be concise is the reason that Marcellus
Shale is an extremely low permeability reservoir which requires the injection of fluid at very
high pressures (Gottschling 2010). Even in the ‘Sweet spots’ the permeability of the reservoir is
negligible hence the possibility of the injection rate being low is very remote.
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Figure 4.16: Number of Stages behavior over time.
All the wells for which the data was reported included the data on the number of stages used by
the operator. From the period starting from December 2008 to December 2011, the number of
stages used by operators showed a slight increase. The incremental number of stages is not very
significant given that most of the operators were consistent in their preference for 5-12 stages for
operations in Marcellus Shale. It has to be investigated that a slight increase in the number of
stage results in the consequent increment in the pounds of proppant and volume of fluid injected.
The production variation with the varying number of stages is also to be evaluated. Also, the
proppant to fluid ratio show an upward trend which signifies the fairly flexible regimen for
proppant to fluid ratio.

78

2

Proppant/Frac Fluid ratio(lb/gal)

1.8
1.6
1.4
1.2
1
0.8
0.6
0.4
0.2
0
Dec-08

Jun-09

Dec-09

Jun-10
Dec-10
Time(month-year)

Jun-11

Dec-11

Figure 4.17: Proppant to Fluid ratio behavior over time
The plot of proppant to Fluid ratio over a period of time clearly signifies a constant trend in the
pounds of proppant pumped with the amount of fracturing fluid pumped. This ratio is critical in
understanding the correct amount of fracturing fluids and proppants required to successfully
complete a fracturing job.
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Figure 4.18: Pounds of Proppant vs Fracture Fluid volume (lb/gal)
The plot of pounds of proppant vs the volume of fracturing fluid clearly shows an upward trend
which suggests that any variation in pounds of proppant pumped is accompanied by a
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Figure 4.19: Plot of 1 year Production per well per stage over time
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Figure 4.20: 1 year Cumulative Gas Production per foot of lateral vs number of stages for all 125
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Figure 4.21: 1 year Cumulative Gas production vs Stage spacing
From the figure 4.20 however, the production per stage over a period of time showed no
significant trend and it did not support the upward trend shown in figure 4.22. We also evaluated
the effect of stage spacing on production. The production for a year was plotted against the stage
spacing for each well. Stage spacing was calculated by averaging the number of stages over the
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lateral length for each well. This was done because number of stages showed a positive trend
when plotted against lateral length which means that more number of stages is accompanied by
more lateral length. We also determined that production does increase with higher lateral length
hence the trend of production vs number of stages alone is an anomaly. Hence Figure 4.21 was
plotted to ascertain would the production show the increasing trend vs stage spacing or not. We
were not able to find any trend which again conclusively proves that number of stages do not
significantly affect the production. There was no significant increase in the production data as
should have been the case with increasing consumption of pounds of proppant and fracture fluid
volume. Also from the figure 4.25 the plot shows that number of stages also did not affect the
production per foot of lateral in a clear manner. As we should have seen that by increasing the
number of stages the production per foot of lateral should also go up has not been reflected in the
trend in the plot. The prime reason might be the geology of the reservoir and the limited data
available coupled with the limited production history.
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Figure 4.22: Pounds of Proppant per ft vs Number of Stages
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Figure 4.23: Frac Fluid volume per ft vs No of Stage
What is noticeable in figures 4.22 and 4.23 is that the amount of proppant and the fracture fluid
has increased with the increasing number of stages. As mentioned above, this doesn’t necessarily
translate into increased production per foot of lateral and the trend suggests an anomaly. One
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reason might be because of the network of fractures, a lot of fluid is being lost to the formation
and that is why the production is not showing the expected results. This has to be corroborated
by the geometry of fracture and if indeed the fluid is being lost to the formation then the resulting
fractures would not be as effective as they could have been otherwise resulting in a lot of loss in
production (Britt 2012).
The best way hence, to evaluate the effectiveness of a stimulation job is to examine the
effect of proppant/fluid ratio on production and it would clear the entire dynamics of the
dependence of the production over the amount of proppant and fluid consumed.
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Figure 4.24: 1 yr Gas production per ft of lateral behavior with treatment rate.
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Figure 4.25: 1 yr gas production per ft of lateral behavior with Proppant/Fluid ratio.
The analysis of the plots of yearly production behavior over the proppant/fluid ratio gives a very
interesting picture. This analysis is crucial for our understanding of the effectiveness of a
stimulation job. The line of thought usually adopted is that higher proppant and fluid amount in
the formation would lead us to higher production. If higher proppant/fluid ratios are associated
with higher production, then increasing proppant to fluid ratio will increase production per foot
for any job. In figure 4.25 however, the increasing proppant/fluid ratio has not necessarily
resulted in higher production. Despite an increment in the proppant/fluid ratio the production
has stagnated. It can also be observed that for Proppant/Fluid ratio of around 0.9-1.1 lb/gal the
production reached its maximum value. For any value above that the production has dipped
down which means that pumping excessively high amount of proppant for a given amount is
going to affect the production adversely. So the optimum proppant/fluid ratio from the given
value set is between 0.9-1.1 lb/gal.
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4.4. Economic Analysis
This section is aimed to examine the efficacy of our recommendations by doing economic
analysis. The average present day completion and sale prices of gas are used in the calculation
process. We conduct this analysis to compare and contrast the gas production in horizontal wells
with varying production costs. A cash flow model is then constructed for the simulated runs
based on the recommendations. We calculate the Net Present Value(NPV) based on that cash
flow model and see whether it is economically feasible or not. We start by choosing 5 different
wells with different lateral lengths and varying production costs. The major costs incurred while
drilling a well are for lateral length, proppant cost, fluid cost and the cost of completions. Hence
for the sake of simplicity of this analysis, we have kept only these basic parameters and not
included the cost of leasing the land and the taxation policy of the different states which have
seen production in the Marcellus Shale. The prices were taken by consulting various operators in
the region which include Chesapeake, Antero Resources, EQT etc.
Table 4.14: Table for selection of well data for economic analysis
Well no

Proppant

Frac fluid vol

Lateral Length

Number of

(Million lbs)

(Million gallons)

(ft)

Stages

9

7.71

7.41

6763

21

34

7.21

7.59

6227

15

67

4.45

4.18

7135

11

85

5.74

5.22

3449

11

123

2.79

4.42

3204

7

We have randomly chosen 5 wells out of the total 125 wells present in our dataset which
adequately covers the controlling factors with a varying level of complexity.
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4.4.1 Drilling and Completion costs
The cost of the materials used in fracturing process as well as the cost of drilling and completion
process has been included. The numbers vary from operator to operator but usually is not
significantly different. The costs for different treatment parameters as reported by the operator
(Chesapeake) is as follows –
Table 4.15 – Table for treatment related costs by an operator in Marcellus Shale
Treatment Parameter

Quantity

Cost

Proppant (Million lbs)

2.56

1,138,75

Fracturing Fluid + Additives (gal)

76,593

23,850.46

Lateral

-

568/ft

Perforation cost per stage

-

10,500

Total Operational cost per stage

-

9579

This table shows the various major costs incurred by an operator to drill one well in the
Marcellus shale. The costs for most of the major factors like the amount of proppant, fracturing
fluid volume, the cost per foot of lateral etc are similar in the region hence we decided to go by
this cost adopted by one operator and extend it to the entire region. The operator was
Chesapeake. Based on the treatment costs as reported by an operator in Marcellus Shale, we can
scale up the costs for the treatment parameters recorded in our wells to get the total cost. The
proppant cost comes to 0.44$/lb and the fluid cost is 0.31$/gal. The table below gives the major
costs involved in drilling a well for 5 different wells selected randomly out of our data. The
prices were based on the pricing of Chesapeake which is listed in table 4.13.
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Table 4.16 – Scaled up costs for the wells selected for case study
Well No

Lateral

Proppant

Costs

Cost

9

3,841,384

3,395,700

34

3,536,936

67

Fluid Cost

Perforation

Operational

Total

Cost

Cost

Cost

2,296,767

2,205,00

201,159

9,955,510

3,172,929

2,354,055

157,500

143,685

9,365,105

4,052,680

1,960,889

1,297,964

115,500

105,369

7,532,402

85

1,959,032

1,649,540

1,620,000

115,500

105,369

5,449,431

123

1,819,872

1,228,894

1,061,078

73,500

67,053

4,250,397

4.4.2. Calculation of NPV
NPV can be described as the “difference amount” between the sums of discounted: cash inflows
and cash outflows. It compares the present value of money today to the present value of money
in the future, taking inflation and returns into account. NPV is used to ascertain the profitability
of any project. NPV is calculated using the following equation –
𝑁

𝑁𝑃𝑉 = ∑
𝑛=1

𝑅𝑛
− 𝐶𝑜𝑠𝑡
(1 + 𝑖)𝑛

Where,
𝑛 = the time segment (in months or years)
𝑅𝑛 = the revenue generated during each time segment, 𝑛
𝑖 = the discounted rate of return
Cost = total stimulation costs including operational expenses
The discounted rate of return is kept at 10% per annum. For our study, we have recorded
monthly production data from 125 wells over a three year period. Therefore, our 𝑛 value is 36.
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The current prices of gas ( as of November 26th from EIA) are 3.95 USD/MMBtu. It would equal
3.86 USD/Mscf. That is the wellhead price we are talking about.
4.4.3. Summary of results
1) Well no 9 –
This well is located in Harrison county and is stimulated with 7,717,500 lbs of 100 mesh and
20/40 mesh sand proppant. The amount of fluid used in this well was 7,408,926 gallons. The
lateral length was 6763 feet and it had 21 stages. This well breaks even in its 12th month and
produces a profit of one million dollars by the end of three years. This is a good well but
reduction in number of stages for the reduction in complexity and costs may make this well even
more profitable.
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Figure 4.26: Cash flow analysis for well no 9
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2) Well no 34 –
This well is located in Wetzel county and is using 7,211,203 lbs of proppant and 7,593,206
gallons of fluid. The length of lateral is 6227 feet and this well uses 100 mesh sand and 40/70
sand. This well breaks even in the 9th month of its production. This is spurred by the production
in the first three months. This well appears to be producing well but we can increase the
production by increasing the lateral in this case so an increase in height of lateral is
recommended.
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Figure 4.27: Cash flow analysis for well no 34

3) Well no 67 –
This well is located in the Marshall county. It used 4,456,567 lbs of proppant and 4,186,980
gallons of fluid. The lateral length is 7135 feet and it has 11 stages. This well breaks even in the
6th month and produces close to 3 million dollars by the end of 3 years. The main difference
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between this well and the well no 9 is the length of lateral and lesser number of stages which
confirm our finding of the statistical analysis that higher number of stages doesn’t necessarily
give higher production. On the other hand, longer laterals result in more production.
4000000
3000000
2000000

Cash Flow

1000000
0
-1000000

0

5

10

15

20

25

30

35

40

-2000000
-3000000
-4000000
-5000000

Time (Months)

Figure 4.28: Cash flow model of well no 67
4)Well no 85 –
This well is located in the Doddridge county. It used 5,748,955 lbs of 100 mesh and 40/70 mesh
sand proppant. It used 5,225,808 gallons of fracturing fluid. The length of lateral was 3449 feet
and it had 11 stages. This well breaks even in the 18th month of its production. This well despite
breaking even late is more profitable than well no 9. This is contrary to our finding that higher
lateral usually results in more profit. This is because of the fact that the number of stages are
considerably lesser than well no 9 hence this well is much more economically feasible. The
proppant/fluid ratio is also in the desirable range which results in optimum conductivity resulting
in more production and more profits. This well makes around 1.5 million dollars by the end of
three years. Overall this is a normal well which can be improved with longer lateral. This well
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would not have been profitable had we seen it being treated with a large number of stages.
Increment in the length of lateral is recommended.
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Figure 4.29: Cash flow model of well no 85
5) Well no 123 –
0
0

5

10

15

20

25

30

-2000000

Cash flow

-4000000
-6000000
-8000000
-10000000
-12000000

Time (Months)

Figure 4.30: Cash flow model of well no 123.
This well is located in Marion county. It used 2,792,942 lbs of 20/40 mesh and 30/50 mesh sand
proppant. 4,428,320 gallons of fracturing fluid was also used. The lateral is relatively at 3204
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feet. This well was treated in 7 stages. This well operator never breaks even and is not expected
to do so in future as well. One of the prime reason for this is the low proppant to fluid ratio. This
high amount of fluid for a relatively small quantity of proppants may have resulted in high loss
of fluid to the formation. Additionally, most of the wells are using 40/70 mesh and 100 mesh
sand proppant for higher conductivity. This well has not reported the use of any of these
proppant. The low length of lateral also confirms our finding that low production would be
expected.
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CHAPTER 5
CONCLUSIONS AND RECOMMENDATIONS
125 Wells from West Virginia in Marcellus Shale were picked to determine the preferred
practices adopted by various operators in the region. The production from these wells was linked
to key controlling factors: pounds of proppant, volume of fracturing fluid, lateral length, number
of stages and treatment rate. We used engineering analysis, statistical analysis and economic
analysis to determine the most optimum treatment method for production in the Marcellus Shale.

The conclusions from the research are as follows –
1) There is a moderately positive correlation between gas production with all the stimulation
factors except treatment rate. Treatment rate above 85 bpm has a weak negative correlation with
the gas production. The optimum rate preferred by most operators was between 80-82 bpm and it
showed the strongest correlation with the gas production as well. Increasing treatment rate is
counterproductive for the production rate and should be executed with caution. Overall,
treatment rates of more than 90 bpm have resulted in a decline in the gas production over a
period of 1 year – 3 years. The best production was observed at treatment rates of 80-85 bpm.
2) The proppant/fluid ratio shows a relationship similar to the treatment rate. Beyond 1.2 lb/Gal,
higher proppant/fluid ratio doesn’t result in higher production. Higher proppant/fluid ratio results
in loss of conductivity and decline in production. The reason behind this trend was proppant
crushing, proppant embedment into the formation and/or damage resulting from fluid loss
additives. The best production rates were reported around a ratio of 0.8-1.2 lb/gal. Beyond 1.2
lb/gal the gas production declines.
3) From the range of data observed, 100 mesh and 40/70 sand are the most preferred choice of
sand by the operators. This is evident from the operators usage of 20/40 and 30/50. Out of the
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125 wells analyzed, only 18 and 21 operators used 20/40 and 30/50 respectively. The P value
which determines the significance of a certain parameter on the gas production was extremely
high for both these sand types indicating these do not significantly affect the gas production. For
40/70 and 100 mesh, it was used by almost all the operators in all the wells. Sand remains the
most extensively used proppant in Marcellus Shale and the use of ceramic proppant is rare.
Among sand proppant, 20/40 and 30/50 mesh is also sparingly used.
4) There is no significant impact of the number of stages on the production. Most of the
operators preferred 7-8 stages in the majority of their treatment operations. Good production is
achievable with fewer number of stages.
5) Longer laterals result in higher production in Marcellus Shale. Although most of the laterals
observed in Marcellus Shale were around 4000-5000 feet range, longer laterals marked higher
production. While good production is achievable with lateral lengths shorter than 5000 feet, it is
more profitable to drill longer laterals. The treatment practices adopted by the operators are also
dependent on the prices of gas at any given time as well.

More analysis of the field data needs to be done to quantify the effect of fracturing fluid
and the type of fluids and proppant on the production in Marcellus Shale. This research, however
would help us to understand the different strategies adopted by different operators in the
Marcellus Shale. It will be a good blueprint of the preferred strategy that an operator should
adopt for increased production with lesser costs in future.
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