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ABSTRACT

Whorton et al. (1952) received a patent for their development of an oil recovery
method by CO2 injection.

Since then, CO2 flooding for secondary and tertiary oil

recovery has developed greatly leading to more incremental oil recovery worldwide due
to high displacement efficiency and low cost. Thus far, gas flooding is the most widely
used EOR methods even over thermal methods, primarily because CO2 is able to develop
multiple contact miscibility with light crude oil at relatively low reservoir pressures. CO2
flooding also has the potential for the reduction of greenhouse gas emissions by
subsurface sequestration of CO2.
Many papers have reported that minimum miscible pressure (MMP) decreases
with a reduction in temperature. The objective of this thesis is to examine the feasibility
of reservoir cooling by injection of a coolant (water) followed by CO2 at temperatures
lower than reservoir temperature. Cooling the reservoir may result in incremental oil
production due to MMP reduction.
We have conducted a parametric study of the CO2 injection process, and
examined how injection temperature, initial reservoir pressure, formation heterogeneity,
heat transfer with over/underburden formations, and WAG ratio affect the incremental oil
recovery.

We have performed waterflood and CO2 injection at two different

temperatures, one below the initial reservoir temperature and the other one equals to the
reservoir temperature.

The results show that performing a waterflood at cooler

iv
temperatures rather than performing the waterflood at reservoir temperature can lead to
substantial cooling and improved incremental recovery (about 15 to 23% OOIP with
cooling versus 4 to 22% without cooling for homogeneous reservoirs with no heat gain
from the surroundings).

When heterogeneity and heat transfer with surrounding

formations are considered, the incremental oil recoveries are substantially less, although
still significant. Our results show that it is beneficial to conduct a long waterflood at a
lower temperature before CO2 injection, especially for reservoirs with initial pressures
close but just below the CO2 MMP. Also, neglecting temperature changes during history
matching may result in inaccurate results.

v

TABLE OF CONTENTS

LIST OF FIGURES ..................................................................................................... vii
LIST OF TABLES ....................................................................................................... xii
NOMENCLATURE .................................................................................................... xiv
ACKNOWLEDGEMENTS ......................................................................................... xvi
1.

Introduction........................................................................................................... 1
1.1 Introduction to Gas Flooding .......................................................................... 1
1.2 Minimum Miscible Pressure ........................................................................... 3
1.3 Mechanism of Multiple Contact Displacement .............................................. 4
1.4 Benefits of CO2 as a Solvent in Gas Flooding ................................................ 6
1.5 Research Objectives and Organization of the Thesis ..................................... 7

2.

Literature Review ................................................................................................. 9
2.1 Minimum Miscibility Pressure Estimation Methods ...................................... 9
2.1.1 Experimental Methods.......................................................................... 9
2.1.1.a Slim Tube Experiments .............................................................. 9
2.1.1.b Mixing Cell Experiments ........................................................... 11
2.1.1.c Rising Bubble/Falling Drop Experiments .................................. 12
2.1.1.d Vanishing Interfacial Tension Experiments ............................... 13
2.1.2 Numerical Methods .............................................................................. 14
2.1.2.a Slim Tube Simulation ................................................................. 14
2.1.2.b Mixing Cell Models ................................................................... 15
2.1.3 Analytical Methods (Method of Characteristics) ................................. 16
2.2 CO2 MMP and Temperature ........................................................................... 19
2.2.1 The Influence of Temperature on CO2 MMP ....................................... 19
2.2.2 Reduction in CO2 MMP by Cold Fluid Injection ................................. 21
2.2.3 1-D Simulation Results for CO2 Flooding by Reservoir Cooling ........ 23

3.

2-D Isolated Reservoir Models ............................................................................. 29
3.1 Homogeneous Reservoirs ............................................................................... 29
3.1.1 Model Parameters ................................................................................. 29
3.1.2 Reservoir Oil Composition for Simulations ......................................... 30
3.1.3 Methodology for Simulations ............................................................... 31
3.1.3.a Injection Method I ...................................................................... 31
3.1.3.b Injection Method II..................................................................... 32
3.1.4 Results and Discussion ......................................................................... 32

vi
3.1.4.a Injection Method I ...................................................................... 33
3.4.1.b Injection Method II..................................................................... 38
3.2 Heterogeneous Reservoirs .............................................................................. 41
3.2.1 Model Parameters ................................................................................. 42
3.2.2 Results and Discussion ......................................................................... 45
4.

2-D Open Reservoir Models ................................................................................. 87
4.1 Open Reservoir Model and Heat Loss Option ................................................ 88
4.1.1 Thin Open Reservoir Model ................................................................. 88
4.1.2 Thick Open Reservoir Model ............................................................... 89
4.1.3 Heat Loss Option .................................................................................. 89
4.1.4 Results and Discussion ......................................................................... 91
4.1.4.a Results for the thin open reservoir model ................................... 91
4.1.4.b Results for the thick open reservoir model ................................. 92
4.2 WAG Processes by Reservoir Cooling ........................................................... 92
4.2.1 Model Parameters ................................................................................. 92
4.2.2 Results and Discussion ......................................................................... 93

5.

Conclusions and Future Research ......................................................................... 116
5.1 Conclusions..................................................................................................... 116
5.2 Future Research .............................................................................................. 119

6.

Appendix............................................................................................................... 121
6.1 FFT Simulator ................................................................................................. 121
6.1.1 Input Parameters ................................................................................... 121
6.1.2 Implementation of the simulator .......................................................... 122
6.1.3 Data Processing .................................................................................... 122
6.2 Derivation of Heat Loss Analytical Solution.................................................. 126

vii

LIST OF FIGURES

Figure 1-1: Schematic of WAG flooding process (drawing by Joe Lindley, U.S. ...... 8
Figure 2-1: Flow diagram for slim-tube apparatus (Yellig & Metcalfe, 1980) ........... 24
Figure 2-2: Estimation of MMP by slim-tube tests (Yuan, 2003) ............................... 24
Figure 2-3: The effect of temperature on the MMP of CO2 and oil with various
C5+ molecular weights (Holm & Josendal, 1974) ................................................. 25
Figure 2-4: The effect of temperature on CO2 MMP (Yellig & Metcalfe, 1980) ........ 25
Figure 2-5: MMP versus temperature of 55 crude oils (Cronquist, 1977)................... 26
Figure 2-6: Extension of Holm and Josendal’s (1974) correlation illustrating the
dependency of MMP on temperature (Mungan, 1981) ........................................ 26
Figure 2-7: Three different trends of MMP with temperature (Elsharkawy, et al.,
1992) ..................................................................................................................... 27
Figure 2-8: Relationship of MMP with temperature for oil from Yuan et al. (2004) . 28
Figure 2-9: Illustration of CO2 MMP changes with increasing amount of coolant
injected (Shu, 1985) .............................................................................................. 28
Figure 3-1: The 2-D model is one eighth of an inverted 5-spot well pattern............... 57
Figure 3-2: Variation of the CO2 MMP for oil in Egwuenu et al. (2008) as
calculated by PennPVT. The CO2 MMP is 1876 psia at 150°F through MOC
method. The curve fit between temperature and MMP is given by: y = 0.0409x2 + 22.725x - 651.95, R² = 1. ................................................................... 58
Figure 3-3: Illustration of injection method I and II, where the dark blue and blue
boxes represent the volume of water and cold water slug, and the gray box
represents the volume of CO2 (Tw = temperature of water injected during the
waterflooding period) ........................................................................................... 59
Figure 3-4: Temperature profiles along the line from injector to producer for
injection method I for case 3 (2100 psia, 120°F) for the homogeneous
reservoir. bt is “breakthrough”. ............................................................................ 60

viii
Figure 3-5: Pressure profiles along the line from injector to producer for injection
method I for case 3 (2100 psia, 120°F) for the homogeneous reservoir. bt is
“breakthrough”. .................................................................................................... 61
Figure 3-6: Injection rates of water and CO2 and injector BHP versus total fluid
injected for injection method I for case 3 (2100 psia, 120°F) for the
homogeneous reservoir. The water and CO2 rates are expressed under
reservoir conditions. ............................................................................................. 62
Figure 3-7: Oil viscosity profiles along the line from injector to producer for
injection method I for case 3 (2100 psia, 120°F) for the homogeneous
reservoir. bt is “breakthrough”. ............................................................................ 63
Figure 3-8: Oil density profiles along the line from injector to producer for
injection method I for case 3 (2100 psia, 120°F) for the homogeneous
reservoir. bt is “breakthrough”. ............................................................................ 64
Figure 3-9: Oil saturation profiles along the line from injector to producer for
injection method I for case 3 (2100 psia, 120°F) for the homogeneous
reservoir. bt is “breakthrough”. ............................................................................ 65
Figure 3-10: Profiles of component Ki values at CO2 breakthrough (0.37 PV)
along the line from injector to producer for injection method I for case 3
(2100 psia, 120°F) for the homogeneous reservoir .............................................. 66
Figure 3-11: Incremental oil recovery versus CO2 volume injected for injection
method I for cases 3 and 4 (2100 psia) for the homogeneous reservoir ............... 67
Figure 3-12: Profiles of component Ki values at CO2 breakthrough (0.37 PV)
along the line from injector to producer for injection method I for case 1
(1800 psia, 120°F) for the homogeneous reservoir .............................................. 68
Figure 3-13: Incremental oil recovery versus CO2 volume injected for injection
method I for cases 1 and 2 (1800 psia) for the homogeneous reservoir ............... 69
Figure 3-14: Profiles of component Ki values at CO2 breakthrough (0.37 PV)
along the line from injector to producer for injection method I for case 5
(2400 psia, 120°F) for the homogeneous reservoir .............................................. 70
Figure 3-15: Incremental oil recovery versus CO2 volume injected for injection
method I for cases 5 and 6 (2400 psia) for the homogeneous reservoir ............... 71
Figure 3-16: Incremental oil recovery at 1.2 PV CO2 injection and average
temperature versus water slug size for injection method II for case 7 (cold
water slugs were injected at 33°F) for the homogeneous reservoir. When
water slug size becomes greater than 1.4 PV, the temperature near the

ix
injection well drops below the bubble point. The curve fit between the water
slug size and average reservoir temperature is given by: y = -41.28x +
180.03, R² = 1. ...................................................................................................... 72
Figure 3-17: Incremental oil recovery at 1.2 PV CO2 injection and average
temperature versus water slug size for injection method II for case 8 (cold
water slugs were injected at 120°F) for the homogeneous reservoir. The
curve fit between water slug size and average reservoir temperature is given
by: y = -16.779x + 179.99, R² = 1. ....................................................................... 73
Figure 3-18: Comparison of the cooling effect of two cold water injection
temperatures for injection method II for homogeneous reservoir ........................ 74
Figure 3-19: 2-D semivariogram distributions of permeability generated by the
stable variogram model with exponents in the range 0 ≤ p ≤ 2, which
illustrate the relationship between the power-low exponent and the strength
of spatial correlation from Jennings et al. (2000) ................................................. 75
Figure 3-20: The permeability distributions of different heterogeneous cases with
the same λL in both x and y directions .................................................................. 76
Figure 3-21: Oil recovery at 2.0 PVI CO2 versus Dykstra-Parsons coefficient for
four dimensionless correlation lengths ................................................................. 77
Figure 3-22: Incremental oil recovery at 2.0 PVI CO2 versus Dykstra-Parsons
coefficient for four dimensionless correlation lengths ......................................... 78
Figure 3-23: Comparison of CO2 global mole fraction distributions at CO2
breakthrough for different VDP from case 5 (2400 psia, 120°F) with λL=1 (the
breakthrough times are 0.27 and 0.20 PVI, respectively) ..................................... 79
Figure 3-24: Comparison of CO2 global mole fraction distributions at CO2
breakthrough for different VDP from case 5 (2400 psia, 120°F) with λL=0 (the
breakthrough times are 0.27 and 0.25 PVI, respectively) ..................................... 80
Figure 3-25: Incremental oil recovery at 2.0 PVI CO2 versus Dykstra-Parsons
coefficient for different injection temperature and initial reservoir pressure
cases ...................................................................................................................... 81
Figure 3-26: Incremental oil recovery versus CO2 volume injected for case 3
(2100 psia, 120°F) with λL=0 and different VDP................................................... 82
Figure 3-27: Incremental oil recovery versus CO2 volume injected for case 4
(2100 psia, 180°F) with λL=0 and different VDP................................................... 83

x
Figure 3-28: Comparison of oil saturations at 2.0 PVI CO2 between two examples
from case 3 (2100 psia, 120°F) with λL=0 and different VDP ............................... 84
Figure 3-29: Summary of incremental oil recovery versus pressure difference
(ΔP) for all the heterogeneous cases at different VDP ........................................... 85
Figure 3-30: Summary of incremental oil recovery versus pressure difference
(ΔP) for all the heterogeneous cases at different λL.............................................. 86
Figure 4-1: Comparison of temperature profiles along the line from injector to
producer for case 3 (2100 psia, 120°F) at 2.0 PVI waterflood for the thin
open reservoir model ............................................................................................ 98
Figure 4-2: The locations of the points (1, 30) and (5, 26) in pay zone for
temperature profile comparison for the thin open reservoir model ...................... 99
Figure 4-3: Comparison of vertical temperature profiles at injection well location
(1, 30) for case 3 (2100 psia, 120°F) after 2.0 PVI waterflood for the thin
open reservoir model ............................................................................................ 100
Figure 4-4: Comparison of vertical temperature profiles at location (5, 26) for
case 3 (2100 psia, 120°F) after 2.0 PVI waterflood for the thin open reservoir
model .................................................................................................................... 101
Figure 4-5: Comparison of elapsed times for all six cases for the thin open
reservoir model ..................................................................................................... 102
Figure 4-6: Illustration of the thick open reservoir model (λLx=0.5, λLz=0, VDP =
0.8) and permeability distribution in the x direction ............................................ 103
Figure 4-7: Comparison of temperature profiles at 2.0 PVI waterflood for the
thick open reservoir model. The average temperature is 177.3°F (a) compared
to 176.5°F (b). ....................................................................................................... 104
Figure 4-8: Incremental oil recovery versus CO2 volume injected for the thick
open reservoir model. The maximum IOR difference is about 1% at 2.0 PVI
CO2. ...................................................................................................................... 105
Figure 4-9: Illustration of different WAG strategies for case A (WAG ratio = 1:2),
case B (tapered WAG), and case C (WAG ratio = 1:1) respectively, where
blue boxes are water slugs and gray boxes represent the volume of CO2 ............ 106
Figure 4-10: Illustration of WAG model (λLx=0.5, λLz=0, VDP = 0.8) and
permeability distribution in the x direction .......................................................... 107

xi
Figure 4-11: Comparison of oil saturations at 2.0 PVI WAG for cases A (WAG
ratio = 1:2), B (tapered WAG), and C (WAG ratio = 1:1) respectively (2100
psia)....................................................................................................................... 108
Figure 4-12: Comparison of gas saturations at 2.0 PVI WAG for cases A (WAG
ratio = 1:2), B (tapered WAG), and C (WAG ratio = 1:1) respectively (2100
psia)....................................................................................................................... 109
Figure 4-13: Comparison of water saturations at 2.0 PVI WAG for cases A (WAG
ratio = 1:2), B (tapered WAG), and C (WAG ratio = 1:1) respectively (2100
psia)....................................................................................................................... 110
Figure 4-14: Incremental oil recovery versus total slug volume injected for case A
(WAG ratio = 1:2) ................................................................................................ 111
Figure 4-15: Incremental oil recovery versus total slug volume injected for case B
(tapered WAG) ..................................................................................................... 112
Figure 4-16: Incremental oil recovery versus total slug volume injected for case C
(WAG ratio = 1:1) ................................................................................................ 113
Figure 4-17: Comparison of oil recoveries for cases A (WAG ratio = 1:2), B
(tapered WAG), and C (WAG ratio = 1:1) at 2.0 PVI WAG and different
injection temperatures (2100 psia)........................................................................ 114
Figure 4-18: Comparison of incremental oil recoveries for cases A (WAG ratio =
1:2), B (tapered WAG), and C (WAG ratio = 1:1) at 2.0 PVI WAG and
different injection temperatures (2100 psia) ......................................................... 115
Figure 5-1: Summary of incremental oil recovery versus pressure difference (ΔP)
for all the homogeneous, heterogeneous, and WAG cases ................................... 120

xii

LIST OF TABLES

Table 3-1: Reservoir properties for the 2-D homogeneous reservoir model ............... 48
Table 3-2: Composition of the 11-component oil used in the model (Egwuenu,
2004) ..................................................................................................................... 48
Table 3-3: Combinations of reservoir pressures and injection temperatures for all
six cases in injection method I for the homogeneous reservoir ............................ 49
Table 3-4: Incremental oil recoveries for injection method I for cases 3 and 4
(2100 psia) for the homogeneous reservoir .......................................................... 49
Table 3-5: Incremental oil recoveries for injection method I for cases 1 and 2
(1800 psia) for the homogeneous reservoir .......................................................... 49
Table 3-6: Incremental oil recoveries for injection method I for cases 5 and 6
(2400 psia) for the homogeneous reservoir .......................................................... 49
Table 3-7: Incremental oil recoveries for injection method II for case 7 (1800 psia,
33°F) for the homogeneous reservoir ................................................................... 50
Table 3-8: Incremental oil recoveries for injection method II case 8 (1800 psia,
120°F) for the homogeneous reservoir ................................................................. 50
Table 3-9: Prediction of pressure differences and incremental oil recoveries for
injection method II for case 7 (1800 psia, 33°F) for the homogeneous
reservoir ................................................................................................................ 51
Table 3-10: Prediction of pressure differences and incremental oil recoveries for
injection method II for case 8 (1800 psia, 120°F) for the homogeneous
reservoir ................................................................................................................ 51
Table 3-11: Cases for the 2-D heterogeneous model ................................................... 52
Table 3-12: Incremental oil recoveries for heterogeneous cases with λL = 1 .............. 53
Table 3-13: Incremental oil recoveries for heterogeneous cases with λL = 0.25 ......... 54
Table 3-14: Incremental oil recoveries for heterogeneous cases with λL = 0.05 ......... 55
Table 3-15: Incremental oil recoveries for heterogeneous cases with λL = 0 .............. 56

xiii
Table 4-1: Reservoir properties for the thin open reservoir model .............................. 95
Table 4-2: Reservoir properties for the thick open reservoir model ............................ 95
Table 4-3: Reservoir properties for the WAG process model ..................................... 96
Table 4-4: Incremental oil recoveries for WAG cases (2100 psia) ............................. 96
Table 4-5: Incremental oil recoveries for WAG cases (1800 psia) ............................. 97
Table 4-6: Incremental oil recoveries for WAG cases (2400 psia) ............................. 97
Table 6-1: Description of input parameters for FFT program ..................................... 124
Table 6-2: Sample input file for FFT program ............................................................ 125
Table 6-3: Sample output file for FFT program .......................................................... 125

xiv

NOMENCLATURE

Roman symbols:
b1
b2
Cp
Cpo
Cpr
Cpw
cR
d
h
Hk
k
Ki
n
nz
p
Pavg
Pi
ΔP
Q
Qloss
r
R

=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=

S
Swi
Soi
Sow
Sk
T(t,z)
Tavg

=
=
=
=
=
=
=
=
=
=

w

VDP
xi

time-dependent parameter (°F/ft)
time-dependent parameter (°F/ft2)
bulk reservoir rock matrix heat capacity (Btu/ft3·°F)
oil heat capacity (Btu/ft3·°F)
dry rock heat capacity (Btu/ft3·°F)
water heat capacity (Btu/ft3·°F)
rock heat capacity (Btu/lb·°F)
thermal diffusion length (ft)
distance vector (ft)
molar enthalpy of phase k (BTU)
permeability (md)
equilibrium ratio for component i
total number of data pairs separated by distance vector
number of grid blocks along the vertical direction
asymptotic power-law exponent
average pressure over the entire reservoir (psia)
initial reservoir pressure (psia)
differential pressure above the MMP (psia)
heat (Btu)
heat loss rate to the over/underburden formations (Btu)
correlation length (ft)
the ratio of the thickness of over/underburden formations to the pay zone
(fraction)
total variance
initial water saturation (fraction)
initial oil saturation (fraction)
residual oil saturation after waterflood (fraction)
saturation of phase k (fraction)
formation temperature at time t at a distance z from the boundary (°F)
average temperature over the entire reservoir (°F)
temperature of the water injected (°F)
Dykstra-Parsons coefficient (fraction)
location of certain property

xv
Greek letters:
γ
η
θ

=
=
=

λL

=
=
=
=
=
=

ξ
̃
σlnk
ϕ

semivariogram
thermal diffusivity (ft2/hr)
temperature in the boundary grid block (0=initial, n=previous time step,
n+1=current time step; °F)
dimensionless correlation length (fraction)
thermal conductivity of rock (Btu/ ft·hr·°F)
parameter for heat loss equation (ft·°F)
rock mass density (lb/ft3)
standard deviation of the natural log of permeability
porosity (fraction)

Abbreviations:
1-D
2-D
3-D
CV
CGI
CMG
EOR
EOS
FCM
FD
FFT
GEM
IFT
IOR
MCM
MMP
MOC
OOIP
OR
PV
PVI
PVT
RB
SWAG
VIT
WAG
WF

=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=
=

one dimensional
two dimensional
three dimensional
condensing/vaporizing
continuous gas injection
Computer Modeling Group
enhanced oil recovery
equation of state
first contact miscible
falling drop
Fast Fourier Transform
Generalized Equation-of-State Model
interfacial tension
incremental oil recovery
multicontact miscible
minimum miscibility pressure
method of characteristics
original oil in place
oil recovery
pore volume
pore volume injected
pressure-volume-temperature
rising bubble
simultaneous water-alternating-gas
vanishing interfacial tension
water-alternating-gas
waterflood

xvi

ACKNOWLEDGEMENTS

First, I would like to express my gratitude to Dr. Russell Johns for being my
supervisor over the past year and providing me with this valuable opportunity to conduct
research under him. Working with him for a full year has equipped me with a strong
background on gas flooding technology. I have gained information by his insightful
questions, energetic attitude, and knowledgeable mind. I am also grateful to him for
helping me build up my independent thinking. Also, I am grateful to the Gas Flooding
JIP at Penn State and its industry affiliates for providing me with the valuable opportunity
to conduct research in the field of Petroleum Engineering.
Second, I would like to extend my gratitude to all my committee members, Dr.
Karpyn and Dr. Li, for their agreeing to serve as my committee members. Their valuable
advice and comments on my research are very helpful.
Next, I would like to thank Amey and Emre for their suggestions on model
construction. I would also like to express my thankfulness to all my friends in EME
department for assisting me on thesis formatting and structuring, especially Liwei, Saeid,
and Wenting.
Last but not least, I would like to sincerely thank my mother Wenhua and my love
Yunhua, for guiding me and supporting me throughout this Penn State journey. I cannot
achieve my academic goals without their love and help. I will try to work hard and repay
their kindness. I hope that all our dreams will come true someday.

1

1. Introduction
1.1 Introduction to Gas Flooding
Oil production typically consists of three stages: primary recovery, secondary
recovery, and tertiary recovery. Primary recovery is the first stage of oil-gas reservoir
development after the completion of a well in an underground reservoir. Oil is mainly
produced from subterranean formations to the surface through wells by either natural gas
expansion, aquifer water displacement, dissolved gas expansion, or gravity drainage.
Primary recovery process by depletion usually contributes to an oil recovery of 5-15% of
original oil in place (OOIP). However, reservoir energy often depletes before most oil
has been produced.
Secondary recovery methods are then used to add energy to the reservoir either
before natural drive diminishes or even at the very beginning of the production process.
The main goal is to introduce external energy to maintain reservoir pressure, or at least
decrease the rate of pressure depletion, and to mechanically displace oil to production
wells. Water or gas is typically injected. On average, the cumulative oil recovery is
about 35% of OOIP after the application of both primary and secondary recovery
processes. Therefore, these conventional methods leave about 65% of OOIP behind,
which is an attractive target for tertiary recovery methods.
Tertiary recovery by miscible gas flooding generally gives an additional 10-20%
of OOIP recovery. Incremental oil recovery is the additional oil recovery beyond what
would have been recovered if the waterflooding process had continued.
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Today, enhanced oil recovery (EOR) from existing or old reservoirs has gained
increasing importance as the rate of global petroleum consumption grows. Lake (1989)
states that EOR is oil produced by the injection of fluids which are usually nonexistent in
the reservoir. Almost all of the EOR methods can be roughly grouped under three
headings: chemical, thermal, or solvent methods, as described below:
(1) Chemical flooding is applied to reduce oil-rock interfacial tension, or
decrease the mobility ratio between displacing and displaced fluids.
Alkaline, surfactant, or polymer flooding or any combinations of these
three, are often used.
(2) Thermal methods heat the crude oil and decrease its viscosity, thus
mobilizing the oil, which would otherwise not flow. Steam injection, hot
water injection, in situ combustion, and huff n’ puff are popular thermal
EOR methods.
(3) CO2 is the main fluid used in solvent methods. Other common solvents
include N2, CH4, flue gas, etc. Miscibility between oil and gas plays an
important role in the success of gas injection projects. The goal is to
develop miscibility in situ through the interaction of phase behavior and
flow.
Gas flooding has become a mature technique for light to medium crude oil
recovery. It is often applied after a waterflood is no longer economic to recover capillary
trapped oil (Yuan, 2003). Three injection modes can be used: simultaneous water and
gas (SWAG), water alternating gas (WAG), and continuous gas injection (CGI). Figure
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1-1 illustrates a typical WAG process, where CO2 slugs are followed by alternating water
slugs, and a miscible zone is formed between the oil bank and CO2 slug.
In this thesis, we focus on injecting carbon dioxide following a waterflood. We
examine how waterflooding temperature, initial reservoir pressure, formation
heterogeneity, heat transfer, gravity separation, and WAG ratio influence the incremental
oil recovery.

1.2 Minimum Miscible Pressure
Minimum miscible pressure (MMP) is the minimum pressure at which the
injected solvent and crude oil can develop miscibility under reservoir temperature. MMP
is a key parameter governing the displacement efficiency of solvent injection projects
because the solvent will efficiently displace oil contacted in the reservoir when the
pressure is greater than MMP.
According to Green and Willhite (1998), miscible displacement is a process
where the recovery mainly depends on the success of obtaining miscibility between the in
situ oil and the injected fluid. The miscible displacement processes in this thesis includes
first contact miscible (FCM) and multiple contact miscible (MCM). FCM implies that
the injection of solvent is miscible with oil upon first contact, i.e., only a single phase will
be formed upon first contact of the fluid and oil in all proportions. MCM represents the
dynamic development of attaining miscible conditions as the composition of injected
fluid or crude oil change to the production wells. During a MCM process, the MMP
represents the minimum pressure for the dispersion-free composition path to develop a
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critical point. The mass transfer between solvent and oil is essential to the success of
achieving miscibility and can be facilitated by flow in the porous medium.
The displacement efficiency during a waterflood is not 1.0, since residual oil is
left behind. To recover trapped residual oil, solvent is injected to develop miscibility
with the residual oil. Sweep is poor during gas flooding because mobility ratio is greater
than one.
When implemented as a secondary recovery process, miscible flooding yields an
efficient oil displacement, resulting in little or no residual oil being left behind when
contacted by gas. There is risk associated with gas flooding as a secondary method, since
communication between wells must be good. When operated as a tertiary recovery
method at waterflood residual oil saturation (Sow), a large amount of solvent is needed to
displace the water and contact the residual oil. Usually, the oil/solvent mixture generates
a higher viscosity to make the mobility ratio smaller, and thus the displacement will
become more efficient. This process yields an oil bank at the front, followed by an
oil/solvent mixture zone.

If miscibility conditions are satisfied, the microscopic

displacement efficiency will be much higher than for immiscible ones (about double).

1.3 Mechanism of Multiple Contact Displacement
MCM flow can be divided into three subgroups: vaporizing, condensing, and a
combination of the two called condensing/vaporizing (CV) drives. Their features are
described in the following paragraphs.
In a vaporizing gas (or lean gas) drive, a relatively lean gas is injected. As the gas
moves along the formation, part of the intermediate-molecular-weight hydrocarbons from

5

the oil are vaporized into the equilibrium gas phase so that the gas will be enriched with
intermediate components. The enriched gas then moves ahead and contacts fresh oil.
Under proper conditions, the addition of intermediate components in equilibrium vapor is
sufficient to become miscible with the oil. A miscible transition zone is generated in
front of the slug, which drives oil efficiently. Typically, nitrogen, methane and other
low-molecular-weight hydrocarbons give a vaporizing gas drive process.
In a condensing gas (or enriched gas) drive, the injected gas contains more
expensive intermediate-molecular-weight hydrocarbons.

Those gaseous intermediate

components will condense into the equilibrium oil phase, causing oil swelling and a
viscosity decrease. The equilibrium oil is then contacted by fresh injected gas and the
process is repeated. As a result, the enrichment changes the oil composition so that
miscibility is obtained between the enriched oil and injected gas near the injection well.
The condensing/vaporizing (CV) drive was recognized by Zick through
experimental studies. Johns et al. (1993) analytically proved the existence of CV drives.
CV drives are characterized by a combination of condensing and vaporizing
displacements in different regions of the reservoir. During this process, neither the
injected gas nor the in situ oil contains enough intermediate components to develop
miscibility through a single mechanism.

The light portion of the intermediate

components (C2 through C4) in the injected gas will be condensed into the equilibrium oil
phase as previously mentioned. At the same time, middle intermediate components (C4+)
are vaporized from oil into the gas phase. As this process continues, the enriched
equilibrium gas moves downstream to contact more equilibrium oil until a critical point is
reached.
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1.4 Benefits of CO2 as a Solvent in Gas Flooding
CO2 is not usually first contact miscible with crude oil, but may develop a
miscible flood through multiple contacts.

Even if miscibility is not achieved,

vaporization is possible so that good oil recovery can be obtained (Mungan, 1981). For
decades, CO2 has been used successfully as a miscible flooding agent in both miscible
and immiscible gas flooding projects depending on different oil types and reservoirs.
Miscible CO2 flooding is a widely used form of EOR, where CO2 is introduced into the
reservoir through an injector, mixing with the oil in the formation, and driving the oil or
mixture to the producer.

Immiscible flooding can improve oil recovery as well.

However, due to less vaporization of oil components, the displacement efficiency is not
as good as in miscible flooding.
When compared with other solvents, CO2 is more effective in the displacement of
reservoir oil because of its favorable phase behavior. Most importantly, CO2 is able to
develop miscibility with crude oil at a much lower pressure than other gases, i.e., the
MMP of CO2 and oil mixture is lower, so that it has a broader application, including low
pressure reservoirs. Because of the high solubility of CO2 in oil, it can also swell the oil
and reduce its viscosity. At high pressures, CO2 has a greater viscosity than that of
nitrogen and methane, so that it is more favorable for mobility control and sweep
efficiency improvement (Bui, 2010). Furthermore, CO2 density can be close to the oil
density, which will lessen CO2/oil segregation (Stalkup, 1983).
To conclude, the main advantages of CO2 EOR are:


oil viscosity reduction,
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oil swelling due to high solubility of CO2 in hydrocarbons,



vaporization of lighter and intermediate components from oil to CO2, and



reduction of interfacial tensions.

1.5 Research Objectives and Organization of the Thesis
This thesis has been divided into five chapters. Chapter 2 is the literature review,
where three popular methods for MMP estimation, including experimental, numerical,
and analytical methods, are first discussed. Next, we discuss the influence of temperature
reduction on CO2 MMP changes and show experimental observations from the research
results of others in this area. The feasibility of cooling down the reservoir through
coolant injection is demonstrated by a series of 1-D homogeneous cases.
Then, we extend the 1-D simulation model to a 2-D model to test the potential
effectiveness of reservoir cooling by injecting coolant in Chapter 3.

Furthermore,

heterogeneity is introduced to the model to make the reservoir more realistic. Different
permeability distributions have been employed, so that we can have a better
understanding of how heterogeneity affects the oil recovery during waterflooding and
incremental oil recovery from gas flooding.
In Chapter 4, we account for heat transfer between the pay zone and the
over/underburdon formations. The effectiveness of reservoir cooling is decreased due to
transfer of heat from the surrounding formations. Then, we consider the WAG process,
where cold fluid (water) is injected in slugs. We summarize the key conclusions from
this research and suggest potential future research topics in Chapter 5.
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Figure 1-1: Schematic of WAG flooding process (drawing by Joe Lindley, U.S.
Department of Energy, Bartlesville, Oklahoma)

9

2. Literature Review
2.1 Minimum Miscibility Pressure Estimation Methods
There are various techniques for MMP estimation, which can be grouped into
three categories: experimental, computational, and analytical methods. These methods
are reviewed briefly in this chapter with both strong and weak points.

2.1.1 Experimental Methods
Experimental methods mainly consist of slim-tube experiments, mixing cell
experiments (multiple-contact experiments), rising bubble/falling drop experiments, and
vanishing interfacial tension (VIT) experiments.

This section reviews all of these

methods. Experimental methods are both time-consuming and costly to conduct, and
only some of them are able to duplicate the complex gas/oil interactions that occur in the
reservoir (Ahmadi, 2011).

2.1.1.a Slim Tube Experiments
The slim tube test is perhaps the most popular experimental method for dynamic
MMP estimation, especially for gas injection in high pressure conditions. During the test,
CO2 MMP’s are obtained using a sand-packed slim-tube test apparatus, as shown in
Figure 2-1 (Yellig & Metcalfe, 1980). To ensure flow is approximately one-dimensional,
the length of the coil must be long enough compared to that of the transverse direction,
thus isolating the effect of phase behavior on displacement efficiency (Stalkup, 1983).
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The length of the coil varies from 5 to 120 ft, while the diameter is between 0.12 to 0.63
in, with 0.25 in widely used (Elsharkawy, et al., 1992). The apparatus is used to test oil
recovery of miscible displacements at given reservoir temperatures and pressures.
Figure 2-2 demonstrates the relationship between oil recovery and in situ pressure
during a typical slim tube experiment. There are two oil recovery curves in the plot. The
smooth solid curve represents the recovery data obtained through slim tube tests while
the second one is the theoretical oil recovery of dispersion-free MCM flow.

The

thermodynamic MMP is the pressure at the sharp bend of the curve where 100% oil is
recovered with no dispersion. The slim tube MMP is often taken as the pressure at the
intersection of two tangent lines (the dashed lines).

The difference between

thermodynamic MMP and slim tube test MMP is caused by dispersion (Yuan, 2003).
Thus, slim tube experiments may yield misleading results when dispersion is prominent.
To obtain a more reliable MMP via slim tube test, different criteria have been developed
(Egwuenu, 2004):


The pressure where oil recovery reaches 90% at 1.0 pore volume (PV) of
gas injected;



The pressure where oil recovery reaches 90% at 1.2 PV of gas injection;



The pressure where oil recovery reaches 95% at gas breakthrough; or



The pressure at the maximum curvature of recovery versus pressure for
continuous gas injection.

These MMP criteria are subjective and can lead to errors in MMP estimation.
Nevertheless, slim tube tests are very important as they use real fluids. The slim tube
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tests are also expensive and time-consuming to conduct so that few MMP estimates can
be made.

2.1.1.b Mixing Cell Experiments
Mixing cell experiments are able to estimate MMP in an accurate way under
certain conditions. These experiments are currently only able to measure MMP for a
condensing or vaporizing drive, not for a CV displacement.
The multiple-contact process between oil and gas is crucial to the success of the
mixing cell method. Oil and gas are mixed under certain specified ratios in a pressurevolume-temperature (PVT) cell until equilibrium is obtained. One or more PVT cells are
employed as follows (Stalkup, 1983):


Forward contacts. When equilibrium is attained, the gas phase is left in
the cell while the oil phase is replaced by fresh oil. This step is repeated
several times to develop miscibility and simulate the process of a
vaporizing drive, where intermediate hydrocarbons in the oil are vaporized
by injected gas at the leading edge of the displacement front. The oil tie
line will control miscibility in this case.



Backward contacts. When equilibrium is achieved, the oil phase is left in
the cell while gas is replaced by fresh injection gas. The contacts are
repeated until miscibility occurs. This manner simulates the process of a
condensing drive, where intermediate components in the gas are
condensed into equilibrium oil at the trailing edge of the displacement
front. Thus, the injected gas tie line will control miscibility in this case.
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Unlike slim tube tests, mixing cell experiments provide a fast and cheap method
to measure MMP for a condensing or vaporizing drive. However, since most gas floods
are CV displacements, mixing cell experiments conducted today are not able to predict
MMP accurately (Johns, et al., 1993).

2.1.1.c Rising Bubble/Falling Drop Experiments
Rising bubble (RB) experiments were designed as a fast and cheap alternative to
slim tube tests (Christiansen & Haines, 1987). The rising bubble apparatus contains an 8inch long (visible portion) flat glass tub, which is filled with oil under a certain
temperature and pressure. The gas with the desired composition is then injected through
a hollow needle at the bottom of the tube. A bubble forms and rises through the oil, and
the shape and motion is directly observed and recorded for MMP estimation under
various pressures and constant temperature. As the gas rises, it contacts more oil and
vaporizes the intermediate components from the oil phase. This process is similar to
vaporizing drives, but does not necessarily give the same compositions that would form
in a porous medium. Therefore, even though this method is rapid and cheap compared to
slim tube tests, it may be only able to predict reliable MMPs for a vaporizing drive (Zhou
& Orr, 1998).
Falling drop (FD) tests are designed as a modification of the rising bubble
experiments for condensing drive MMP estimations. The main principle of RB and FD is
the same, the difference being that a drop of oil is introduced into a chamber full of gas.
FD experiments may provide a reliable result for MMP determination of a condensing
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drive. However, further study is still needed to extend the RB and FD observations to
CV behavior (Zhou & Orr, 1998).

2.1.1.d Vanishing Interfacial Tension Experiments
Rao (1997) described a new technique, the vanishing interfacial tension (VIT) for
MMP determination. The main idea for the VIT technique is to measure the interfacial
tension (IFT) of gas/oil at a sequence of pressures at constant reservoir temperature. The
apparatus consists of a high-pressure high-temperature optical cell, which is full of
injection gas (like CO2), with windows on opposite sides. Oil drops are placed as a
pendant drop with gas surrounding it through a metal capillary tube (Saini & Rao, 2010).
The images are recorded and IFT between oil and gas phase is then determined by
analyzing oil density, gas density, and the shape of oil drop. Then the experiment is
repeated by introducing more gas into the cell for several times. An IFT versus pressure
figure is plotted and the MMP is approximated by extrapolating the IFT value to zero.
Jessen and Orr (2008) analyzed the behavior of VIT experiments through a series
of EOS-based simulations. They concluded that VIT experiments are not able to generate
the correct critical mixtures required to duplicate the development of MCM in gas
flooding processes. The accuracy of the final result is highly dependent on mixture
compositions during the test. Furthermore, for those gas/oil systems that have an FCM
pressure much larger than the MMP, the VIT tests are not able to yield an accurate MMP
value through extrapolation. Therefore, VIT experiments may not be a dependable and
reliable way to predict MMP for a MCM displacement in multicomponent systems
(Jessen & Orr, 2008).
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2.1.2 Numerical Methods
Due to the limitations of experimental methods, numerical methods have been
developed over the years for MMP evaluation based on cubic equations-of-state (EOS).
These methods mainly include slim tube simulation (1-D compositional simulation) and
multi-contact mixing cell models. The prerequisite for all the numerical methods is that
the tuned cubic EOS is able to describe phase behavior well, especially near the critical
locus. This section reviews the development of these methods along with their strong
and weak points.

2.1.2.a Slim Tube Simulation
This method duplicates the slim-tube experiments numerically (Yellig &
Metcalfe, 1980). A compositional simulator is applied to solve the 1-D compositional
flow equation using the tuned cubic EOS. Physical dispersion is set to zero. Simulations
are performed for different grid-block sizes at a constant pressure. The oil recovery is
extrapolated to zero numerical dispersion.

This procedure is repeated for different

pressures. The interpretation is the same as that of experimental methods: a figure
showing oil recovery estimated at zero dispersion is plotted versus pressure and the MMP
is the pressure at the bend of the curve (Ahmadi, 2011).
Slim tube simulation suffers from several drawbacks.

First, it is not fast

compared with other numerical techniques because multiple simulations at different
pressures and numbers of grid blocks must be made.

Furthermore, even after

extrapolation, numerical dispersion may exist due to truncation errors from finite
difference approximations (Stalkup, 1987).
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2.1.2.b Mixing Cell Models
The mixing cell technique includes two models: one PVT cell (single cell method)
or a series of PVT cells (multiple cells, or cell-to-cell method) ranging from 5 to 500
cells, where fresh oil is filled initially and phase equilibrium is calculated. The single cell
method is not able to predict miscibility precisely, especially for CV displacements. This
method assumes that the oil or gas tie line controls miscibility. Then, oil and gas are
contacted repeatedly in a single cell until the oil (forward contacts) or gas (backward
contacts) tie line is obtained. The MMP is the pressure where either the oil or gas tie line
becomes zero length, i.e., at a critical point (Yuan, 2003):
Only two tie lines can be found by the single cell method, which is the oil tie line
obtained by forward contacts and the gas tie line by backward contacts (Ahmadi, 2011).
Therefore, single cell models are not able to mimic the complex phase behavior of CV
drives. Thus, an incorrect MMP prediction is generated when the drive is CV (Egwuenu,
2004).
Jaubert et al. (1998a, 1998b) first published a multiple cell method for MMP
estimation. It is a simplified slim tube simulation where only phase behavior calculations
are conducted while mass transfer is ignored. Gas is introduced to the first cell at a
certain pressure and completely mixed with oil. After phase equilibrium, the equilibrium
gas will be moved first and transferred to the next cell for complete mixing. This process
will be repeated until a specified amount of gas, e.g., 1.2 PV, is injected (Ahmadi, 2011).
The method of Jaubert et al. purposed to cover all displacement mechanisms
including CV drives. However, this method may be influenced by physical dispersion
just like 1-D simulation (Khanzode, 2012). In order to reduce dispersion, a series of cell

16

numbers have to be selected for calculation at a fixed pressure. The recovery factors at
1.2 pore volumes injected (PVI) should be plotted versus 1/√ , where N represents the
number of cells.

The extrapolation of this curve gives the oil recovery with zero

dispersion at the pressure of interest. Then, the pressure is changed and the calculations
are repeated. Finally, the dispersion-free oil recovery is plotted versus pressure, and
MMP is the pressure where 100% oil recovery is obtained (Ahmadi & Johns, 2008).
A simple and accurate multiple mixing cell method was developed by Ahmadi
and Johns (2008) that is able to determine the MMP for CV drives. This method starts
with two cells and increases the number of cells at each contact until all the key tie lines
have achieved satisfactory convergence. The MMP is then determined by the pressure
where any one of the key tie lines first reaches a critical point (Ahmadi & Johns, 2008).

2.1.3 Analytical Methods (Method of Characteristics)
The analytical method, also called method of characteristics (MOC), is derived
from the solution of multicomponent two-phase one-dimensional dispersion-free flow
and can be used for MMP estimation (Orr, 2007). This method is very fast and can
calculate numerous MMPs for different reservoir conditions, oil compositions, and gas
enrichments (Egwuenu, 2004). It is named after a mathematical technique used for
solving hyperbolic partial differential equations like the 1-D zero-dispersion flow. This
section reviews the MOC method, along with its development and drawbacks.
Buckley and Leverett (1941) are the forerunners of analytical theory for twophase 1-D flow through porous media using MOC, with the assumptions of no dispersion
and gravity separation. They assumed oil and water are immiscible. Welge (1952)
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extended Buckley and Leverett’s theory for saturation calculations to calculate water
breakthrough and average saturation behind the front (Yuan, 2003).
Helfferich (1981) first provided the analytical solution for two-phase threecomponent flow in porous media using MOC.

Since then, other researchers have

extended Helfferich’s research for other applications. Monroe et al. (1990) employed the
theory in quaternary systems, where they observed the existence of a third key tie line in
the displacement path, called the crossover tie line. Orr et al. (1993) and Johns et al.
(1993) demonstrated the existence of the crossover tie line in CV displacements and
illustrated a simple way to locate the key tie lines (gas, oil and crossover) by geometric
construction. They also showed that MMP can be treated as the pressure where the
length of any one of these key tie lines first intersects a critical point. Moreover, they
confirmed that the crossover tie line controls miscibility development in CV
displacements.
Johns and Orr (1996) extended this theory to multicomponent (greater than four)
displacements, where they also applied geometric constructions to reveal the first
multicomponent (ten-component) displacement of oil by CO2 flooding. Their research
showed that the displacement path for dispersion-free flow is controlled by nc-1 key tie
lines, including the gas tie line, oil tie line, and the other nc-3 crossover tie lines (Yuan,
2003). A general procedure was provided for composition path construction in systems
with any combination of oil and gas components. All the composition paths must follow
the existing nc-1 key tie lines. Johns and Orr further showed that any of these key tie
lines can control miscibility and miscibility is achieved when any one of them reach zero
length, i.e., reaches a critical point. Therefore, the problem of MMP calculation is
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simplified to find a series of key tie lines from the in situ oil to injected gas, which can
intersect sequentially (Ahmadi, 2011).
Wang and Orr (1997) continued developing the previous research and they
calculated the MMP for the cases with multicomponent gas injection. Jessen et al. (1998)
increased the speed and robustness of Wang and Orr’s algorithm by the involvement of
the fugacity calculations in Newton-Raphson iteration, which significantly reduced the
calculation speed. However, the number of unknowns in their model is very large so that
it may lead to a higher possibility of yielding a false solution. This problem was lessened
by Yuan and Johns (2005) by a simplification of the size of the Newton-Raphson scheme,
which included a reduction of the unknowns using an explicit minimum distance function
and an application of singular value decomposition to solve the equations (Ahmadi,
2011). They showed that unless the solution is based on a correct construction, it is
possible to converge to a wrong set of key tie lines, which is a potential drawback of the
analytical MOC methods (Khanzode, 2012).
When compared to multiple mixing-cell and 1-D compositional simulation, the
MOC method for MMP determination is faster (Teklu, et al., 2012). However, Ahmadi
et al. (2010) emphasized that this approach is based on some important assumptions,
which are often ignored. Current MOC methods may lead to false MMP values when the
lengths of successive key tie lines do not change monotonically (Ahmadi, et al., 2011). It
is still difficult to find the correct and unique set of key tie lines, especially for gas stream
mixtures (Khanzode, 2012).
In 2008, Ahmadi and Johns developed the PennPVT toolkit using Excel VBA for
phase behavior calculations and MMP determinations. It combines the multiple mixing
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cell and MOC method based on the research achievements of Ahmadi and Johns and can
calculate the MMP to within a few psi of values estimated from detailed slim tube
simulation. The calculations are fast and accurate provided the oil characterization is
accurate. In this thesis, PennPVT is applied for MMP estimation.

2.2 CO2 MMP and Temperature
2.2.1 The Influence of Temperature on CO2 MMP
The most important factors that influence the MMP include reservoir temperature,
oil composition, and injection gas composition (Benham et al. 1960, Holm and Josendal
1974, Stalkup 1978, Cronquist 1977, Yellig and Metcalfe 1980, Mungan 1981, Johnson
and Pollin 1981, Alston et al. 1985, Glaso 1985, Elsharkawy et al. 1992, Yuan et al.
2004, Emera and Sarma 2005). When CO2 is injected as the solvent, the reservoir
temperature and CO2 MMP have an approximate linear relationship. In this thesis, we
mainly focus on studying how the temperature affects CO2 MMP.
Holm and Josendal (1974) developed a simple graphical correlation for CO2
MMP determination based upon the method of Benham et al. (1960), where MMP only
depends on two parameters: reservoir temperature and C5+ molecular weight of the oil.
Their correlation can be found in Figure 2-3, which shows several near-linear correlations
for C5+ of 180, 200, 220, and 240. Stalkup (1974) stated that MMP depends on CO2
purity, oil composition, and reservoir temperature. One disadvantage of using MMP
correlations is that they are only as accurate as the data used and typically are not reliable
for oils outside that range.
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Cronquist (1978) tested 55 different reservoir crudes over the temperature range
of 71-248°F and plotted the MMP versus temperature, as shown in Figure 2-5. He found
that most CO2 flooding projects are being carried out with a reservoir temperature less
than 140°F. He also demonstrated that higher temperature will result in a larger MMP.
Yellig and Metcalfe (1980) undertook an experimental study on the effects of
temperature and oil composition (three pseudo components) on the CO2 MMP. They
conducted slim tube tests for different oils and showed that reservoir temperature has a
very significant influence on CO2 MMP for a given oil. For the oils considered in their
study, they concluded that temperature led to an increase of 15 psi/°F in CO2 MMP
within the range of 95 to 192°F.
Mungan (1981) extended the research for crude oils with a wider range of C5+
molecular weight and plotted their results on the same figure from Holm and Josendal’s
work to illustrate the dependence of CO2 MMP on temperature, as shown in Figure 2-6.
Other research added more parameters into their MMP correlations to improve
their accuracy.

Johnson and Pollin (1981) included oil gravity, moleculoar weight,

reservoir temperature, and injection gas compostion; Alston et al. (1985) tried
temperature, oil C5+ molecular weight, volatile oil fraction (C1 and N2), intermediate oil
fraction (C2-C4, H2S, and CO2), and composition of the CO2 stream; Glaso (1985) derived
the correlation based on the graph given by Benham et al. (1960) to show the MMP as a
function of reservoir temperature, oil C7+ molecular weight, mole percent methane in the
injection gas, and the molecular weight of intermediates (C2-C6) in the gas.
Elsharkawy et al. (1992) took advantage of the rising bubble apparatus and
measured the temperature dependence of MMP for oil samples in their study. They
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reported three trends of MMP for different oils as a function of temperature: concave
downward, concave upward and linear, as shown in Figure 2-7. They stated that MMP
increases sub-linearly with temperature for some oils (concave downward), while it
increases more than linearly with temperature for several samples (concave upward).
Some oils even show a linear relationship between MMP and temperature over the tested
range. The MMPs increased 10 to 20 psi/°F with an average of approximately 15 psi/°F.
Yuan and Johns (2004) examined the trends for the MMP predicted by empirical
correlations such as Elsharkawy et al. (1992). They found that most correlations generate
a nearly linear relationship between MMP and reservoir temperature.

However,

according to the prediction by analytical and experimental methods, the MMP should
increase as temperature increases, reach a maximum, and then decrease at extreme
temperatures. Thus, a quadratic function is needed to yield more accurate correlations, as
shown in Figure 2-8.

The maximum in the MMP typically occurs at very high

temperatures for CO2 flooding, but is at lower temperatures for N2 flooding.

2.2.2 Reduction in CO2 MMP by Cold Fluid Injection
Due to low pressures, CO2 is sometimes injected immiscibly at the expense of oil
recovery. Winston Shu (1985) designed a method of injecting cold solvents (CO2, water,
mixture of water and anti-freeze, liquid nitrogen) in order to lower the CO2 MMP and
achieve miscibility in these cases (US Patent Number: 4,513,821). Shu’s patent focuses
on injecting sufficient liquid or gaseous coolant through an injection well to lower the
reservoir temperature prior to CO2 injection. The lower reservoir temperature decreases
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the MMP, which improves oil recovery. Shu’s approach is better illustrated in Figure 2-9,
which shows the CO2 MMP reduction with respect to volume of coolant injected.
In the patent, Shu suggests to calculate the amount of coolant required to lower
the reservoir temperature and CO2 MMP to a certain level by estimating the heat capacity
of the reservoir rock using the following equation:
(
wherein

)

(

)

(2-1)

is heat capacity of the bulk reservoir rock matrix,

is heat capacity of dry rock,

is oil saturation,

is heat capacity of reservoir oil,

water saturation, and Cpw is heat capacity of water. If
31.2 Btu/ft3·°F,

,

is formation porosity,

30%,
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35 Btu/ft3·°F,

62.4 Btu/ft3·°F, the heat capacity of the

0.5,

bulk reservoir rock matrix is:
(

)

(

)

Btu/ft3·°F.

(2-2)

Assuming coolant (cold water) is injected at a temperature of 0°F, reservoir bulk volume
is 1 108 ft3, and heat transfer with over/underburden formation is negligible, the amount
of coolant required to cool down the formation from 200°F to 150°F is:
(

)

(

)

.

(2-3)

The drawback of the equation by Shu, however, is that it assumes the fluids are
well mixed in the reservoir. Instead,
reservoir.

we expect temperature gradients within the

To summarize, various literature have indicated that temperature is an

important parameter for MMP determination, but this effect is often ignored in most gas
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flood simulations. This thesis focuses on studying temperature reduction prior to CO2
flooding in realistic reservoirs.

2.2.3 1-D Simulation Results for CO2 Flooding by Reservoir Cooling
Amey (2012) built a 1-D model to investigate the feasibility of reservoir cooling
and tested its influence on oil recovery. He performed two injection scenarios for a better
understanding of the process. In the first injection method, he injected 2 PV of water at
two temperatures and then did continuous CO2 injection for another 1 PV. He calculated
the incremental oil recovery, which is the oil recovery of CO2 injection above the
corresponding waterflooding recovery at the same PVI. He repeated these steps and
tested three different initial reservoir pressures. He found that reservoir cooling by
performing cold waterflooding followed by injection was very effective for those
reservoirs that had an initial pressure close to the CO2 MMP. In his research, average
reservoir temperature at 2 PVI of cold water was lowered by 34°F, and thus the CO2
MMP would correspondingly decrease by approximately 320 psia.

If the reservoir

pressure was close or somewhat above this MMP value, a miscible region would form
and lead to a significant increase of displacement efficiency. However, for those cases
whose reservoir pressures were too low to achieve miscibility even with cooling, the
incremental oil recovery was small. Therefore, the amount of cold water injected, initial
reservoir pressure, and injection temperature become the crucial factors of determining
the effectiveness of CO2 flooding in one dimension. In 2-D, volumetric sweep is very
important in addition.
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Figure 2-1: Flow diagram for slim-tube apparatus (Yellig & Metcalfe, 1980)

Figure 2-2: Estimation of MMP by slim-tube tests (Yuan, 2003)
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Figure 2-3: The effect of temperature on the MMP of CO2 and oil with various C5+
molecular weights (Holm & Josendal, 1974)

Figure 2-4: The effect of temperature on CO2 MMP (Yellig & Metcalfe, 1980)
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Figure 2-5: MMP versus temperature of 55 crude oils (Cronquist, 1977)

Figure 2-6: Extension of Holm and Josendal’s (1974) correlation illustrating the
dependency of MMP on temperature (Mungan, 1981)
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Figure 2-7: Three different trends of MMP with temperature (Elsharkawy, et al., 1992)
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Figure 2-8: Relationship of MMP with temperature for oil from Yuan et al. (2004)

Figure 2-9: Illustration of CO2 MMP changes with increasing amount of coolant injected
(Shu, 1985)
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3. 2-D Isolated Reservoir Models
We have described the influence of temperature on the MMP in Chapter 2.
Literature shows that the MMP decreases as the reservoir temperature reduces within a
certain range. In this chapter, we describe the model and the basic methodology used for
reservoir simulation in this thesis.

2-D models are created using a commercial

compositional simulator (CMG®1 GEM 2 , 2011). The results of injecting cold fluids on
incremental oil recovery are examined for all cases simulated, together with other
reservoir and fluid property profiles, e.g., reservoir temperatures, Ki (equilibrium ratio)
values, oil saturations, etc. Section 3.1 focuses on testing the feasibility and capability of
reservoir cooling by injection of various water volumes, followed by a continuous CO2
flood.

Section 3.2 extends these simulations to more realistic cases by introducing

heterogeneity.

3.1 Homogeneous Reservoirs
3.1.1 Model Parameters
A basic 2-D, homogenous, and isotropic model was created in CMG GEM. We
exclude the thermal influence from the overburden and underburden formations, so we
set the boundary condition to be no heat transfer. That is, the system is isolated from the
surrounding formations.
1
2

CMG: Computer Modeling Group
GEM: Generalized Equation-of-State Model Compositional Reservoir Simulator
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The reservoir is a triangular one with 30 grid blocks on each side, which is
representative of an inverted 5-spot well pattern. An injection well and a production well
are located on each side of the hypotenuse as Figure 3-1 illustrates. The initial pressure is
allowed to vary, but the bottom hole pressure of the production well is always 100 psi
less than the initial reservoir pressure. The injection rates of water and CO2 are constant
at the surface during the process. Under reservoir pressure, the water and CO2 rates are
approximately the same (1 to 5 ft/day). The reservoir properties and other parameters
used in our model are listed in Table 3-1.

3.1.2 Reservoir Oil Composition for Simulations
In this section, we perform continuous CO2 injection after a long 2.0 PV
waterflood at different reservoir temperatures and pressures. The 11-component oil from
Egwuenu et al. (2008), with a bubble point pressure of 1553 psi at 150°F, is chosen as
our oil for all cases in this thesis. The oil composition is listed in Table 3-2.
CO2 MMP with the oil was calculated by PennPVT over the temperature range of
115 to 250°F and the relationship between CO2 MMP and temperature is shown in Figure
3-2. The CO2 MMP estimated by Egwuenu et al. (2008) was 1876 psia at 150°F by the
analytical MOC method. The value matches well the MMP calculated by PennPVT
(1837 psia) at the same temperature. Note that PennPVT predicts a MMP value of 2115
psia at 180°F, which is the initial reservoir temperature throughout all cases in this thesis.
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3.1.3 Methodology for Simulations
Simulations were run using two injection scenarios to test the effectiveness of
enhancing oil recovery through cooling reservoirs, as illustrated in Figure 3-3. These
scenarios are discussed below.

3.1.3.a Injection Method I
During this process, we have performed a waterflood for 2.0 pore volumes
injected (PVI) at two temperatures, followed by a continuous CO2 drive for another 2.0
PVI at the same temperature as the waterflood temperature (Figure 3-3). The purpose of
this injection scenario is to test the effect of cooling the reservoir through cold fluid
injection and its influence on the incremental oil recovery. The incremental oil recovery
here is defined as the additional oil recovered by CO2 injection over the recovery of the
waterflood at the same PVI. In order to compare the results, we perform the waterflood
and continuous CO2 injection at two different temperatures: Tw = 180°F (initial reservoir
temperature) and 120°F (much cooler than the reservoir temperature), where Tw is the
temperature of water injected during the waterflood.
The 180°F injection temperature should not show any reduction in MMP. That is,
the reservoir temperature remains the same so that the temperature has no influence on
the recovery in these cases.
Furthermore, to better examine the effect of changing MMP along with
decreasing temperature, we extend the situations to three different initial reservoir
pressures at the two injection temperatures mentioned above:
(1) Pi = 1800 psia (pressure lower than the CO2 MMP at 180°F),
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(2) Pi = 2100 psia (pressure close to the CO2 MMP at 180°F), and
(3) Pi = 2400 psia (pressure higher than the CO2 MMP at 180°F).
The various temperature and pressure values have been grouped into six cases for the
simulations, which are listed in Table 3-3.

3.1.3.b Injection Method II
We also examine the feasibility of the patent invented by Shu (1980), which has
been introduced in Chapter 2. We performed a primary waterflood for 2.0 PV at 180°F
until at least a 99% water cut. Then, a cold water slug varying from 0.0 PV to 2.0 PV
was injected at two different temperatures, 33°F (case 7) and 120°F (case 8). After the
reservoir has been cooled by these slugs, a 1.2 PV continuous CO2 injection was
conducted at 120°F. The initial reservoir pressure was 1800 psia for all cases.
In case 7 (Tw = 33°F), we used an injection temperature of 33°F for the coolant
slug, which is the lowest temperature that GEM would allow for water injection. The
injection was stopped at 1.4 PV for case 7, because the average reservoir temperature
dropped below 120°F at the end of this stage. Below this value, hydrocarbon would form
three phases, which is not modeled in GEM. Based on other research (Okuno, 2009), we
expect very good oil recovery when three phases form.

3.1.4 Results and Discussion
In 2010, GEM supported a thermal option wherein the temperature equation is
solved together with the other equations. In this research, all cases simulated were
processed through CMG GEM 2011.

Thus, we utilized the thermal option, which
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enables the simulator to estimate how the injection of fluids at different temperatures
affects the incremental oil recovery (IOR) of CO2 flooding.

3.1.4.a Injection Method I
We tested the effectiveness of varying temperature on CO2 MMP for six different
cases.

The incremental oil recovery (IOR) via CO2 injection following a 2.0 PV

waterflood was calculated. For each initial reservoir pressure, the process was conducted
at two different injection temperatures. The incremental oil recovery was plotted versus
CO2 PVI for all six cases.
The concept of differential pressure above the MMP (ΔP) is used to indicate
whether miscibility is obtained under current reservoir conditions. ΔP = Pavg – MMP
(Tavg), where Pavg and Tavg are the average pressure and temperature over the entire
reservoir. A large absolute and negative ΔP value means that we are far from achieving
miscibility between the injected CO2 and in situ oil. When ΔP is positive, the flood is
above the MMP. The problem with this measure of ΔP is that it ignores the volume of
the reservoir that is swept. For 1-D, ΔP should be accurate, but for 2-D it is only a
qualitative indicator.
Thus, the ΔP values have a substantial influence on incremental oil recovery
(IOR) that can be expected during the CO2 injection period. If negative ΔP is observed,
we see low additional oil recovery and if ΔP is positive, recovery should increase. Note
that all six cases in this chapter are homogeneous reservoirs.

The incremental oil

recovery results are expected to be less favorable in the actual field as reservoirs are very
heterogeneous, which will be shown in the next section.
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(1) Results for cases 3 and 4 (pressure close to MMP)
Figure 3-4 shows the temperature trend as it moves from injector to producer
through the reservoir for case 3 (2100 psia, 120°F). We see clearly that the temperature
front moves slowly towards the producer, cooling the reservoir. Cooling is especially
obvious during the waterflooding period, since cold water has a better cooling capability
than CO2 due to its greater heat capacity. The reservoir temperature drops as the total
amount of fluid PVI increases.
Figure 3-5 shows that pressure along the straight line between the injector and
producer changes with time for case 3 (2100 psia, 120°F).

The pressure near the

injection well increases to around 2145 psia after 0.5 PV of waterflood, while it decreases
close to the production well. Then, the reservoir pressure decreases and approaches a
steady value. However, pressure builds up after CO2 injection starts, and the reservoir
pressure reaches a maximum when CO2 breakthroughs. This is mainly because the
average injection rate between water and CO2 are balanced at reservoir conditions, so the
bottom-hole pressure of the injector will sharply increase when CO2 flooding is
conducted. After breakthrough, CO2 will flow along the high mobility path, resulting in a
pressure reduction.
According to Figures 3-4 and 3-5, the temperature and pressure changes take
place in the reservoir as water and CO2 injection continues. These changes, together with
CO2 dissolution in oil, have a large influence on the oil recovery by changing oil
properties like viscosity and density. Figure 3-7 is a plot of the oil viscosity profiles
versus distance to injector and Figure 3-8 is a plot of the oil density along the same
straight line (this is a streamline in a 5-spot pattern).
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Oil viscosity and density vary inversely with temperature, as shown in Figures 34, 3-7 and 3-8. In Figure 3-4, the temperature remains near 120°F around the injection
well and increases away from the injector. Accordingly, Figures 3-7 and 3-8 show that
the oil viscosity and density subsequently decrease with the corresponding increase in
temperature at the same PVI.
Temperature also has a significant influence on phase equilibrium. Figure 3-10
shows the profiles of Ki values (equilibrium ratios) of the oil components at CO2
breakthrough (0.37 PVI CO2) for case 3 (2100 psia, 120°F).

Within a region of

approximately 150 ft to the injector, the components, including CO2, have a Ki value of
1.0, which indicates miscibility is obtained there.
Figure 3-9 shows the oil saturation profiles at each stage of the waterflood and
pore volume of CO2 injected along the straight line from the injector to the producer. We
see the development of the miscible flood and the effectiveness of this process in
decreasing waterflood residual oil. By the end of the waterflood, the oil saturation has
decreased from 0.68 to 0.18-0.30, where 0.18 is the irreducible oil saturation after water
injection (Sorw). The oil saturation decreases as CO2 flooding continues, and becomes
zero for grid blocks close to the injector. Also, there is a sharp oil saturation change at the
oil bank.
Figure 3-11 and Table 3-4 show a clear distinction between the IOR for cases 3
and 4. For case 3, the average reservoir temperature dropped to 146.4°F after 2.0 PVI
waterflood, and the average pressure has decreased to 2056.7 psia. We calculated the
CO2 MMP of 1793 psia based on the average reservoir temperature using PennPVT. By
subtracting this MMP from the average reservoir pressure, we get a difference of ΔP =
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(2056.74 - 1793) = 264 psia. The positive difference means that the average reservoir
pressure is 264 psia higher than the CO2 MMP, qualitatively indicating miscibility is
achieved with CO2 injection. This results in a favorable IOR value of 20.91%.
For case 4, the average temperature of the reservoir after waterflood is steady at
180°F, and from Table 3-4 we see clearly that ΔP = -62 psia, which means that the
displacement is only near miscible. For this case, the IOR of 14.45% at 2.0 PVI CO2 is
less as is expected. Thus, for a homogeneous 2-D reservoir that is isolated from its
surroundings, there is a significant IOR by conducting a waterflood at a cooler
temperature.
(2) Results for cases 1 and 2 (pressure lower than MMP)
We tested the effect of different injection temperatures and injection
methodologies on oil recovery for three initial reservoir pressures, namely, pressures
lower than the MMP (1800 psia), close to the MMP (2100 pisa) and higher than the
MMP (2400 psia) based on the original reservoir temperature of 180°F. Since two cases
were operated at an initial reservoir pressure of 1800 psia, hence we would expect
negative values for ΔP and good IOR.
Figure 3-12 shows the profiles of Ki values at gas breakthrough for case 1 (1800
psia, 120°F). All components have Ki values near 1.0 at approximately 100 ft from the
injector. When compared to case 3, the miscible region is closer to the injection well by
about 50 ft.
Figure 3-12 and Table 3-5 show a clear difference in the IOR for cases 1 and 2.
For case 1, the average reservoir temperature dropped to 146.4°F after 2.0 PVI
waterflood, and the average pressure decreased to 1756.1 psia. We calculated the CO2
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MMP of 1793 psia based on the average reservoir temperature through PennPVT. Thus,
ΔP = (1756.14 - 1793) = -37 psia, which means that the average reservoir pressure was
37.14 psia lower than the MMP. This resulted in a good IOR of 15.23% at 2.0 PVI CO2.
For case 2, the average temperature of the reservoir after waterflood remained
steady at 180°F. Table 3-5 shows that ΔP = -362 psi. Thus, the reservoir pressure value
is significantly under the MMP, which means that the displacement is more immiscible.
This gave a small IOR of 3.92% at 2.0 PVI CO2.
(3) Results for cases 5 and 6 (pressure higher than MMP)
In this section the two injection scenarios were operated at an initial reservoir
pressure of 2400 psia, which is much higher than the MMP (2125 psia). Hence, ΔP is
positive and large IOR should result.
In addition to the plots for case 3 (2100 psia, 120°F) and case 1 (1800 psia,
120°F), Figure 3-14 shows the Ki profiles at gas breakthrough for case 5 (2400 psia,
120°F). As expected, the miscible region is approximately 240 ft away from the injection
well, which is the further than cases 1 and 3. Thus, with increasing initial pressure,
miscibility is attained at greater distances into the reservoir, resulting in increasing
recovery values.
From Table 3-6, we see that ΔP is 564 psia for case 5, while ΔP is 239 psia for
case 6. The IOR for case 5 is 23.38% at 2.0 PVI CO2, which is the highest among all six
cases. The total oil recovery from secondary plus tertiary flooding is over 90% OOIP,
since case 5 has the largest ΔP. For case 6, the IOR is 21.91%, which is also favorable
compared with the other cases with negative or small ΔP. The plot of IOR versus CO2
volume injected for these two cases is shown in Figure 3-15.
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(4) Summary for Injection Method I
From Tables 3-4 through 3-6, together with the discussion above, we make the
following conclusions:


For the immiscible case (case 2), the IOR is poor with a value of 3.92%.



For near miscible cases (cases 1 and 4), there is a large increase of IOR to
about 15%, when compared with the immiscible case.



For miscible cases (cases 3, 5, and 6), the IOR increase is even larger to
about 21%, when compared with the immiscible case. This is because ΔP
is the largest for these cases.



For cases with initial reservoir pressure lower than MMP (cases 1 and 2)
or close to MMP (cases 3 and 4), the effect of cooler injection temperature
on increasing IOR is prominent, since the difference can be as high as 10%
of OOIP.



For cases with greater initial reservoir pressure than MMP (cases 5 and 6),
there is little difference in IOR between different injection temperatures.

3.4.1.b Injection Method II
All the cases for injection method II were conducted under the initial reservoir
pressure of 1800 psia and reservoir temperature of 180°F. This pressure is less than the
CO2 MMP at 180°F, so this method tests the effectiveness of various slug sizes of cold
water on the miscible flood.

39

(1) Results for cases 7 and 8
As shown in Tables 3-7 and 3-8 respectively, the IOR at 1.2 PVI CO2 increases
with an increased water slug size. The reservoir temperature has an approximate linear
relationship with the amount of cold water injected, e.g., it goes down linearly as more
cold water is injected in PV, as shown in Figures 3-16 and 3-17. The curve fit between
the average reservoir temperature and water slug size in Figure 3-16 matches well with
the result obtained by Amey (2012), which is listed in Appendix A of his thesis. The
reduction in temperature lowers the CO2 MMP as expected.
For case 7 (Tw = 33°F), the results are shown in Table 3-7 and Figure 3-16. When
the water slug size is smaller than 0.6 PV, there is almost no IOR change, which indicates
the temperature has not been lowered enough for the flood to be miscible. When the slug
size is between 0.6 and 1.0 PV, we see a gradual increase of IOR with slug size. The
average reservoir temperature drops below 150°F and a near miscible condition is
generated. If we inject more than 1.0 PV of cold water, the reservoir temperature will be
low enough to form a miscible region, which will increase IOR significantly.
Temperature fronts move slower than fluid fronts.
For case 8 (Tw = 120°F), it is not easy to form a miscible flood at a higher
injection temperature compared to case 7. The results are given in Table 3-8 and Figure
3-17. A near miscible condition is formed for water slug sizes up to 1.8 PV and the
average reservoir temperature is lowered below 150°F. Complete miscibility cannot be
achieved even if a 2.0 PV cold water slug is injected at 120°F.
Figure 3-18 shows the comparison of these two cases, where the influence of
different injection temperatures on IOR can be seen. The figure shows that low injection

40

temperatures result in good IOR improvement because it leads to more reservoir cooling.
For the reservoir with an initial pressure of 1800 psia, a significant increase in IOR is
observed when average reservoir temperature drops below 150°F.
(2) Pressure difference and IOR prediction
From Figure 3-2, we can find the relationship between temperature and CO2
MMP. From Figures 3-16 and 3-17, the relationship between water slug size and average
reservoir temperature can be fit to the two injection temperatures. Thus, we are able to
express CO2 MMP as a function of water slug size. Assuming that the average reservoir
pressure equals to the bottom hole pressure of the production well, which is 1700 psi, we
are now able to calculate ΔP using CO2 MMP. Using data from Tables 3-7 and 3-8, we
can find the relationship between ΔP and IOR.
We are able to predict IOR with high accuracy at a given water slug size at the
two injection temperatures. The prediction results are listed in Tables 3-9 and 3-10,
where we can see that the absolute errors for both ΔP and IOR predictions are small.
(3) Summary for Injection Method II
Further analysis of the results reveals that injection method II is not as good as
injection method I for two reasons. First, for both cases 7 and 8, there is a large amount
of cold water required to develop miscibility. Since we have already performed 2.0 PVI
waterflood, a large water slug is time-consuming and results in modest IOR
improvement. Second, injection method II is not effective in promoting IOR. We obtain
an IOR of 10.72% after 2.0 PVI waterflood plus a 1.2 PVI CO2 drive in injection method
I case 1 (1800 psia, 120°F). As for injection method II, we have to inject a total of 4.6
PV of fluid (2+1.4+1.2) to achieve an IOR of 10.89% for case 7 (Tw = 33°F). The
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amount needed for case 8 (Tw = 120°F) is even larger (5.2 PV in total) and gives an IOR
of only 8.96%.
The temperature during the waterflood period is very important to speed up oil
recovery. Even though the same amount of water is injected during the waterflood (2.0
PV), different operating temperatures result in different average reservoir temperatures
before the injection of CO2. For injection method II, the waterflood is conducted at the
same temperature as the original reservoir temperature, and thus the average reservoir
temperature remains unchanged during the process. As a result, when the CO2 first
contacts the oil in place, the displacement is far from miscible, resulting in a lower IOR
for small cold water slugs.
To summarize, injection method II is not as favorable as injection method I,
largely because it delays oil production. Also, injection method II does not result in
greater IOR than injection method I for the same PV of cold water injected. Thus, it is
better to plan ahead and conduct a waterflood at a lower temperature before CO2
flooding.

3.2 Heterogeneous Reservoirs
In Section 3.1, the 2-D model is homogeneous, which is not representative of an
actual reservoir. IOR values from the previous section for a homogeneous reservoir are
likely the maximum ones we can expect. This is because sweep is better in homogeneous
reservoirs than in real ones.
When local heterogeneity is severe, the oil recovery and incremental oil recovery
of gas floods are much lower owing to channeling of gas. In this section, we focus on
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studying the impact of heterogeneity by introducing different permeability distributions.
Three important parameters, Dykstra-Parsons coefficient and dimensionless correlation
lengths in the x- and z-directions, are used to describe heterogeneity. We neglect heat
transfer to the surrounding formations in these cases, but will incorporate heat losses in
the next chapter.

3.2.1 Model Parameters
Dykstra-Parsons Coefficient: The Dykstra-Parsons coefficient (

) is the most

widely used measure of permeability variation in petroleum engineering (Jensen, et al.,
2000). VDP is a dimensionless coefficient, which can be determined by the following
equation (Dykstra & Parsons, 1950):

VDP 
where

k50  k84.1
k50

is the log median permeability and

(3-1)
is the permeability at one standard

deviation below the median value on the log-probability plot. When

( )

(

), a

simple and alternative VDP equation can be used (Jensen, et al., 2000):
VDP  1  exp( ln k )

where

(3-2)

represents the standard deviation of the natural log of permeability. The

Dykstra-Parsons coefficient ranges from 0 to 1. A homogeneous reservoir has a VDP
value of 0, while for extremely heterogeneous reservoirs,

may approach 1. Most

reservoirs have Dykstra-Parsons coefficients between 0.4 and 0.9.
Dimensionless Correlation Length: Dimensionless correlation length ( ) is the
ratio between the correlation length of the permeability and the distance from injector to
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producer. Correlation length, also called the range of influence or correlation range, is
the maximum length between different locations where the permeability is still
dependent.

A zero correlation length means a random spatial distribution of

permeability. The range of influence of permeability on its neighboring values increases
as the correlation length increases.
Semivariogram Analysis: A semivariogram ( ) is the tool used in geostatistics to
generate permeability realizations. A semivariogram gives the measure of two-point
spatial correlation structure (Jennings, et al., 2000). The semivariogram measures the
half mean of the squared difference between properties at two locations separated by a
given distance h in a certain direction. Semivariogram is traditionally defined as:

  h 
where

1 n
[k  xi   k  xi  h ]2
2n i 1

(3-3)

is the semivariogram of property k estimated at two locations, which are

separated by the distance vector (lag) h. The

denotes the property location, and n is

the total number of data pairs separated by h.
Semivariogram methods consist of several variogram features: nuggets, sills,
ranges, oscillations, and power-law exponents.

The nugget is the value of the

semivariogram when the semivariogram extrapolates to zero lag, which indicates
spatially uncorrelated variability. The sill represents the value of the semivariogram
where it levels off and becomes a constant, i.e., approaches an asymptote. The range
(correlation length) is the lag distance where the semivariogram reaches the sill.
The variogram is used for the quantification of correlation structure of various
properties.

After computing the variogram based on the data collected, a smooth
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theoretical variogram model is often used to fit the trend, which can be applied for more
estimation thereafter. Popular variogram models include the exponential, the Gaussian,
and the nugget model. A so-called stable semivariogram model, which links power-law
exponents to the strength of spatial correlation gives:


  h  p  
  h, r   S 1  exp      

  r   

(3-4)

where S is the total variance (sill), r stands for the correlation length (range), and p is the
asymptotic power-law exponent. The correlation length grows as p increases. Figure
3-19 illustrates the relationship between exponent p and correlation strength (p = 0,
nugget model; p = 1, exponential model; p = 2, Gaussian model).
In this thesis, we have employed the exponential model to generate
semivariogram data of permeability, which means the value of exponent p is set to 1.
Appendix A gives instructions for use of the code (FFT simulator by Jenning et al., 2000)
and semivariogram for permeability generation. We only vary the permeability, while
other properties are fixed (Table 3-1, Table 3-2, and Figure 3-1).
For the simulations, we chose injection method I. That is, we conduct a 2.0 PV
waterflood at two temperatures, followed by a continuous CO2 injection for another 2.0
PV at the same temperature. We have chosen dimensionless correlation lengths of 1,
0.25, 0.05, and 0 in the reservoir models. For each dimensionless correlation length, we
did the same six cases that were used for the homogeneous reservoir. Also, the DykstraParsons coefficient is varied for 0.4, 0.6, 0.8 for each case as well.
We repeated the same simulations 5 times by choosing 5 different seeds, which
were used to generate the permeability distributions, in order to reduce error and get more
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reliable results. Therefore, the total number of cases is 72 as listed in Table 3-11 and the
total number of simulations is 360.
Some of the permeability distributions generated using seed 1 are shown in Figure
3-20. As dimensionless correlation length increases, the permeability of a grid block has
a growing influence on its neighboring blocks.

As the Dykstra-Parsons coefficient

increases, the permeability tends to have a wider range of distribution.

3.2.2 Results and Discussion
We further discuss the results in this section for the 2-D heterogeneous reservoirs
for the same cases (1 to 6) as used in the homogeneous reservoir (Table 3-1). The results
are tabulated in Tables 3-12 through 3-15 according to different dimensionless
correlation lengths (λL). Figures 3-21 through 3-30 also show the results for all cases, but
they are grouped according to various parameters. Figures 3-21 and 3-22 illustrate how
oil recovery (OR) and incremental oil recovery (IOR) at 2.0 PVI CO2 injection changes
as the Dykstra-Parsons coefficient (VDP) increases at fixed λL respectively. Figures 3-23
and 3-24 show the comparison of CO2 global mole fraction when CO2 breaks through for
two different VDP values for case 5 (2400 psia, 120°F) at λL equal to 1 and 0, respectively.
In Figure 3-25, the IOR results are grouped according to different reservoir pressures and
injection temperatures. Figures 3-26 and 3-27 show the IOR versus CO2 volume injected
for case 3 (2100 psia, 120°F) and case 4 (2100 psia, 180°F) at λL equal to 0 respectively.
Figure 3-28 illustrates the oil saturation distribution difference between two examples
from case 3 (2100 psia, 120°F) with same λL and different VDP. Figures 3-29 and 3-30
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show the summary of IOR versus pressure difference for all the heterogeneous cases at
different VDP and λL, respectively.
From Figure 3-21, oil recovery decreases as VDP increases at a fixed λL. Also,
when initial reservoir pressures are the same, we obtain higher oil recovery at lower
injection temperatures (120°F), while oil recovery increases as initial reservoir pressure
increases at fixed injection temperature. Another important observation is that case 1
(1800 psia, 120°F) and 4 (2100 psia, 180°F), case 3 (2100 psia, 120°F) and 6 (2400 psia,
180°F) almost have the same oil recovery. This reveals that the benefit due to lower
injection temperature (60°F less than reservoir temperature) is able to offset the
drawbacks caused by lower initial reservoir pressure (300 psia smaller). Case 5 again has
the highest oil recovery, followed by cases 3 and 6, cases 1 and 4, and case 2.
Similar trends are observed in Figure 3-22, which shows IOR changes as a
function of VDP. Case 5 has the highest IOR, followed by cases 3 and 6, cases 1 and 4,
and case 2. We observe that IOR decreases with increasing VDP. The only exception is
case 5 at λL =0, where the IOR remains about the same with different VDP.
To illustrate the influence of VDP, we choose two examples from case 5 (2400
psia, 120°F) with λL equal to 1 and 0. The CO2 global mole fraction distributions at CO2
breakthrough are shown in Figures 3-23 and 3-24. From Figure 3-23, the case with VDP
= 0.4 has a better sweep efficiency than the one with VDP = 0.8 at CO2 breakthrough. The
CO2 breakthrough time of case with VDP = 0.4 (0.27 PVI) is longer than that of the one
with VDP = 0.8 (0.20 PVI). This is the main reason why IOR decreases as VDP increases,
i.e., high VDP causes early CO2 breakthrough. The case with VDP = 0.4 in Figure 3-24 has
almost the same sweep efficiency than the one with VDP = 0.8 at CO2 breakthrough. The
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CO2 breakthrough time of the case with VDP = 0.4 (0.27 PVI) is close to that of the one
with VDP = 0.8 (0.25 PVI). This explains why IOR remain unchanged as VDP increases,
i.e., both cases have nearly the same CO2 breakthrough time and sweep efficiency.
The main conclusion from Figure 3-25 is that both the injection temperature and
initial reservoir pressure have the most influence on the IOR, while VDP and λL are still
important. At fixed initial reservoir pressure, the effect of temperature is significant and
cases with low injection temperatures always have greater IOR than cases with high
injection temperatures. For fixed injection temperature, large IOR results for cases with
initial reservoir pressures greater than the MMP.
In Figures 3-26 and 3-27, IOR for the homogeneous cases are always the largest,
provided enough CO2 has been injected. Also, the breakthrough time decreases as VDP
increases. This means that when the reservoir is more heterogeneous, channeling leads to
earlier CO2 breakthrough. Another observation is that large VDP yields a low IOR,
mainly because of early CO2 breakthrough and poor sweep efficiency.
For case 3 (2100 psia, 120°F) with λL=0 and different VDP, the oil saturation
distribution at 2.0 PVI CO2 is shown in Figure 3-28. The figure shows that for lower VDP
the gas flood has better sweep and lower oil saturation values as expected.
In summary, the results from all heterogeneous cases are shown in Figures 3-29
and 3-30, both of which reveal that IOR has an approximate linear relationship with
pressure difference (ΔP) above the MMP. Figure 3-29 shows that IOR tends to increase
faster as ΔP grows at lower VDP. Figure 3-30 also shows that IOR increases faster as ΔP
increases at lower λL. Thus, larger heterogeneity and correlation length decrease the
incremental oil recovery as is expected.
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Table 3-1: Reservoir properties for the 2-D homogeneous reservoir model
Reservoir Property
Grid block number
Thickness
Grid block size
Porosity
Permeability
Initial water saturation, Swi
Initial oil saturation, Soi
Initial reservoir temperature
Pressure at production well
Injection rate at reservoir condition

Value
30 x 30 x 1
10
10 x 10 x 10
0.2
100
0.32

Unit
-ft
ft
%
mD
fraction

0.68
180
(Pi-100)
1~5

fraction
°F
psia
ft/day

Table 3-2: Composition of the 11-component oil used in the model (Egwuenu, 2004)
Component
CO2
C1
C2
C3
C4
C5
C6
C7

Mole fraction
0.0010
0.3467
0.0313
0.0396
0.0595
0.0406
0.0306
0.0495

C8 +

0.0497

C10+

0.3011

C14+

0.0504
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Table 3-3: Combinations of reservoir pressures and injection temperatures for all six
cases in injection method I for the homogeneous reservoir
Case #

Reservoir Pressure
(psia)

1
2
3
4
5
6

1800
2100
2400

Water Temperature
(°F)
120
180
120
180
120
180

CO2 Temperature
(°F)
120
180
120
180
120
180

Table 3-4: Incremental oil recoveries for injection method I for cases 3 and 4 (2100 psia)
for the homogeneous reservoir
Pi, psia
Injection Tw
(°F)
120
180

2100
Tavg
(°F)
146.4
180.0

Pavg
(psia)
2056.7
2053.0

MMP ΔP
(psia) (psia)
1793 264
2115
-62

OR at 0.0
PVI CO2 (%)
69.70
69.82

IOR at 2.0
PVI CO2 (%)
20.91
14.45

Type
miscible
near miscible

Table 3-5: Incremental oil recoveries for injection method I for cases 1 and 2 (1800 psia)
for the homogeneous reservoir
Pi, psia
Injection Tw
(°F)
120
180

1800
Tavg
(°F)
146.4
180.0

Pavg
(psia)
1756.1
1752.9

MMP ΔP
(psia) (psia)
1793
-37
2115 -362

OR at 0.0
PVI CO2 (%)
69.84
69.98

IOR at 2.0
PVI CO2 (%)
15.23
3.92

Type
near miscible
immiscible

Table 3-6: Incremental oil recoveries for injection method I for cases 5 and 6 (2400 psia)
for the homogeneous reservoir
Pi, psia
Injection Tw
(°F)
120
180

2400
Tavg
(°F)
146.4
180.0

Pavg
(psia)
2357.4
2354.0

MMP ΔP
(psia) (psia)
1793 564
2115 239

OR at 0.0
PVI CO2 (%)
69.56
69.67

IOR at 2.0
PVI CO2 (%)
23.38
21.91

Type
miscible
miscible
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Table 3-7: Incremental oil recoveries for injection method II for case 7 (1800 psia, 33°F)
for the homogeneous reservoir
Tavg

Pavg

MMP

ΔP

(PV)
1.4
1.2
1.0
0.8
0.6
0.4

(°F)

(psia)

(psia)

(psia)

122.2
130.5
138.8
147.0
155.3
163.5

1709.6
1709.4
1709.3
1709.1
1708.7
1708.6

1525
1624
1721
1815
1901
1980

0.2

171.8

1708.6

2058

Slug
Size

0.0

OR at 0.0

OR at 1.2

IOR at 1.2

PVI CO2

PVI CO2

PVI CO2

Type

185
85
-12
-106
-192
-271

(%)
71.65
71.47
71.27
71.07
70.84
70.59

(%)
82.54
81.15
79.32
78.27
77.50
76.76

(%)
10.89
9.68
8.05
7.21
6.66
6.16

miscible
miscible
near miscible
near miscible
immiscible
immiscible

-349

70.31

76.71

6.40

immiscible

180.0
1723.9
2125
-401
69.98
76.26
6.27
2
*Curve fit between ΔP and IOR: y = 2E-05x + 0.0118x + 8.2783, R² = 0.9926.

immiscible

Table 3-8: Incremental oil recoveries for injection method II case 8 (1800 psia, 120°F)
for the homogeneous reservoir
Slug
Size
(PV)
2.0
1.8
1.6
1.2
0.8
0.6
0.2
0.0

Tavg

Pavg

MMP

ΔP

(°F)

(psia)

(psia)

(psia)

146.5

1713.1

1808

149.8

1713.2

1844

-95

OR at 0.0
PVI CO2
(%)
72.16

OR at 1.2
PVI CO2
(%)
81.12

IOR at 1.2
PVI CO2
(%)
8.96

near miscible

-131

72.00

79.94

7.94

near miscible

153.1
1713.2
1878
-165
71.84
78.93
7.09
159.8
1713.2
1944
-231
71.47
77.78
6.30
166.5
1713.2
2006
-293
71.07
77.11
6.04
169.9
1713.3
2041
-328
70.84
76.98
6.13
176.7
1714.5
2098
-384
70.31
76.63
6.32
180.0
1723.9
2125
-401
69.98
76.26
6.27
2
*Curve fit between ΔP and IOR: y = 6E-05x + 0.0381x + 11.897, R² = 0.9851.

Type

immiscible
immiscible
immiscible
immiscible
immiscible
immiscible
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Table 3-9: Prediction of pressure differences and incremental oil recoveries for injection
method II for case 7 (1800 psia, 33°F) for the homogeneous reservoir
Slug
Size
(PV)
2
1.8
1.6
1.4
1.2
1
0.8
0.6
0.4
0.2
0

ave. T

MMP

ΔP

ΔP error

(°F)

(psia)

(psia)

(psia)

97.4
105.7
114.0
122.2
130.5
138.7
147.0
155.2
163.5
171.7
180.0

1174
1293
1407
1514
1617
1713
1805
1890
1970
2045
2113

526
407
293
186
83
-13
-105
-190
-270
-345
-413

1
-2
-2
1
2
1
5
-12

IOR at 1.2
PVI CO2
(%)
20.02
16.39
13.46
11.16
9.40
8.12
7.26
6.76
6.55
6.59
6.82

IOR error
(%)
0.27
-0.28
0.07
0.05
0.10
0.39
0.19
0.55

Table 3-10: Prediction of pressure differences and incremental oil recoveries for injection
method II for case 8 (1800 psia, 120°F) for the homogeneous reservoir
Slug
Size
(PV)
2
1.8
1.6
1.4
1.2
1
0.8
0.6
0.4
0.2
0

ave. T

MMP

ΔP

ΔP error

(°F)

(psia)

(psia)

(psia)

146.4
149.8
153.2
156.5
159.9
163.2
166.6
169.9
173.3
176.6
180.0

1799
1834
1869
1903
1936
1968
1999
2029
2058
2086
2113

-99
-134
-169
-203
-236
-268
-299
-329
-358
-386
-413

-4
-4
-4
-5
-6
-1
-3
-12

IOR at 1.2
PVI CO2
(%)
8.72
7.86
7.17
6.64
6.25
6.00
5.87
5.86
5.95
6.13
6.40

IOR error
(%)
-0.24
-0.08
0.08
-0.05
-0.17
-0.27
-0.19
0.13
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Table 3-11: Cases for the 2-D heterogeneous model
λL

Pi, psia

Injection Tw
(°F)
120

1800
180

120
1

2100
180

120
2400
180

120
1800
180

120
0.25

2100
180

120
2400
180

VDP
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8

λL

Pi, psia

Injection Tw
(°F)
120

1800
180

120
0.05

2100
180

120
2400
180

120
1800
180

120
0

2100
180

120
2400
180

VDP
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
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Table 3-12: Incremental oil recoveries for heterogeneous cases with λL = 1
Pi

Injection Tw

(psia)

(°F)
120

1800
180

120
2100
180

120
2400
180

VDP
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8

OR at 0.0

OR at 2.0

IOR at 2.0

ΔP

PVI CO2 (%)
69.17
68.15
65.20
69.34
68.29
65.30
69.03
67.98
65.03
69.17
68.10
65.10
68.89
67.83
64.86
69.01
67.91
64.90

PVI CO2 (%)
82.40
81.51
80.15
75.00
74.18
72.65
87.82
86.63
83.77
83.09
81.99
79.86
91.31
89.32
85.52
87.84
86.38
82.81

PVI CO2 (%)
11.25
10.99
10.98
3.27
3.12
3.11
16.71
16.17
15.58
11.45
11.04
11.31
20.25
18.92
17.41
16.30
15.53
14.40

(psia)
-75
-58
-15
-391
-375
-334
225
242
287
-90
-75
-34
525
542
591
210
225
269
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Table 3-13: Incremental oil recoveries for heterogeneous cases with λL = 0.25
Pi

Injection Tw

(psia)

(°F)
120

1800
180

120
2100
180

120
2400
180

VDP
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8

OR at 0.0

OR at 2.0

IOR at 2.0

ΔP

PVI CO2 (%)
69.06
67.88
64.71
69.23
68.01
64.80
68.91
67.72
64.52
69.05
67.82
64.57
68.77
67.55
64.33
68.89
67.63
64.37

PVI CO2 (%)
81.91
80.94
78.51
74.81
73.90
71.67
87.22
85.76
82.35
82.80
81.30
78.12
90.89
88.37
84.44
87.47
85.56
81.24

PVI CO2 (%)
10.84
10.62
10.64
3.18
3.07
3.42
16.19
15.50
14.57
11.26
10.57
10.03
19.91
18.17
16.77
16.03
14.95
13.28

(psia)
-77
-63
-36
-392
-380
-349
223
237
267
-92
-80
-51
523
537
571
208
221
253
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Table 3-14: Incremental oil recoveries for heterogeneous cases with λL = 0.05
Pi

Injection Tw

(psia)

(°F)
120

1800
180

120
2100
180

120
2400
180

VDP
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8

OR at 0.0

OR at 2.0

IOR at 2.0

ΔP

PVI CO2 (%)
69.16
68.25
65.66
69.33
68.39
65.79
69.01
68.07
65.47
69.16
68.19
65.54
68.86
67.92
65.31
68.99
68.01
65.35

PVI CO2 (%)
81.54
80.81
78.14
74.89
74.12
72.00
87.26
85.45
82.09
82.54
81.12
78.05
91.46
88.91
84.81
87.15
85.24
81.27

PVI CO2 (%)
10.40
10.30
9.61
3.18
3.09
3.03
16.17
15.02
13.66
10.94
10.21
9.26
20.43
18.53
16.45
15.64
14.44
12.61

(psia)
-80
-72
-65
-395
-388
-376
220
228
233
-95
-88
-76
521
529
536
205
212
225
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Table 3-15: Incremental oil recoveries for heterogeneous cases with λL = 0
Pi

Injection Tw

(psia)

(°F)
120

1800
180

120
2100
180

120
2400
180

VDP
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8
0.4
0.6
0.8

OR at 0.0

OR at 2.0

IOR at 2.0

ΔP

PVI CO2 (%)
69.65
69.46
68.85
69.84
69.64
69.01
69.52
69.32
68.68
69.68
69.48
68.82
69.38
69.19
68.53
69.53
69.33
68.67

PVI CO2 (%)
84.50
83.76
81.86
75.43
75.32
74.91
91.84
89.75
88.20
84.40
83.61
82.51
93.48
93.52
93.12
90.73
88.98
86.41

PVI CO2 (%)
13.02
12.40
10.90
3.35
3.37
3.37
20.39
18.44
17.30
12.42
11.75
11.10
22.07
22.25
22.28
18.87
17.24
15.10

(psia)
-71
-72
-55
-395
-388
-375
220
228
247
-95
-88
-76
521
528
549
206
213
226
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Figure 3-1: The 2-D model is one eighth of an inverted 5-spot well pattern.
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(2008)
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Figure 3-2: Variation of the CO2 MMP for oil in Egwuenu et al. (2008) as calculated by
PennPVT. The CO2 MMP is 1876 psia at 150°F through MOC method. The
curve fit between temperature and MMP is given by: y = -0.0409x2 +
22.725x - 651.95, R² = 1.
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Injection method I:
2 PVI CO2 @ Tw

2 PVI Water @ various Tw's

Injection method II:
1.2 PVI CO2 @ 120°F

Water Slug @ various Tw's

2 PVI Water @ 180°F

Figure 3-3: Illustration of injection method I and II, where the dark blue and blue boxes
represent the volume of water and cold water slug, and the gray box
represents the volume of CO2 (Tw = temperature of water injected during the
waterflooding period)
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Figure 3-4: Temperature profiles along the line from injector to producer for injection
method I for case 3 (2100 psia, 120°F) for the homogeneous reservoir. bt is
“breakthrough”.
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Figure 3-5: Pressure profiles along the line from injector to producer for injection method
I for case 3 (2100 psia, 120°F) for the homogeneous reservoir. bt is
“breakthrough”.
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Figure 3-6: Injection rates of water and CO2 and injector BHP versus total fluid injected
for injection method I for case 3 (2100 psia, 120°F) for the homogeneous
reservoir. The water and CO2 rates are expressed under reservoir conditions.
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Figure 3-7: Oil viscosity profiles along the line from injector to producer for injection
method I for case 3 (2100 psia, 120°F) for the homogeneous reservoir. bt is
“breakthrough”.
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Figure 3-8: Oil density profiles along the line from injector to producer for injection
method I for case 3 (2100 psia, 120°F) for the homogeneous reservoir. bt is
“breakthrough”.
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Figure 3-9: Oil saturation profiles along the line from injector to producer for injection
method I for case 3 (2100 psia, 120°F) for the homogeneous reservoir. bt is
“breakthrough”.
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Figure 3-10: Profiles of component Ki values at CO2 breakthrough (0.37 PV) along the
line from injector to producer for injection method I for case 3 (2100 psia,
120°F) for the homogeneous reservoir
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Figure 3-11: Incremental oil recovery versus CO2 volume injected for injection method I
for cases 3 and 4 (2100 psia) for the homogeneous reservoir
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Figure 3-12: Profiles of component Ki values at CO2 breakthrough (0.37 PV) along the
line from injector to producer for injection method I for case 1 (1800 psia,
120°F) for the homogeneous reservoir
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Figure 3-13: Incremental oil recovery versus CO2 volume injected for injection method I
for cases 1 and 2 (1800 psia) for the homogeneous reservoir
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Figure 3-14: Profiles of component Ki values at CO2 breakthrough (0.37 PV) along the
line from injector to producer for injection method I for case 5 (2400 psia,
120°F) for the homogeneous reservoir

71

25

Pi=2400 psia, Tw=120oF
Pi=2400 psia, Tw=180oF

20

IOR (%)

15

10

5

0

-5
0

0.5

1

1.5

2

CO2 Volume Injected (PVI)
Figure 3-15: Incremental oil recovery versus CO2 volume injected for injection method I
for cases 5 and 6 (2400 psia) for the homogeneous reservoir
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Figure 3-16: Incremental oil recovery at 1.2 PV CO2 injection and average temperature
versus water slug size for injection method II for case 7 (cold water slugs
were injected at 33°F) for the homogeneous reservoir. When water slug size
becomes greater than 1.4 PV, the temperature near the injection well drops
below the bubble point. The curve fit between the water slug size and
average reservoir temperature is given by: y = -41.28x + 180.03, R² = 1.
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Figure 3-17: Incremental oil recovery at 1.2 PV CO2 injection and average temperature
versus water slug size for injection method II for case 8 (cold water slugs
were injected at 120°F) for the homogeneous reservoir. The curve fit
between water slug size and average reservoir temperature is given by: y = 16.779x + 179.99, R² = 1.
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Figure 3-18: Comparison of the cooling effect of two cold water injection temperatures
for injection method II for homogeneous reservoir
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Figure 3-19: 2-D semivariogram distributions of permeability generated by the stable
variogram model with exponents in the range 0 ≤ p ≤ 2, which illustrate the
relationship between the power-low exponent and the strength of spatial
correlation from Jennings et al. (2000)
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Figure 3-20: The permeability distributions of different heterogeneous cases with the
same λL in both x and y directions
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(a) λL=1

(b) λL=0.25

(c) λL=0.05

(d) λL=0

Figure 3-21: Oil recovery at 2.0 PVI CO2 versus Dykstra-Parsons coefficient for four
dimensionless correlation lengths

78

(a) λL=1

(b) λL=0.25

(c) λL=0.05

(d) λL=0

Figure 3-22: Incremental oil recovery at 2.0 PVI CO2 versus Dykstra-Parsons coefficient
for four dimensionless correlation lengths
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(a) VDP=0.4

(b) VDP=0.8

Figure 3-23: Comparison of CO2 global mole fraction distributions at CO2 breakthrough
for different VDP from case 5 (2400 psia, 120°F) with λL=1 (the
breakthrough times are 0.27 and 0.20 PVI, respectively)

80

(a) VDP=0.4

(b) VDP=0.8

Figure 3-24: Comparison of CO2 global mole fraction distributions at CO2 breakthrough
for different VDP from case 5 (2400 psia, 120°F) with λL=0 (the
breakthrough times are 0.27 and 0.25 PVI, respectively)
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(a) Pi =1800 psia, Tw=120°F

(b) Pi =1800 psia, Tw=180°F

(c) Pi =2100 psia, Tw=120°F

(d) Pi =2100 psia, Tw=180°F

(e) Pi =2400 psia, Tw=120°F

(f) Pi =2400 psia, Tw=180°F

Figure 3-25: Incremental oil recovery at 2.0 PVI CO2 versus Dykstra-Parsons coefficient
for different injection temperature and initial reservoir pressure cases
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Figure 3-26: Incremental oil recovery versus CO2 volume injected for case 3 (2100 psia,
120°F) with λL=0 and different VDP
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Figure 3-27: Incremental oil recovery versus CO2 volume injected for case 4 (2100 psia,
180°F) with λL=0 and different VDP
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(a) VDP=0.4

(b) VDP=0.8

Figure 3-28: Comparison of oil saturations at 2.0 PVI CO2 between two examples from
case 3 (2100 psia, 120°F) with λL=0 and different VDP
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Figure 3-29: Summary of incremental oil recovery versus pressure difference (ΔP) for all
the heterogeneous cases at different VDP

86

30

25

IOR (%)

20

15

10

λL=1
λL=0.5
λL=0.25
λL=0

5

0
-600

-400

-200

0

200

400

600

800

ΔP (psia)

Figure 3-30: Summary of incremental oil recovery versus pressure difference (ΔP) for all
the heterogeneous cases at different λL
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4. 2-D Open Reservoir Models
In Chapter 3, we considered the effects of injection temperature, initial reservoir
pressure, and heterogeneity on incremental oil recovery.

However, we have yet to

consider heat transfer from the over- and under-burden. In this chapter, we continue
extending the parametric study by accounting for heat gain between the reservoir and
over/underburden formations.
We include over/underburden grid blocks to the reservoir and allow heat transfer
between the boundaries. GEM has a built-in heat loss option, which solves the heat
transfer through boundaries using an analytical method. We compare the results of our
simulation cases with many over- and under-burden grid blocks to those with this
analytical option.

The advantage of the option is that computational time of the

simulation is less because fewer grid blocks can be used.
In the second section, we also perform WAG simulations, which are common in
gas floods. WAG is used to improve sweep efficiency by decreasing the effective
mobility ratio. Thus, we examine whether reservoir cooling for enhanced oil recovery
from CO2 injection has practical potential application or not.
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4.1 Open Reservoir Model and Heat Loss Option
4.1.1 Thin Open Reservoir Model
In thermal reservoir simulations, it is necessary to calculate the heat transfer
between the reservoir and the surrounding formations, i.e., the overburden and
underburden rocks. In this section, we add grid blocks for the surrounding formation to
account for heat transfer. Mass transfer is only allowed in x and y directions within pay
zone while heat transfer occurs in x, y, and z directions in the entire reservoir. This
model is based on the 2-D homogeneous one. These new grid blocks have the same size
as those in the pay zone (10 x 10 x 10 ft). The overburden and underburden formations
are symmetric. All the parameters of the thin open reservoir model are listed in Table
4-1.
Here, we use R to represent the ratio of the thickness of over/underburden
formations to the pay zone and nz is the number of grid blocks in the vertical direction.
For example, when R equals 5, both the overburden and underburden formations have a
thickness of 50 ft (10 x 5) and nz = 11 (5 + 1 + 5). We have examined five cases, with R
equal to 5, 7, 10, 30, and 50, respectively. Mass transfer is not allowed between the pay
zone and the surrounding environment, so the oil and gas will stay in the pay zone. The
results are used to verify the accuracy of the heat loss option in GEM so that more rapid
simulations can be made.
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4.1.2 Thick Open Reservoir Model
We increase the thickness of the pay zone from 10 ft to 80 ft. The vertical grid
block number has also been increased from 1 to 8 accordingly. To simplify the test and
reduce the computational time, the new model is chosen to be 2-D (64 x 1 x 88). Still,
mass transfer is allowed within the pay zone while heat transfer occurs in the entire
reservoir. nz = 88 (40 + 8 + 40) and R = 5, which means that both the overburden and
underburden formations have a thickness of 400 ft (80 x 5). The cases are simulated
under the reservoir conditions of λL=0.5 and VDP = 0.8, which is shown in Figure 4-6.
All model parameters of the thick open reservoir model are listed in Table 4-2. By doing
so, we are able to test the effectiveness of heat loss option when the vertical temperature
profile is asymmetric, which is caused by gravity and channeling.

4.1.3 Heat Loss Option
Heat transfer to the over/underburden using the GEM option is calculated through
the equation of Vinsome and Westerveld (1980):

 z
T  t , z      0  b1 z  b2 z 2 exp      0
 d





(4-1)

where,
(
,

) = formation temperature at time t at a distance z from the boundary;
= time-dependent parameters;

d = thermal diffusion length;
= temperature in the boundary grid block;
= initial temperature in boundary grid block.
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The diffusion length d is defined as follows:

t

d
where,

(4-2)

2

is the thermal diffusivity:



R
cR  R

(4-3)

and,
= rock heat capacity;
̃ = mass density of rock;
= rock thermal conductivity.
The expressions for
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where, the parameter

n 1

were derived by Vinsome and Westerveld (1980):
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(4-5)

is given by:

 n     0  d  b1d 2  2b2 d 3 

n

(4-6)

The derivation of the analytical solution is in Appendix B. The open reservoir
models are implemented with the heat loss option and the temperature profiles are
calculated based on the equations above. The initial reservoir pressure and injection
temperature of case 3 (2100 psia, 120°F) is used for this test.
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4.1.4 Results and Discussion
4.1.4.a Results for the thin open reservoir model
The results for the thin open reservoir model are shown in Figures 4-1 through 4-4
for the comparison of the horizontal and vertical temperature profiles respectively. In
Figure 4-1, we compare the temperature profiles along the straight line from injector to
producer for case 3 (2100 psia, 120°F) at 2.0 PVI waterflood. As the total grid block
number along the vertical direction (nz) increases, the temperature profiles approaches the
profile with the heat option. Thus, the analytical solution agrees well with the horizontal
temperature profile.
We have also carried out comparisons of temperature profiles at the injection well
(1, 30) and a chosen location (5, 26) for case 3 (2100 psia, 120°F) at 2.0 PVI waterflood,
which have been plotted in Figures 4-3 and 4-4. These two grid blocks are located on the
straight line from the injector to the producer and as shown in Figure 4-2.
From Figure 4-3, as nz increases, the temperature profiles approaches the GEM
heat option again. The same trend can be found in Figure 4-4 as well. The analytical
solution from the heat option agrees well with the vertical temperature profile.
During a flood, we mainly focus on the temperature changes of the pay zone.
Therefore, the analytical solution is sufficient for further utilization. Moreover, when
taking elapsed time into consideration, the model with the analytical solution for the heat
transfer saves significant computational time compared to other cases with additional grid
blocks for the surrounding formations. As shown in Figure 4-5, the elapsed time for the
case with the heat option is only about 200 seconds, while the elapsed time can be up to
32,000 seconds for the case without.
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4.1.4.b Results for the thick open reservoir model
The results for the thick open reservoir model are shown in Figures 4-7 and 4-8.
In Figure 4-7, we compare the temperature profiles at 2.0 PVI waterflood. There is a
difference between cases with and without heat option. The asymmetric temperature
profile is mainly caused by gravity separation and channeling. Water prefers to go
through the reservoir at the bottom layers and thus the temperature profile within the pay
zone is no longer symmetric. The average reservoir temperature difference is only 0.8°F,
while the maximum IOR difference is about 1% at 2.0 PVI CO2, as shown in Figure 4-8.
The pay zone gains more heat from the over/underburden formations with the heat option,
and thus limits reservoir cooling effect, which decreases IOR.
Even though the GEM heat loss option is not perfectly applicable to an
asymmetric temperature profile for this case, the results are close. Thus, in the next
section, we will conduct WAG process using this option to save computational time.

4.2 WAG Processes by Reservoir Cooling
In this section, all parameters, which have been studied in this thesis, are
included, and WAG processes are also conducted with heat transfer between pay zone
and over/underburden formations. The goal is to examine reservoir cooling for enhanced
oil recovery from CO2 injection in a more realistic situation.

4.2.1 Model Parameters
During the WAG process, the amount of each fluid injected is referred to as a half
cycle volume, which is also called the slug size. The slug size ratio between water and
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gas is named the WAG ratio. For instance, a WAG ratio of 1:2 represents one unit
volume of water to two unit volumes of gas during a cycle. For CO2 floods, WAG ratio
is among the most important parameters that determines the economics of field
development (Aleidan & Mamora, 2011).
A common WAG ratio used is 1:1. Tapering of gas slug sizes is also used (Waner
1977, Slack and Ehrlich 1981, Aleidan and Mamora 2011). WAG ratios of 1:2 and 1:1
are chosen for case A and case C in this thesis, and case B is a tapered WAG process,
which means the WAG ratio increases during the injection period. The total amounts of
CO2 and water injected in all cases are both 1.0 PV after a 2.0 PV water flood. Figure
4-9 shows the WAG strategies, where two, three, and four cycles of fluid are injected for
cases A, B, and C. All the cases are simulated under the reservoir conditions of λL=0.5
and VDP = 0.8. The model parameters for the WAG cases are listed in Table 4-3 and the
permeability distribution is shown in Figure 4-10. We also perform the WAG processes
at three different initial reservoir pressures, just like the homogeneous model.

4.2.2 Results and Discussion
The oil, gas and water saturation distributions at the end of the WAG process for
cases A to C at the initial reservoir pressure of 2100 psi are shown in Table 4-4 and
Figures 4-11 to 4-13. The incremental oil recoveries for the other two initial reservoir
pressures are listed in Tables 4-5 and 4-6. We can see that there are some differences
among the three cases. For each case, a high permeability gas channel is present at the
top layers so that a large amount of CO2 injected flows all the way from the injector to
the producer. Since the injection gas is less dense than the reservoir fluid, it tends to flow
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to the upper layers instead of the bottom ones. Beyond that, high permeability zones at
the top also contribute to the early breakthrough in these layers. Both factors lead to poor
sweep efficiency at the bottom layers. This is the reason why a large amount of oil and
water remain at the bottom, while injection gas mainly exists at the upper region of the
reservoir.
Figures 4-14 through 4-16 give the IOR versus total slug volume injected for
cases A to C. Injection temperature has a large influence on the oil recovery. There is a
difference between low injection temperature cases (120°F) and high injection
temperature ones (180°F). It is beneficial to conduct a water flood at a lower temperature
to cool down the reservoir.
Figures 4-17 and 4-18 show the oil recovery and incremental oil recovery
comparison for all cases. These two figures reveal that case B is the best WAG strategy
among the three, followed by case C, and case A. This corresponds to the observation
that tapered WAG process is often used today as it ensures less gas is trapped within the
reservoir. The benefits we have obtained using low injection temperatures are at least 2%
IOR for the cases in this thesis. This value may vary according to different permeability
distributions and will also greatly depend on the thickness of the reservoir. Thicker
reservoirs will have less heat gain. Heat gain is likely not symmetric as was used here,
since water will move through the high permeability layers.
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Table 4-1: Reservoir properties for the thin open reservoir model
Reservoir Property
Grid block number
Pay zone thickness
Overburden formation thickness
Underburden formation thickness
Grid block size
Porosity
Average horizontal permeability
Average vertical permeability
Initial water saturation, Swi
Initial oil saturation, Soi
Initial reservoir temperature
Initial reservoir pressure
Pressure at production well

Value
30 x 30x nz
10
10 x R
10 x R
10 x 10 x 10
0.2
100
10
0.32

Unit
-ft
ft
ft
ft
%
mD
mD
fraction

0.68
180
2100
2000

fraction
°F
psia
psia

Table 4-2: Reservoir properties for the thick open reservoir model
Reservoir Property
Grid block number
Pay zone thickness
Overburden formation thickness
Underburden formation thickness
Grid block size
Porosity
Average horizontal permeability
Average vertical permeability
Initial water saturation, Swi
Initial oil saturation, Soi
Initial reservoir temperature
Initial reservoir pressure
Pressure at production well

Value
64 x 1x 88
80
400
400
10 x 10 x 10
0.2
100
10
0.32

Unit
-ft
ft
ft
ft
%
mD
mD
fraction

0.68
180
2100
2000

fraction
°F
psia
psia
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Table 4-3: Reservoir properties for the WAG process model
Reservoir Property
Grid block number
Thickness
Grid block size
Porosity
Average horizontal permeability
Average vertical permeability
Initial water saturation, Swi
Initial oil saturation, Soi
Initial reservoir temperature
Pressure at production well

Value
64 x 1 x 8
8
10 x 10 x 1
0.2
100
10
0.32

Unit
-ft
ft
%
mD
mD
fraction

0.68
180
(Pi-100)

fraction
°F
psia

Table 4-4: Incremental oil recoveries for WAG cases (2100 psia)
Case
A
B
C

Injection Tw
(°F)
120
180
120
180
120
180

OR at 0
PVI WAG (%)
70.25
70.26
70.25
70.26
70.25
70.26

OR at 2.0
PVI WAG (%)
82.87
79.88
84.50
82.16
82.83
80.69

IOR at 2.0
PVI WAG (%)
12.62
9.64
14.25
11.92
12.58
10.44

ΔP
(psia)
12
-11
12
-11
12
-11
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Table 4-5: Incremental oil recoveries for WAG cases (1800 psia)
Case
A
B
C

Injection Tw
(°F)
120
180
120
180
120
180

OR at 0
PVI WAG (%)
70.39
70.63
70.39
70.63
70.39
70.63

OR at 2.0
PVI WAG (%)
75.39
73.97
78.42
74.87
76.84
74.98

IOR at 2.0
PVI WAG (%)
3.38
1.71
6.40
2.61
4.83
2.71

ΔP
(psia)
-267
-334
-267
-334
-267
-334

Table 4-6: Incremental oil recoveries for WAG cases (2400 psia)
Case
A
B
C

Injection Tw
(°F)
120
180
120
180
120
180

OR at 0
PVI WAG (%)
70.07
70.09
70.07
70.09
70.07
70.09

OR at 2.0
PVI WAG (%)
85.73
83.96
84.43
83.74
85.73
83.96

IOR at 2.0
PVI WAG (%)
13.92
12.10
12.61
11.88
13.92
12.10

ΔP
(psia)
312
289
312
289
312
289
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Figure 4-1: Comparison of temperature profiles along the line from injector to producer
for case 3 (2100 psia, 120°F) at 2.0 PVI waterflood for the thin open
reservoir model
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(5, 26)
(1, 30)

Figure 4-2: The locations of the points (1, 30) and (5, 26) in pay zone for temperature
profile comparison for the thin open reservoir model
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Figure 4-3: Comparison of vertical temperature profiles at injection well location (1, 30)
for case 3 (2100 psia, 120°F) after 2.0 PVI waterflood for the thin open
reservoir model
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Figure 4-4: Comparison of vertical temperature profiles at location (5, 26) for case 3
(2100 psia, 120°F) after 2.0 PVI waterflood for the thin open reservoir model
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Figure 4-5: Comparison of elapsed times for all six cases for the thin open reservoir
model
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Figure 4-6: Illustration of the thick open reservoir model (λLx=0.5, λLz=0, VDP = 0.8) and
permeability distribution in the x direction
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(a) Heat option

(b) R=5, nz=88

Figure 4-7: Comparison of temperature profiles at 2.0 PVI waterflood for the thick open
reservoir model. The average temperature is 177.3°F (a) compared to
176.5°F (b).
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Figure 4-8: Incremental oil recovery versus CO2 volume injected for the thick open
reservoir model. The maximum IOR difference is about 1% at 2.0 PVI CO2.
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Figure 4-9: Illustration of different WAG strategies for case A (WAG ratio = 1:2), case B
(tapered WAG), and case C (WAG ratio = 1:1) respectively, where blue
boxes are water slugs and gray boxes represent the volume of CO2
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Figure 4-10: Illustration of WAG model (λLx=0.5, λLz=0, VDP = 0.8) and permeability
distribution in the x direction
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(a) case A

(b) case B

(c) case C

Figure 4-11: Comparison of oil saturations at 2.0 PVI WAG for cases A (WAG ratio =
1:2), B (tapered WAG), and C (WAG ratio = 1:1) respectively (2100 psia)
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(a) case A

(b) case B

(c) case C

Figure 4-12: Comparison of gas saturations at 2.0 PVI WAG for cases A (WAG ratio =
1:2), B (tapered WAG), and C (WAG ratio = 1:1) respectively (2100 psia)
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(a) case A

(b) case B

(c) case C

Figure 4-13: Comparison of water saturations at 2.0 PVI WAG for cases A (WAG ratio =
1:2), B (tapered WAG), and C (WAG ratio = 1:1) respectively (2100 psia)
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Figure 4-14: Incremental oil recovery versus total slug volume injected for case A (WAG
ratio = 1:2)
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Figure 4-15: Incremental oil recovery versus total slug volume injected for case B
(tapered WAG)
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Figure 4-16: Incremental oil recovery versus total slug volume injected for case C (WAG
ratio = 1:1)
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Figure 4-17: Comparison of oil recoveries for cases A (WAG ratio = 1:2), B (tapered
WAG), and C (WAG ratio = 1:1) at 2.0 PVI WAG and different injection
temperatures (2100 psia)
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Figure 4-18: Comparison of incremental oil recoveries for cases A (WAG ratio = 1:2), B
(tapered WAG), and C (WAG ratio = 1:1) at 2.0 PVI WAG and different
injection temperatures (2100 psia)
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5. Conclusions and Future Research
5.1 Conclusions
The main goal of this research is to examine the use of reservoir cooling for
enhanced oil recovery from CO2 injection. In Section 3.1, we conducted simulations for
two injection methods for homogeneous reservoirs, and the main conclusions are:


IOR increases as initial reservoir pressure increases. Performing the low
temperature waterflood for 2.0 PVI before CO2 injection gives a reduction
of reservoir temperature by about 34°F, which leads to a significant MMP
decrease.



For the immiscible case, IOR is poor due to unfavorable displacement
efficiency; while for near miscible and miscible cases there are large
increases in IOR by about 10% and 20% compared to the immiscible case.



For cases with initial reservoir pressure lower than or close to CO2 MMP,
the effect of lower injection temperature on increasing IOR is significant;
while for cases with higher initial reservoir pressure than the CO2 MMP,
there is poor benefit under different injection temperatures.



A linear relationship can be found between average reservoir temperature
and water slug size for a closed reservoir. Thus, MMP and pressure
difference (ΔP) can be calculated accordingly and IOR can be predicted
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with high accuracy when heat transfer between the over/underburden
formations is negligible.


It is better to perform a secondary waterflood at cooler temperatures than
to do a standard waterflood and then inject cold water.

For heterogeneous reservoirs, the main conclusions are:


IOR decreases significantly as the Dykstra-Parsons coefficient (VDP) and
dimensionless correlation length (λL) increase.



The IOR for heterogeneous reservoirs can be 7% OOIP less when
compared to the corresponding homogeneous cases.



The breakthrough time decreases as heterogeneity increases.

Large

heterogeneity results in a smaller IOR because of early CO2 breakthrough
and poor sweep efficiency.


Performing the cold waterflood for 2.0 PVI before CO2 injection gives a
reduction of reservoir temperature by about 33°F. Thus, the cases with
reservoir cooling have a greater IOR than those without.

In Chapter 4, heat gain from the surrounding formations was considered and also
WAG. The conclusions are as follows:


The heat loss option in GEM gives accurate temperature profiles for some
cases based on a comparison with simulations that include grid blocks for
surrounding formations. The heat loss option is not as accurate when the
temperature profile through the reservoir is asymmetric, as is the case for
thicker formations where gravity segregation and channeling can occur.
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For a thick reservoir, the pay zone gains more heat from the surrounding
formations with the heat option than it should have, which limits reservoir
cooling and decreases IOR.



It is beneficial to perform WAG in reservoirs with large heterogeneity.
IOR can be improved by about 2% OOIP by reservoir cooling over the
corresponding cases without coolant injection.



A tapered WAG process gives the best incremental oil recovery among the
cases considered.

Figure 5-1 shows incremental oil recovery versus pressure difference (ΔP) for all
cases examined in this thesis. The data are grouped according to the different reservoir
models. This figure reflects a monotonic relationship between IOR and ΔP, where IOR
increases as ΔP increases. As heterogeneity becomes greater, IOR reduces as expected.
The measure of ΔP for heterogeneous reservoirs does not change much since sweep is
poorer. For the WAG process, we only inject 1.0 PV of CO2 and 1.0 PV of water.

hat’s

the reason why the curve of ΔP versus IOR is the lowest among all curves. If we
injection more CO2 during the WAG process, the IOR will be better.
Our research reveals that temperature can play an important role in enhanced oil
recovery from CO2 injection. Neglecting temperature may lead to significant errors
during history matching as well.
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5.2 Future Research
In this thesis, we conducted a parametric study of the CO2 injection process, and
examined how injection temperature, initial reservoir pressure, formation heterogeneity,
heat transfer with over/underburden, and WAG ratios affected the incremental oil
recovery.

However, the following items are still needed to be investigated and

considered:


The permeability distributions can be quite different among the cases that
have the same Dykstra-Parsons coefficients and correlation lengths. In
this thesis, we generate the permeability distributions using five seeds,
which can reduce the error to a certain extent. However, more cases are
still need to be done to decrease the uncertainty based on five random
seeds.



In layered reservoirs, the vertical permeability variation is less correlated
due to the depositional environment.

Recovery is better if a low

permeability zone is located at the top of the reservoir, which may delay
CO2 breakthrough caused by gravity separation, and thus results in a better
incremental oil recovery.


The injection strategy has to be designed according to the amount of CO 2
available. The amount of CO2 injected and IOR produced should be
considered within the scope of economic calculations.

120

25

20

IOR (%)

15

10
Homogeneous
VDP=0.4
VDP=0.6

5

VDP=0.8
WAG, VDP=0.8
0
-600

-400

-200

0

200

400

600

800

ΔP (psia)

Figure 5-1: Summary of incremental oil recovery versus pressure difference (ΔP) for all
the homogeneous, heterogeneous, and WAG cases
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6. Appendix
6.1 FFT Simulator
The Fast Fourier Transform (FFT) simulator is a stochastic permeability field
generator designed by Dr. James Jennings (Jennings, et al., 2000). This simulator takes
advantage of the spectral method to generate data with a Fourier series. The input
includes grid block numbers, block sizes, variogram sill (variance), ranges (correlation
lengths), etc., and the output file is created accordingly. Further data processing is still
needed to convert the output into required permeabilities, which will be used in GEM
files.

6.1.1 Input Parameters
All parameters, together with a short introduction, are listed in Table 6-1. In this
simulator, the range (correlation length) is modeled by a stable semivariogram model,
which is characterized by an asymptotic power-law behavior at a small lag,


  h  p  
  h, r   S 1  exp      

  r   

(6-1)

where S is the total variance, p is the asymptotic power-law exponent, and r is the range.
All the input files should be in TXT format. A sample input file is provided in
Table 6-2 and the descriptions can be found in Table 6-1. The comments in the table
should be excluded from the file before running the simulator.
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We chose to run type 1 to generate data for permeability. Various seeds can be
selected and the same seed will yield identical results even in different computers. We
applied a stable exponential variogram and set the sill to be 1.0. The number of grid
block in each direction must be in terms of the power to base 2. The sample input file
will generate data for a 52 x 52 x 02 (i.e., 32 x 32 x 1) grid-block reservoir, with a grid size
of 10 x 10 x 10 ft. The correlation lengths are 100 ft in the x and y directions, while only
1 ft in the z direction. The impact of one value on the adjunct values at a certain direction
increases as the correlation length of that direction increases.

6.1.2 Implementation of the simulator
The following command is needed to run the simulator (fft.exe) in Windows and
create an output file:
Folder_address/fft.exe<input_file_name.txt>output_file_name.txt
where, the “input_file_name.txt” is a X file, which should be in the correct format as
shown in Table 6-2, and the “output_file_name.txt” is the output

X

file, which

contains data to handle in the next step. A sample output file is shown in Table 6-3.

6.1.3 Data Processing
The generated data have a mean of zero, together with a variance, which has
already been specified in the input. These data vary in a sequence of x, y, z, where x
varies the fastest, followed by the y direction, and z the slowest. To convert the output
into log-normal permeability distribution, the following equation is employed:
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k  i, j, k   exp  lnk   lnk N (i, j, k )

where, (

) is the log-normally distributed permeability,

of the logarithm of permeability,
of permeability, and

(

(6-2)
is the designed mean

is the designed standard deviation of the logarithm

) is the output data from the FFT simulator.
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Table 6-1: Description of input parameters for FFT program
Parameter
Run type

Random number seed
Variogram window
px

py

pz

Description
Use 1. Values other than 1 will generate a large file for plotting
the covariance function, the power spectrum, etc.
The same seed will yield the same results even in different
computers.
Use 0. Non-zero values are for damping covariance models only.
This represents the grid number in x-direction. Values must be
to the power to base 2.
This represents the grid number in y-direction. Values must be
to the power to base 2.
This represents the grid number in z-direction. Values must be
to the power to base 2.

dx

Grid size in x-direction

dy

Grid size in y-direction

dz

Grid size in z-direction

Variogram structure #

Use 1. A covariance model can be built from a combination of
several structures.
1 = stable semivariogram model

Variogram type

2 = J-bessel semivariogram model
3 = K-bessel semivariogram model

Variogram sill, S

This is the total variance.
0 = nugget effect model (random field)

p

1 = exponential variogram model
2 = Gaussian variogram model (strong correlation)

x scale

Correlation length in x-direction

y scale

Correlation length in y-direction

z scale

Correlation length in z-direction
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Table 6-2: Sample input file for FFT program
110

//run type, seed, window

5 5 0 10 10 10

//px, py, pz, dx, dy, dz

1

//variogram structure number

1 1 1 100 100 1

//variogram type, sill, p, x scale, y scale, z scale

Table 6-3: Sample output file for FFT program
nx = 32, ny = 32, nz = 1, dx = 10.000000, dy = 10.000000, dz = 10.000000,
seed = 1, nvar = 1
1
simulation
8.91381e-001
2.30669e-001
-2.48646e+000
3.65087e-001
8.90322e-001
-8.66850e-001
1.25763e-001
-8.54738e-001
1.28994e+000
3.42728e-001
3.28238e-001
2.57578e+000
-6.27562e-001
-1.72179e+000
2.82484e-001
……
……
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6.2 Derivation of Heat Loss Analytical Solution
Vinsome and Westerveld (1980) stated that thermal conduction within the
over/underburden rocks would degrade the sharp differences of temperature rapidly.
Therefore, the temperature variation is smooth in the cap and base rock and they
suggested a reasonable function to represent the temperature profile. They chose the
following fitting function:

 z
T  t , z      0  b1 z  b2 z 2 exp      0
 d



where,



is the temperature at the boundary grid block;

boundary grid block;

and

(6-3)
is the initial temperature in the

are fitting parameters; d represents the thermal diffusion

length, which is chosen to be as follows:

d
where

t

(6-4)

2

is the thermal diffusivity:



R
,
cR  R

Eq. (6-3) satisfies both of the boundary conditions (

(6-5)
at

and

at

).
The heat flow equation from the pay zone to the surrounding formation is:

T
 2T
 2 .
t
z
Application of Eq. (6-6) at the interface yields:

(6-6)
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T
 2T
 2
t
z

,

(6-7)

z 0

Substitution of Eq. (6-3) into (6-7), and application of finite difference
approximations for time derivatives gives:

 n1   n

   0 2b1

  2 
 2b2 
d
 d


t

n 1

.

(6-8)

Total energy is conservative so that integration of Eq. (6-6) gives:
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Again, substitution of Eq. (6-3) into (6-9) gives:

(   0 )d  b1d 2  2b2 d 3 
t
where the parameter

n 1

 n

   0

 
 b1 
 d


n 1

,

(6-10)
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can be solved from Eq. (6-8) and (6-10):
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