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ABSTRACT
Hydraulic fracture treatment remains the most effective way to create conductive
paths for increased flow of oil in unconventional reservoirs. North Dakota has seen
tremendous increase in oil production due to hydraulic fracturing and horizontal drilling
and became the second largest oil producing state in the USA with over 650,000 bbl/day
produced in 2012. However, continued improvement of hydraulic fracture stimulation is
needed and can benefit from evaluation of stimulation effectiveness. Such evaluation
should account for formation heterogeneity, treatment parameters, well completion, and
field operations. Methods for evaluating stimulation effectiveness include micro-seismic
monitoring, fracture treatment analysis, production data analysis, and data mining.
In this research, we first understood the geological properties of the Bakken
formation and physical relationship of well performance and stimulation treatment
through a complete literature review. We then reviewed 6,000 currently producing
Bakken wells in North Dakota and then chose 150 wells with enough data for further
engineering and statistical analysis to better understand the underlying correlations
between production and stimulation. An economic analysis was conducted for six wells
to help quantify the stimulation effectiveness based on economics.
For the range of data observed, preliminary results show that the length of lateral
drilled in the Bakken need not be greater than 6,000 feet. Optimal production rates were
also observed to be between 45 and 60 bpm and proppant to fluid ratio between 1.5 and 3
lbm/gal.

The new understanding generated from this work will help the industry

understand and optimize well completion and stimulation in the Bakken formation.
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Chapter 1
INTRODUCTION

Well stimulation by hydraulic fracturing has proven to be the best way to
enhance productivity and recovery from tight oil reservoirs such as the Bakken. In recent
years, many Bakken wells are routinely completed with massive hydraulic fracturing
involving over 100 fracture stages, hybrid completion systems and almost entirely crosslinked fluid. The 2008 USGS assessment “estimated 3.0 to 4.3 billion barrels of
undiscovered, technically recoverable oil in the U.S. portion of the Bakken Formation”,
with an average value of 3.65 billion barrels of oil, 1.85 TCF of associated/dissolved
natural gas, and 148 million barrels of NGLs (natural gas liquids). In March 2012, North
Dakota overtook Alaska as the nation’s second largest oil producing state after 17.8
million barrels of oil were produced in the same month. Only Texas, which recorded 32.7
million barrels produced in February 2012, has higher numbers. This dramatic increase in
oil recovery is due almost entirely to advances in horizontal drilling and stimulation
techniques in Northwest region of North Dakota (AP Business Report, May 16, 2012).
Despite the large amounts of reserves, many operators still grapple with lower
than expected production after a fracture treatment. Numerical simulation has been the
technology of choice for modeling fracture propagation while forecasting future
production. However, some operators rely on simplified models which describe the
reservoir as a relatively simple, homogenous system, and hence forecast longitudinal
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structures (Besler 2007). These numerical simulations do not account for reservoir or
fracture complexity, fracture azimuth, or interactions between fracture treatment
parameters. For example, some Bakken operators believe the difference in magnitude of
maximum and minimum stress is close enough that wellbore orientation has very little
effect on fracture orientation (Tabatabaei, 2009). Numerical simulation that follows this
assumption may produce misleading conclusions. Microseismic monitoring on the other
hand has been gaining traction for its ability to help engineers monitor fracture initiation
and growth. Mapping the location of micro-seismic event allows for a direct
measurement of the stimulated fracture network and identification of patterns of flow
generation, relating them to stimulation parameters (Wuestefeld, 2012). However, despite
the use of surface equipment to minimize noise, most seismic data recorded can be
ambiguous. In one case, over 1600 events were recorded during stimulation, but only 40
were considered valid. Seismic data recorded from surface equipment is less accurate
than in the borehole where it is needed most.
This research uses actual hydraulic fracture treatment and production data to
evaluate the effectiveness of stimulation techniques adopted by more than thirty operators
in the North Dakota regions of the Bakken shale. Statistical analysis, economic analysis,
and engineering analysis were carried out to evaluate treatments and make
recommendations for future designs for horizontal wells. The treatment parameters or
controlling factors studied are length of lateral, total pounds of proppant, total amount of
fluid pumped, type of proppant, and treatment rate. Each controlling factor will be
explained in detail, in the following sections. Information was sought for number of
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fracturing stages but not enough operators reported this result due to confidentiality
issues.
Statistical analysis focused on three things: I) the level of significance of each
controlling factor to overall production; II) the relative importance of a controlling factor
when compared to other alternatives (e.g. choosing 100 mesh instead of 20/40 sand); and
III) the effect of correlations between factors.
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Chapter 2
LITERATURE REVIEW

2.1. The Bakken Reservoir
The Bakken formation is a tight, semi-circular source rock that extends from
Montana and North Dakota in the United States of America, through Saskatchewan and
Manitoba in Canada as shown in figure 2.1. This hydrocarbon rich formation can be subdivided into three layers: the Upper Bakken Shale, the Middle Bakken, and the Lower
Bakken Shale.
The Bakken overlies impermeable Devonian Three Forks Shales and dolomites
and younger Bakken members overlap older ones outward from the center of the basin
(Bakken Research Consortium 2008). The Bakken itself is overlain by non-porous and
impermeable carbonates of the lower Mississippian Lodgepole formation as seen in
Figure 2.2. Stress anisotropy due to changing lithological environment allows the
Lodgepole to be an effective barrier for controlling unwanted fracture height growth
while the hydrocarbon rich Three Forks layer has been frequently used as the point of
initiation of fractures, to maximize height growth during hydraulic fracturing.
As noted in figure 2.2, the Bakken is only one of many possible hydrocarbon
producing formations in the Williston basin which includes three states in the United
States, and two countries (US and Canada). The Saskatchewan parts of the Bakken can be
observed at shallow depths of about 1500 ft. while Bakken depths of over 10,000 ft. can
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be seen in the deeper sediments of North Dakota. Sub-surface reservoir in Montana is
generally shallower than in North Dakota (Piccolo, 2008).

Figure 2.1: Location of the Bakken Formation in the Williston Basin (adapted from
esask.uregina.ca/entry/williston_basin.html )

The Mississippian lodgepole generally consists of three members in ascending
order: the Cottonwood canyon, Paine, and Woodhurst members. The lodepole is about
555 ft. thick, but the lower lodgepole most associated with the Bakken is about 10 – 15 ft.
thick. Eastern and western ends of the lodgepole are governed by dolomitic and dark,
organic rich shale lithofacies respectively (Huber, 1983).
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Figure 2.2: Willistin Basin Stratigaraphic column (from
http://www.theoildrum.com/node/3868/ )
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The Upper Bakken Shale is a black, organic-rich pyritic shale member with a high
TOC of 40% (Wiley et al, 2004). Shale in this interval was formed under anaerobic
conditions where ‘planktonic’ marine algae remains were preserved and serve as a
kerogen source (Cramer, 1996). This Kerogen is dispersed throughout the Bakken but
thins out towards the Southwest (Montana) and thickens in the Northwest (North
Dakota). Kerogen is converted to oil on maturation. Some of the characteristics of this
shale include high gamma ray and resistivity signatures. The upper Bakken can serve as
both a source and trap for hydrocarbons produced.

Figure 2.3: Sample Log section from vertical well showing Lodgepole, Bakken and Torquay units
(from Hildek et al, 2011)
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Figure 2.4: Semi-Circular west-east cross-section of the Williston Basin (adapted from Almanza,
2011)

The Middle Bakken shown in Figure 2.4 consists of a clastic limestone to silty
and sandy dolomite member and is the main reservoir of the three because of its lithology
which enables the middle member to be a better reservoir rock. Clastic limestone made of
quartz, feldspar and reworked carbonate is more prevalent in North Dakota, while sandy
dolomite is more common in Montana. The middle Bakken is believed to be deposited in
a tide dominated shoreline environment (Almanza, 2011). This interval can be as much as
80 ft. thick in the deepest sediments of North Dakota and as shallow as 15 ft. in Montana.
TOC in the middle Bakken is about 4%. It is a laterally homogenous interval.

The Lower shale Bakken lithology is very similar to the upper Bakken, except
that it is a product of the Devonian system (figure 2.5). It consists of brownish black to
black non-calcareous organic mudstone or greenish grey shale beds (Tabatabaei et al,
2009). It has TOC of about 21% and can be between 0 – 6 ft. thick. The lower shale
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changes horizontally from low resistivity and low gamma ray siltstone in the south to
high resistivity and high gamma ray shale in the north (Almanza, 2011)

The three forks formation is apple green and tan, and comprises of a cyclical
sequence of transgressive-regressive interbedded shales, dolostones, siltstones and
sandstones. Deposition was influenced by weathering events and basin tectonics. On
average, the three forks layer is about 250 ft thick. The three forks formation can be subdivided into four units from 1-4 in ascending order. Unit 1 is the most oxidized and
weathered. Unit 4 on the other hand is the most primary and most productive unit of the
four, and is interbedded with siltstone and silty shale beds.

Figure 2.5: Bakken System Stratigraphy (adapted from the Bakken Decision Support
System, http://www.undeerc.org/bakken/lithology.aspx, 2012)
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2.2. Lithofacies in the Middle Bakken

Fig 2.6: Lithofacies defined in the middle member of the Bakken (Le Fever et al, 1991)

Lithofacies are mappable subdivisions of a stratigraphic unit that can be
distinguished from adjacent subdivisions on the basis of lithology, mineralogy, grain size,
or sedimentary environment from which subdivision is produced (Schlumberger Oilfield
Glossary). In the middle Bakken there are five distinguishable lithofacies, listed 1-5, in
ascending order, shown in Figure 2.6. Lithofacies 2 and 3 with sandstone lithology are
the most productive.
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This layer has enormous deposits of scattered fossils like crinoids and brachiopods. It is
made up of argillaceous siltstone and rich amounts of pyrite. Lithofacies 1 is about 1.5 –
6 ft. thick.

Lithofacies 2 is made up of a range of materials from argillaceous siltstone to very
fine-grained sandstone with small amounts of clay. This layer contains calcite cement and
ranges in thickness from 0 – 33 ft. Because of the large amounts of finely grained
sandstone, lithofacies 2 is a significant reservoir in the middle Bakken.

Lithofacies 3 consists of very fine to finely-grained sandstone and argillaceous
siltstone in some parts. It exhibits cross-bedding in some parts and thin horizontal,
irregular, or wavy lamination in other areas. In contains calcite cement and occasional
pyrite and can be 0 – 15 ft. thick. Along with the previous lithofacies, this lithofacies
serves as a destination for oil escaping from source rocks and as such can be a sizeable
sweet spot for oil drilling.

Lithofacies 4 has an alternating scheme of argillaceous siltstone, fine-grained
sandstone, and dark gray shale. It contains local dolomite cement and can be 2 - 10.5 ft.
thick. It is usually thinly laminated.

Lithofacies 5 is very similar to lithofacies 1 in that it is made of argillaceous
siltstone and contains large amounts of fossils including byrozoan fragments, and is
generally about 2-6ft thick.
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2.3. Factors Affecting Stimulation

Several factors can have significant impact on the effectiveness of stimulation.
Uncontrollable factors include petro-physical properties such as lithology, pore pressure,
minimum in-situ stress, Young’s modulus, poisson ratio, bulk modulus, shear modulus,
total organic content (TOC), water of saturation, effective porosity, effective
permeability, gas-oil ratio (GOR), bottom hole temperature (BHT), and presence of
natural fractures. Some of the controllable factors include completion design, lateral
length, well spacing, perforation interval length, and wellbore azimuth.

2.3.1. Reservoir and Petro-physical Properties

Lithology

Recent work done in the Bakken has shown that the Bakken contains a complex
assembly of feldspar, quartz, clay, limestone, dolomite, and accessory pyrite (Olsen
2009). These studies show that higher quality porosity and permeability is synonymous
with dolomite and quartz lithologies, while clay, feldspar, and limestone tend to be
detrimental to reservoir quality. In general, due to varying degrees of sedimentation in
sub-surface formations, along with changing levels of physical, biological, and chemical
activity during sedimentation process, widespread differences in formation lithologies are
inevitable. However, rocks with fine grains, smaller pore sizes, wide lateral extent, high
ductility, and large thickness are better traps for petroleum (source rocks).
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Pore Pressure

Pore pressure in the Bakken changes by a factor proportional to the rate of
conversion of organic matter into oil. According Schmoker et al, 30% of the all original
organic matter contained in the Bakken shale (4% of total rock volume) has been
converted to oil. This large increase in the amount of oil formed results in volumetric
increase of confined matter. If fluid remains confined, pressure can build abnormally
within the pore spaces of rock matrix. Pore pressure greater than hydrostatic pressure at
the same point is considered an abnormal pore pressure regime. When there is little stress
difference between one formation and its directly overlying layer, stress contrast can be
increased by reducing pore pressure in the underlying formation. Pore pressure changes
at any depth depending on concentration of dissolved salts, geothermal gradient, type of
pore fluids, and gases present. If hydraulic fracture is done without proper understanding
of pore pressure regimes at various depths, asymmetric fractures may be formed.

In-situ Stresses

In-situ stresses are dependent on other mechanical properties of the formation.
They are the single most important factor controlling hydraulic fracturing. The three insitu stress types are minimum horizontal, maximum horizontal, and vertical (overburden)
stresses. The stresses control fracture azimuth and orientation, treating pressures,
proppant crushing and embedment, vertical height growth, fracture width profiles and
much more (Gidley 1989). In the Bakken, studies show the maximum principal stress is
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the vertical stress (overburden). There is an indication of normal fault stress regimes as
expected, and the ratio of principal stresses is 1:0.85-0.95:0.75-0.85 for the vertical,
maximum horizontal and minimum horizontal principal stresses respectively (Wang
2011). This means

.

Total Organic Content, TOC

Organic matter (kerogen) is deposited under oxygen restricted conditions and
planktonic marine algae remains serve as the main kerogen source in the Bakken. The
Upper and Lower Bakken shale plays have significantly more TOC at 40% and 21%
respectively, than the Middle Bakken with just 4%. This allows the Upper Bakken to be
the primary source of hydrocarbons for the middle sandy siltstone formation (Tabatabaei
2009).

Bottom Hole Temperature, BHT

The geothermal gradient

varies from place to place around the globe based on

annual mean surface temperature and thermal conductivity of the sub-surface formation.
and BHT can be measured fairly easily during MWD operations. However, using an
average

of 1.00F/100ft (18.20C/km), as well as the mean annual surface temperature,

of the region, the sub-surface formation temperature,
the expression,

can be estimated according to
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Presence of Natural Fractures

Normally, if a perforation intersects a natural fracture, it connects the fracture
system to the wellbore and any damage to the walls of perforation is bypassed due to
flow in the fracture system. However, in some cases, shock stresses deform around the
rock and close the fracture when it intersects the perforation. In the Bakken, Olsen et al
reported natural fracture apertures less than 0.002 inches resulting in average fracture
porosity of 0.004% and fracture permeability in the micro-Darcy to Nano-Darcy range.
They concluded that even though natural fractures are thought to be primary source of
both porosity and permeability in the Bakken, it did not contribute significantly to
production in the Bakken.

Drilling and Completion Design

Drilling and completion activities can significantly impact overall production of
oil and gas in any field. Modern day completions that focus on reducing rig time, friction
in the wellbore, and need for cementation of production liners along with directional
drilling to effectively target producing zones in the wellbore, will ultimately have both
positive and negative effects on production and costs.
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Completion Method

Various completion methods have been implemented in the Bakken. According to
Houston et al, some of the completion methods for single lateral wells used in the Bakken
include:

1. Open hole completions
2. Open hole completions and bullheaded stimulations
3. Pre-perforated liners and ball sealers and/or sand slugs or diversion
4. Cemented liners with plug-and-perf diversion
5. Coiled tube based diversion
6. Open hole packers and ball-and-seat fracture ports for diversion
7. Open hole packers and hybrid systems

Of the above, the two main completion methods currently used for multi-stage
fracturing in the Bakken are the cemented liner with plug-and-perf diversion and open
hole multi-stage systems.

The cemented liner method requires deployment of a production liner which is
cemented in the horizontal wellbore. Bridge plugs and perforating guns are then pumped
to required depth in the lateral, and the bridge plugs are set and released. Perforation guns
are pulled back and fired to create communication with the formation. After perforation,
gun housing and plug-and-perf tools are retrieved and a ball is displaced to seat in the
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plug to provide diversion from the section about to be stimulated. The stage is stimulated
with fluid and proppant and flushed with at least a complete wellbore volume of fluid.
The process is repeated for the number of stages required.

Open hole multi-stage systems completion method uses external packers to isolate
sections of the wellbore. The packers could be swellable or mechanically set
hydraulically or by chemical reaction (Houston 2010).

Fracture ports of ascending

diameter (from toe to heel) are first run in between Open hole packers that activate via a
ball pumped into a seat inside the tool. At certain applied pressure (~4000psi), pressure
activated sleeves (p-sleeve) are put in open position and balls are injected consistent with
fracture port diameter. Using his method, all stages of stimulation can be completed in a
single continuous operation without need for multiple ‘rig ups’ by different service lines.
The need to flush wellbore after every stage is also eliminated.

Perforations and Perforation Interval

Reservoir modeling can be used to determine optimum amounts of perforation
shots per foot (SPF), length of perforation cluster, and interval between clusters of
perforations. SPF ranges of 1shot/2 ft. to 6SPF have been reported (Wiley 2004). Cluster
lengths of 3ft are common and perforation clusters could be spaced evenly throughout the
lateral or could include varied spacing especially at the toe and heel of the lateral.
Perforation clusters are usually placed based on drilling breaks and oil or gas shows. A
maximum pressure drop requirement across perforations should be maintained to prevent
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excessive perforation erosion which leads to preferential treatment at the heel of the
lateral due to pipe pressure.

Wellbore Azimuth

In anisotropic stress conditions, fractures will open in a direction perpendicular to
the minimum compressive principal stress. In other words, fracture will open towards the
path of least resistance and will open up against the smallest stress. Also, the wellbore
azimuth will determine if longitudinal or the more complex transverse fractures will be
created. If the wellbore path is aligned with the maximum horizontal stress of the matrix,
fractures will open up in the longitudinal direction. However, if the wellbore path is not
aligned with the maximum horizontal stress, fractures will tend to open in the transverse
direction. Figures 2.7 and 2.8 clearly show this relationship. Some laboratory results
suggest that a 200psi stress difference is enough to force propagation in a preferred
direction (Gidley 1989).

Figure 2.7: Longitudinal vertical fracture in a horizontal well (Wang, 2012)
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Figure 2.8: Transverse vertical fracture in a horizontal well (Wang, 2012)
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2.4. Controlling Factors

For this research, we study several fracture treatment factors thought to impact the
effectiveness of reservoir stimulation process. We will now discuss each of the factors in
more detail. While this list is not exhaustive by any means, the controlling factors were
chosen based on prior knowledge of their significance as well as available field data.

Lateral Length

Figure 2.9: An example lateral in the Williston basin, ND (the Bakken Consortium, 2008)
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Laterals in the range of 1800 ft – 15000 ft have been reported in the Bakken
wells. Perforation clusters are placed afterwards with either uniform or non-uniform
spacing as seen in figure 2.9. Conventionally, the longer the lateral, the more wellbore
surface area in contact with the formation, hence, the better fluid drainage into the
wellbore. This means better production and clean-up during flow-back process. In fact
many studies in the Bakken area have echoed this thought. Tabatabaei et al concluded
that “in an attempt to study key factors influencing the well performance, it is observed
that the length of the fractured portion of the lateral is the primary factor affecting the
well productivity, longer is better”.

However, some others disagree. Besler et al argue that while single, shorter
laterals sacrifice reservoir contact, they also reduce wellbore complexity, improve
stimulation efficiency, and yield higher returns on total well investment. They established
that “it appears that shorter laterals propped with smaller ‘fracs’ containing high quality
proppant are producing at superior sustained production rates compared to conventional
treatments using larger quantities of ‘frac’ sand”. Shorter laterals also reduce the
possibility of congestion during fluid flow.

This research will investigate the importance of lateral length to the overall
stimulation process as well as answer the question, which one is better: longer or shorter
laterals?
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Proppant Type

The purpose of a propping agent is to keep the fracture open after pumping has
stopped. The propped fracture should have conductivity high enough to allow fluid flow
into the wellbore. The right proppant will have an optimum value of fracture
conductivity,

. Ceramics and sand are the two broad types of proppants used in

fracturing jobs in the Bakken. Each type comes in varying sizes listed as 100 Mesh,
40/70, 20/40, or 16/20 mesh sizes. The numbers are synonymous to the diameter of each
grain of the chosen type of proppant. Table 2.1 describes common proppant types and
their related diameters. In general, 16/20 > 20/40 > 40/70 > 100 mesh

Table 2.1: Commonly available gravel and proppant sizes (Carbo ceramics)
Gravel Size
(in.)

U.S.
Mesh Size

0.006 x 0.017
0.008 x 0.017

Approximate Median Diameter

(in.)

(µm.)

40/100

0.012

300

40/70

0.013

330

0.010 x 0.017

40/60

0.014

350

0.017 x 0.033

20/40

0.025

630

0.023 x 0.047

16/30

0.035

880

0.033 x 0.066

12/20

0.050

1260

0.039 x 0.066

12/18

0.053

1340

0.033 x 0.079

10/20

0.056

1410

0.047 x 0.079

10/16

0.063

1590

0.066 x 0.094

8/12

0.080

2020

0.079 x 0.132

6/10

0.106

2670

Reasonably, larger proppant sizes result in higher fracture permeability at lower
closure stresses. However, at high closure stresses (>10,000 psi), use of higher proppant
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sizes can result in proppant crushing and embedment that greatly reduces fracture
permeability. Figures 2.10 illustrates this

Figure 2.10: Conductivity response to high closure stress for various proppant sizes (Carbo
ceramics)

Some operators concluded that in townships where both ceramic and sand were
utilized, ceramic proppants provided substantially higher production regardless of
treatment size (Besler 2007). Longitudinal fractures do not require any investment in high
strength proppamt at any stage of treatment. In transverse fractures however, increasing
the strength of the proppant will greatly increase conductivity in the fracture. The
following proppants have been reportedly used in the Bakken.

1. 20/40 Sand
2. 40/70 Sand
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3. 100 Mesh Sand
4. 20/40 Ceramic
5. 20/40 Badger Sand
6. 20/40 SB Excel
7. 20/40 Econoprop

Total Pounds of Proppant
More mass (pounds) of proppant will improve chances of achieving diversion and
improve coverage of more lateral length (Wiley 2004). More accurately, the amount of
high strength proppant left in the stimulated reservoir (SRV), will determine the
effectiveness of a treatment. In one well with lateral length of 4000 ft., 600,000 lbs. of
20/40 sand was placed. Since the total mass of proppant placed is one of the most
expensive parts of well stimulation, it is important to determine the optimum amounts
needed.

Total Fracture Fluid Volume
By investigating the significance of the total gallons of fracture fluid used in the
wells studied, it is hoped that greater insight will be garnered about optimum amounts of
fracture fluid to use in fracture design in the Bakken. Due to the continuing evolution of
fracturing fluid technology, several types of fluids are in commercial use today. The main
types of fracturing fluid used in the Bakken include:
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1. Water based fluids
2. Linear fracturing fluids
3. Cross-linked fracturing Fluids
4. Foam-based (Surfactant) fluids
5. Energized fluids
Fracture fluids are used to break open the formation and to transport proppants
deep into the created fracture. The fluids also suspend the proppants inside the fracture
until the fracture closes on the proppants. Good fracture fluids should not damage
formation or proppant pack during the production phase.

Treatment Rate
The rate at which clean fluid and slurries are pumped into the well will have
significant impact on the fracture azimuth and dimensions. Rates from 6 - 120 bpm have
been reported in the Bakken. High treatment rates (over 100 bpm) have also been
associated with unrestrained height growth in vertical wells. Some studies have
concluded that as a standalone variable, treatment rate has little impact on fluid
production in the Bakken (Hildek, 2011).

Number of Stages
There is continuous work going on in the Bakken to determine the appropriate
number of stages for a successful stimulation job. One study shows operators have
switched strategies from fewer stages with more proppant to more stages with less
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proppant per stage. The latter allowed for better control of fracture growth (Zander 2010).
Production results also show significant increase when more treatment stages were used
while maintaining the same overall job size.

The goal of this research is to quantify controlling factors of oil production in the
Bakken fields of North Dakota. An optimum design will be recommended based on our
analysis. This optimum design will take into account the standalone and aggregate impact
of six factors namely; lateral length, total pounds of proppant used, total gallons of
fracturing fluid, proppant type, treatment rate, and number of stages during stimulation.
Both linear and non-linear effects of the controlling factors will be studied.

Table 2.2: Petro-Physical Properties for the Bakken Shale

Bakken Shale Oil – Average Reservoir Rock Properties
Formation

Depth
(ft)

Lithology

Total
Organic
Content
(%)

In-situ
Stress
Gradient
(psi/ft.)

Young's
Modulus, E
(psi)

Poisson's
Ratio, v
(psi)

Bulk
Modulus, K
(psi)

Shear
Modulus, G
(psi)

References

Upper
Bakken

1056410574

Black Pyritic
Shale

40

0.480.59

4.8E66.5E6

0.260.34

3.33E66.77E6

1.90E62.43E6

Jabbari H.
2011.
Almanza A.
2011

Middle
Bakken

1057410589

Dolomitic
Sandstone

4

0.700.85

4.8E66.5E6

0.260.34

3.33E66.77E6

1.90E62.43E6

4.8E66.5E6

0.260.34

3.33E66.77E6

1.90E62.43E6

Jabbari
2011.
Roundtree,
Cramer
1986
Jabbari
2011.
Almanza
2011

Lower
Bakken

1058910595

Brownish
black Shale
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0.480.59

Bakken Shale Oil – Average Reservoir Rock Properties (contd.)

Formation

Oil Saturation,
So

Water
Saturation
Sw

Porosity
(%)

Perm. k
(mD)

Upper Bakken

0.86

0.14

3.8-5.9

0.080.18

1.5-8.2

0.170.373

Middle Bakken

Lower Bakken

0.83

0.8

0.17

0.2

1-7.1

0.080.26

3

Bottomhole Press.
(psi)

FVF

GOR, (ft
per bbl)

Reservoir
0
Temp F

4653

1.4

808

168

Boleneus 2010,
Jabbari H. 2011

179

Bakken Consortium
2008

171

Boleneus 2010,
Jabbari H. 2011

4653

4653

1.4

1.4

1026

591

References

Chapter 3
STATEMENT OF PROBLEM
Multi-stage fracture treatments have been the way to stimulate unconventional
tight oil reservoirs in order to significantly increase reserves. In the Bakken play,
hydraulic fracturing combined with horizontal drilling have significantly boosted oil
production over the past decade.
However, field results show that many stimulation efforts are ineffective, with
disproportionately large amounts of fluid being used to stimulate wells that do not yield
expected results. There is also a wide variation in stimulation practices from operator to
operator. No optimal industry standard is being adopted for similar stimulation efficiency
across board.
The objective of this research is to use statistical, engineering and economic
analysis techniques to evaluate well stimulation in the Bakken field by comparing
production results to fracture stimulation parameters. The procedures to complete this
research are as follows:
1. To complete a detailed literature review of all engineering and geological data
related to the Bakken field
2. To gather relevant field data in the Bakken fields of North Dakota after
reviewing 6,000 available wells. Data should include production, fracture
treatment, API and geographical location. In all, 28 pieces of data are to be
collected per well.
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3. To clean up data in step 2 and fit statistical model relating production to the
controlling factors
4. To conduct parametric studies to evaluate the correlations and abnormalities
in data collected
5. To develop economic model to evaluate methods in steps two and three and
four and therefore rank effectiveness of stimulation
6. To document new findings in a Master’s thesis and an SPE paper

Chapter 4
DATA GATHERING AND ANALYSIS
4.1. Data Gathering Process

Challenges of Data Gathering Process
Data for analysis and model development were sourced from public and private
databases. A final list of 150 wells was obtained after over 6000 wells were screened.
Most issue resulted due to incomplete reporting of treatment parameters by several
operators. Details of hydraulic fracture treatment design were not available. This makes
data retrieving much more difficult. As an example, it was our goal to analyze types of
fracturing fluid used in the Bakken, but of the 150 wells analyzed, 78 listed fracture fluid
type as simply fluid, ‘frac fluid’, ‘frac water’, or ‘clean fluid’. Fracture fluids not
specifically listed were treated as missing data.
Another challenge of the data gathering process was with the reporting of
‘number of stages’. Of the over 6,000 wells screened, only 45 had data for number of
stages. Because the model we fit takes into account contributions from different
predictors in the model, the effect of number of stages predicted by the model would be
unreliable due to 105 missing data points. As such ‘number of stages’ is removed from
the collective analysis of fixed and random effects. However, we analyze ‘number of
stages’, separately for only wells with such data. There are also missing data in ‘treatment
rate’ dataset.
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Details of Data Gathering Process
Data was collected for production dates from 2008 to 2010 and a minimum
available 3 year production history was set for all wells used for analysis. Only data for
the North Dakota portion of the Bakken fields were collected. As seen in Figure 4.1 most
of the wells analyzed were in three counties, Mountrail county (89 wells), Dunn county
(37 wells), and McKenzie county (11 wells). Ten operators owned the 150 wells analyzed
and 75% of the wells were owned by three of the operators. Aside from our required data,
wells were randomly picked based on available data. The purpose was to remove bias
from our final results and conclusions.

No. of wells

Number of Wells per County in Study
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Figure 4.1: Histogram of counties where wells studied are located

4.2. Statistical Analysis

7
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Statistical analysis will be done in two stages. The first stage termed ‘exploratory
data analysis’ explores the nature and behavior of the dataset collected. This stage allows
us visualize and summarize features of data using histograms and line-plots. Histograms
do not only check the distribution of data, but its normality as well. Data that is neither
symmetrical nor follows a smooth bell curve must be transformed before we fit the model
in the second stage to it. Line plots allow us determine whether or not to include a
particular controlling factor to the model we fit. The second stage termed ‘statistical
model’ is a computer code that relates the logarithm of average monthly oil and gas
production to predictors or controlling factors that have been normalized in stage one.

Data Cleaning and Preparation
Production data collected as initial production (IP), 1–month cumulative
production (1 mo. cum), 3-month cumulative production (3 mo. cum), 6-month
cumulative production (6 mo. cum), 1-year cumulative production (12 mo. cum), and 3year cumulative production (3 yr. cum), are converted to their average monthly oil and
gas equivalents. To do this, we take the difference between consecutive variables, and
find their average. Table 4.1 illustrates these changes.
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Table 4.1: New sets of variables for monthly production
New Variable
Avg_1mo
Avg_2To3mo
Avg_3To6mo
Avg_6To12mo
Avg_1yrTo3Yr

Value
1mo cum
(3mo cumm-1mo cum)/2
(6mo cumm-3mo cum)/3
(12mo cumm-6mo cum)/6
(3Yr cumm-1Yr cum)/24

Histogram of monthly production

Figure 4.2: Normal bell curve types

Figures 4.3 (a, b, c, d, e) and 4.4 (a, b, c, d, e), show the histogram of average
monthly oil and gas production. The five histograms in figure 4.3 do not only show the
frequency of distribution of data in a time segment, but also show the level of normality
of the production values. All five variables for oil are right skewed with long right tails.
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Figure 4.3a: Histogram of first month oil production
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Figure 4.3b: Histogram of average monthly oil production for months 2 – 3
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Figure 4.3c: Histogram of average monthly oil production for months 4 – 6
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Histogram of Average Monthly Oil Prodcution (months 7 to 12)
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Figure 4.3d: Histogram of average monthly oil production for months 7 – 12
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Figure 4.3e: Histogram of average monthly oil production for months 13 – 36
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Figure 4.4a: Histogram of first month gas production
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Figure 4.4b: Histogram of average monthly gas production for months 2 - 3
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Figure 4.4c: Histogram of average monthly gas production for months 4 – 6
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Figure 4.4d: Histogram of average monthly gas production for months 7 - 12
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Histogram of Average Monthly Gas Prodcution (months 13 to 36)
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Figure 4.4e: Histogram of average monthly gas production for months 13 – 36

Since the model we will fit requires normality or at least symmetry in the
response variables as shown in figure 4.2, we use a logarithm transform to normalize
average monthly production. This simply means we take the natural logarithm of each
term. The distributions of oil and gas measurements after applying logarithm transform
become much more normal or symmetrical.
The same method is used to transform the values of average gas production
shown in the histograms of figures 4.4. Figures 4.5 (a, b, c, d, e) show the transformed
histograms of average monthly oil and gas production. Transformed average production
data for gas production are included in appendix A.
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Figure 4.5a: Histogram of log of first month oil production

Histogram of Log of Average Monthly Oil Production (months 2 and 3)
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Figure 4.5b: Histogram of log of average monthly oil production for months 2 - 3
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Figure 4.5c: Histogram of log of average monthly oil production for months 4 -6
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Histogram of Log of Average Monthly Oil Production (months 7 to 12)
20

Percent

15

10

5

0

3.0
3.2
3.4
3.6
3.8
4.0
4.2
4.4
Log of average monthly oil production for months 7 to 12 (log bbl)

Figure 4.5d: Histogram of log of average monthly oil production for months 7 – 12

Histogram of Log of Average Monthly Oil Production (months 13 to 36)
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Figure 4.5e: Histogram of log of average monthly oil production for months 13 - 36

As we can see from figures 4.5 (a, b, c, d, e) above, the distribution of oil
production data became much more normal after we applied logarithm transform. This
means our inferences about the processed data will be more reliable.
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Correlation of Monthly Production

Table 4.2: Correlation between log transformed average oil production values

Degree of Correlation between Logarithm Transformed Oil Production Data
1 mo.
Avg. mo. 2-3
Avg. mo. 4-6
Avg. mo. 7-12
Avg. mo. 13-36

0.409
0.439
0.406
0.393

Avg. mo. 2-3

Avg. mo. 4-6

0.674
0.649
0.663

Avg. mo. 7-12

0.839
0.826

0.877

Correlation coefficients between values in statistical analysis typically range from
-1 to +1, with 1 (perfect positive or negative) depicting very high correlation, and 0
showing no correlation. A correlation coefficient gives the quality of a least-squares
fitting to original data (Wolfram Mathworld). It simply measures the degree to which two
variables movements are associated. Values of coefficients of 0.7 or higher are generally
acceptable. Low coefficient values for both one month and two to three month production
periods are most likely a result of early time operations and fracture fluid cleanup that
inevitably results in inconsistent production during that period.

Table 4.3: Correlation between log transformed average gas production values

Degree of Correlation between Logarithm Transformed Gas Production Data

Avg. mo. 2-3
Avg. mo. 4-6
Avg. mo. 7-12
Avg. mo. 13-36

1 mo.

Avg. mo. 2-3

0.398
0.312
0.321
0.285

0.538
0.552
0.508

Avg. mo. 4-6

0.797
0.733

Avg. mo. 7-12

0.8
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It is apparent from the correlation values in tables 4.2 and 4.3 that the time
intervals ‘4-6 months’ and ‘7-12 months’ more accurately model the long term
production behavior of any well in the dataset studied.

Exploratory Data Analysis for Treatment Rate
A descriptive analysis of treatment rate data shows 61 missing pieces of data out
of 150 wells. We show how to decide whether or not to include this variable into the
fitted model by plotting the histogram (figure 4.6) and then line plots for oil and gas
production based on a dichotomized treatment rate.

Histogram of Treatment Rate
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Figure 4.6: Histogram of variable treatment rate

Using 60bpm treatment rate, data is dichotomized into 0 and 1 binary values.
Figures 4.9 and 4.10 show the line plots oil and gas where plots include treatment rate >
60bpm (square), treatment rate < 60bpm (irregular), and missing data (diamond). It is
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evident from the plots below that missing data for oil treatment rate is not missing at
random since overall production from missing dataset is greater than production from
rates greater than or less than 60bpm. Thus, we do not include treatment rate in our fitted
model.
However, it is very important to note that the plots for both oil and gas already
show that at every time interval from one month to three years, the average monthly
production from wells with average treatment rate less than 60bpm is higher than
production from wells with average treatment rate greater than 60bpm. This represents an
average difference of 1.03bbl/day/well for oil and 11.25MCF/day/well for gas
production. In other words, figures 4.7 and 4.8 show that for the dataset we analyzed in
the Bakken, it is preferable to treat with treatment rates at or less than 60bpm.

Significance of Treatment Rate Data (Oil)
Treat_Rate_Binary
< 60bpm
> 60bpm
missing data

Log of average oil production (bbl)
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Figure 4.7: Line plot of mean log of transformed oil production variables

44
Significance of Treatment Rate (Gas)
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Figure 4.8: Line plot of mean of log transformed gas production variables

Next, we need to find the range of values for treatment rate close to 60 bpm for
which superior production response remains true. We accomplish this by first
dichotomizing treatment rates at 35 bpm, 45 bpm, and 100bpm in addition to 60 bpm
dichotomized above. Table 4.4 describes this

Table 4.4: Dichotomized treatment rate range
Treatment
Rate (bpm)

Greater than
Rate

Less than
Rate

Missing Data

35

22

67

61

45

52

37

61

60

55

34

61

100

65

24

61

We now plot average oil production values at each treatment rate above and
interpret results. Figures 4.9 (a, b, c) show this.
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Figure 4.9a: Line plot of dichotomized treatment rate at 35 bpm
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Figure 4.9b: Line plot of dichotomized treatment rate at 45 bpm
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Figure 4.9c: Line plot of dichotomized treatment rate at 100 bpm

46

Surprisingly, the charts above show that production in the Bakken decreases as
treatment rate increases, signified by increasing closeness between dichotomized plots as
treatment rate is increased. We conclude that for the range of date studied, the best
production rates are synonymous with treatment ranges from 45 – 60 bpm. 45 bpm was
chosen over 35 bpm because dichotomized data was more symmetrical for treatment rate
45 bpm. The corresponding plots for gas production can be seen in the appendix A.

Exploratory Data Analysis for Lateral Length
Again, we plot a histogram of lateral length distribution to determine at what
length to dichotomize values for this section.
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Figure 4.10: Histogram of lateral length distribution

From the above histogram (figure 4.10), two peaks are evident, one at 4500 ft.,
and the other at about 9000 ft. Hence, we dichotomize lateral length data using lengths
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greater than or less than 6000 ft. Using the same method as with treatment rate data, we
create line plots for oil and gas production to show the significance of average length of
lateral needed for stimulation in the Bakken. Figures 4.11 and 4.12 illustrate this point.

Significance of Length of Lateral (Oil)
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> 6,000 ft

Log of average oil production (bbl)
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Figure 4.11: Line plot of mean log transformed oil production with length variable

Significance of Lateral Length (Gas)
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Figure 4.12: Line plot of mean log transformed gas production with length variable

From the above plots, it is apparent that average oil production is higher for
average lateral length less than 6000 ft. This represents a difference of 1.72 bbl./day/well
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(628.5 bbl./year./well) for oil production. With the exception of the first month, gas
production does not appear to be sensitive to the length of lateral in the Bakken. As was
the case for treatment rate, we need to find the range of values for lateral length close to
6,000 ft. for which superior production response remains true. The dichotomized lateral
lengths at 4,500 ft., 5,000 ft., 7,000 ft., 7,500 ft., in addition to the initial 6,000 ft.
analyzed, are described in table 4.5

Table 4.5: Dichotomized Lateral Length Range
Lateral Length
(ft)

Greater than
Length

Less than
Length

Missing Data

4,500

16

134

0

5,000

45

105

0

6,000

48

102

0

7,000

52

98

0

7,000

52

98

0

We now plot average oil production values at each lateral above and interpret
results. Figures 4.13 (a, b, c, d) indicate this.
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Figure 4.13a: Line plot of dichotomized lateral at 4500 feet
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Figure 4.13b: Line plot of dichotomized lateral at 5000 feet

We observe very little separation between dichotomized plots for 4,500 ft. lateral
in figure 4.13a but this quickly changes when lateral length increases to 5,000 ft. in figure
4.13b. The increasing trend continues through 6,000 feet of lateral and remains
reasonably strong all through lateral length of 7,500 ft. However, past 6,000 ft., a slight
decreasing trend ensues. We conclude that for the range of data analyzed, best production
results are synonymous with lateral lengths between 5,000 and 6,000 feet.
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Figure 4.13c: Line plot of dichotomized lateral at 7000 feet
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Figure 4.13d: Line plot of dichotomized lateral at 7500 feet

The development in the above plots (figures 4.11-4.13), will mean a need for
significant changes in designs for length of lateral needed for wells in the Bakken.
Therefore, we’ll make certain our observation is true by dividing our y-axis in figure 4.11
by the length of lateral and repeat the same for figures 4.13 (a, b, c, d). Doing this will
adequately illustrate whether or not there is actual higher production per foot of lateral for
wells drilled with lateral lengths less than 6,000 feet.
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Log average oil/Lateral length (bbl/ft)
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Figure 4.14a: Line plot of dichotomized lateral at 4500 feet
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Figure 4.14b: Line plot of dichotomized lateral at 5000 feet
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Figure 4.14c: Line plot of dichotomized lateral at 6000 feet
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The graphs in figures 4.14 (a, b, c, d) show that with the exception of lateral
length of 4,500 feet, production per foot for wells with shorter lateral lengths less is
greater than average monthly production for wells with longer lateral lengths. For later
length equal 6,000 feet, this represents an average increase of 1.42 bbl./day/well (517
bbl./year/well). It is worthy of note here that even if there was no separation between the
production trends of shorter and longer laterals, it will still be preferable and more
economical to drill shorter laterals.
Another set of plots using the ratio of logarithm of average oil production to
logarithm of lateral length as our Y-axis, shows similar trends favoring shorter laterals,
and is included in appendix A.

Lateral Length Dichotomized at 7000 ft
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Figure 4.14d: Line plot of dichotomized lateral at 7000 feet
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Figure 4.14e: Line plot of dichotomized lateral at 7500 feet

Exploratory Data Analysis for Proppant and Proppant Type
The values for total pounds of proppant data collected range from 67,600 to
5,093,080 pounds per well. Since these values are very large, they may pose problems for
the numerical procedure in model fitting. We therefore standardize each variable by
subtracting its mean and dividing by its standard deviation. We name the result ‘proppant
standard’.
No obvious correlation can be observed by plotting the natural logarithm of
average monthly oil production versus proppant standard. However, the inherent
correlations become more obvious when fitted to the statistical model. The graph for
proppant standard response to gas production follows the same pattern as oil production,
so it is not included in this work.
Although seven proppant types are identified in Chapter 2, only five are analyzed
in the model used because the remaining two (20/40 SB excel and 20/40 Badger sand)
have insufficient data to be considered significant. The proppant types are sorted using
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binary notations that identify when a particular proppant is present or absent from well
data.

Exploratory Data Analysis for Fracturing Fluid and Fracturing Fluid Type
In the same manner as proppant above, the total gallons of fracturing fluid data is
standardized and named ‘fluid standard’. Again, no distinct correlations can observed by
plotting the natural logarithm of average monthly oil production versus fluid standard but
we will explain the effects of fracturing fluid better with the statistical model.
All fracturing fluids in this work are broadly categorized as water, linear gel, or
cross-linked gel. As explained in the previous section, fluid types are sorted using binary
notations that identify when a particular fluid is present or absent from well data. So
notation 1 would mean fluid type is present and 0 would mean fluid type is absent.

Exploratory Data Analysis for Proppant to Fluid Ratio

Exploratory data analysis is performed for proppant to fluid ratio to determine
slurry concentration over time, over the length of stimulated lateral as well as proppant to
fluid ratio effect on production. The histogram in figure 4.15 doesn’t give any apparent
dichotomy in proppant to fluid ratio. However, from earlier plots using Microsoft excel
(see appendix B), we choose to dichotomize at proppant to fluid ratio equal 2 lb/gal. The
ensuing plots in figures 4.16 and 4.17 show a significant difference in production for
proppant to fluid ratio greater than 2 compared to proppant to fluid ratio less than 2.
Average monthly production for proppant to fluid ratio greater than 2 is higher than
proppant to fluid ratio less than 2 by 1.85bbl/day/well (676.5bbl/year/well).
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Figure 4.15: Histogram of proppant to fluid ratio distribution
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Figure 4.16: Line plot of proppant to fluid ratio response to average oil production
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Significance of Proppant to Fluid Ratio (Gas)
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Figure 4.17: Line plot of proppant to fluid ratio response to average gas production

Similar to cases for treatment rate and lateral length discussed in the previous
section, we need to find the range of values for proppant to fluid ratio close to 2 lbm /gal.
for which superior production response remains true. The dichotomized proppant to fluid
ratios at 0.5, 1, 1.5, 2.5, and 3 lbm /gal in addition to the initial 2 lbm /gal analyzed, are
described in table 4.6

Table 4.6: Dichotomized proppant-fluid ratio Range
Proppant-Fluid ratio

Greater

Less than

Missing data

(lbm /gal.)

than ratio

ratio

0.5

19

130

1

1

43

106

1

1.5

56

93

1

2

82

67

1

2.5

129

20

1

3

140

9

1
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We plot average oil production values at each proppant to fluid ratio above and
interpret results. Figures 4.18 (a, b, c, d, e) indicate this.
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Figure 4.18a: Line plot of dichotomized proppant-fluid ratio at 0.5 lbm/gal
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Figure 4.18b: Line plot of dichotomized proppant-fluid ratio at 1 lbm/gal
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Figure 4.18c: Line plot of dichotomized proppant-fluid ratio at 1.5 lbm/gal
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Figure 4.18d: Line plot of dichotomized proppant-fluid ratio at 2.5 lbm/gal
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Figure 4.18e: Line plot of dichotomized proppant-fluid ratio at 3 lbm/gal
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Again, we observe very little separation between dichotomized plots for proppant
to fluid ratio 0.5 lbm /gal in figure 4.17a. A clear separation between plots for all time
segments as well as an increasing trend can be seen when proppant to fluid ratio is 1.5 or
greater. Since we do not have data for wells with proppant to fluid ratio of 3.5 lbm /gal or
greater, our conclusion is limited to proppant to fluid ratio of 3 lbm /gal. We conclude
that for the range of data analyzed, production results at all times increase with increase
in proppant to fluid ratio. Also, best production results are synonymous with proppant to
fluid ratios from 1.5 lbm /gal to 3 lbm /gal.

Statistical Model
A computer model was developed to fit average monthly oil production to the
predictors (or controlling factors). Coefficients are estimated using the maximum
likelihood, ml method. We perform a ‘covtest’ or covariance test to check for
significance of random or fixed effects of our predictors. We define a random effect as an
effect that cannot be explained using our model. A fixed effect is an effect that is
adequately defined by the model. Mixed effects therefore show the presence of random as
well as fixed effects. The predictors analyzed include length binary, proppant standard,
fluid standard, proppant type (five indicators), fluid type (three indicators), and time.
Time refers to the segments previously described in table 4.1 as different entries of time
in our model. Every new time segment represents an entry of 150 rows of values for
average monthly production per well for that segment. Since there are five time
segments, 750 rows in all are manipulated, and all other non-production related data are
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kept the same in all segments.

We include a plot of the residuals to verify model

assumptions.

Test for Random Effects
First, we study “mixed effects” of the predictors. Mixed effects include fixed and
random effects. Random effects check for differences between wells not explained by
any of the predictors in the model. The possible random effect is given a covariance name
“Randomness”. Tables 4.7 and 4.8 explain the result of our covariance test for random
effect.
Table 4.7: Covariance parameter estimates for oil production
Covariance Parameter Estimates (oil)
Cov. Pam.

Standard Error

P Value

Randomness

1.42E-06

0.4815

Residual

0.01347

< 0.0001

Table 4.8: Covariance parameter estimates for gas production
Covariance Parameter Estimates (gas)
Cov. Pam.

Standard Error

P Value

0.01055

< 0.0001

Randomness
Residual

We check for significance of a parameter by examining its p-value. A p-value is
the probability of obtaining a test-statistic at least as extreme as the one originally
observed in a dataset. If p-value is smaller than 0.05, then the effect of that parameter is
significant. From above, it is observed that the random effect for oil production is not
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significant because p value=0.4815 for oil production and for gas, p-value is also not
significant. The means all variations between wells is sufficiently explained by the
predictors included in this model. Thus, the model is re-fit but this time without including
the random effect for ‘randomness’.

Test for Fixed Effects
Here, we rerun the code for mixed effects, but exclude the ‘random effect’
parameter. Tables 4.9 and 4.10 show the results. Again, effects are significant when p <
0.05. It is important to note here that both tables simply tell us what predictors and
indicators are significant during the treatment process. From a statistical standpoint, time
is highly significant (p<0.0001). This simply agrees with known theories of decline curve
analysis. Similarly, length binary, proppant standard, fluid standard, 20/40 sand, water
frac, and linear gel are all significant to oil production, as expected.

Table 4.9: Test for fixed effects for oil production
Test For Fixed Effects (oil)
Effect
P Value
Time
< 0.0001
Length binary
< 0.0001
Proppant standard
0.0221
Fluid standard
0.0054
20/40
0.0001
40/70
0.0997
100 mesh
0.7862
Econoprop
0.6641
Ceramic
0.9717
Water ‘frac’
0.026
Linear gel
0.0131
Crosslink gel
0.7274
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Table 4.10: Test for fixed effects for gas production
Test For Fixed Effects (gas)
Effect
Time
Length binary
Proppant standard
Fluid standard
20/40
40/70
100 mesh
Econoprop
Ceramic
Water ‘frac’
Linear gel
Crosslink gel

P Value
< 0.0001
0.0958
0.9896
0.9314
0.0303
0.0033
0.9094
0.6343
0.6061
0.0235
0.112
0.9847

However, the model also indicates that 40/70 sand, 100 mesh sand, 20/40
econoprop, 20/40 ceramic, and cross-linked gel are not significant predictors of oil
production. This could mean these predictors are not significant relative to other similar
predictors in the same model (for example other proppants) or that insufficient data does
not allow for reliable predictions by our model. For this reason, we look-up the count for
proppant and fluids in the model and investigate them further. Tables 4.11 and 4.12 show
the results.

Table 4.11: Summary of proppant count
Proppant
Present
No
Yes

20/40 sand
54
95

40_70 sand
100
49

100 mesh
86
64

Econoprop
137
13

20/40
ceramic
143
7
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Table 4.12: Summary of fracture fluid count
Fluid
Present
No
Yes

Water
43
47

Linear
47
43

Crosslink
67
23

A count “no” is assigned when the predictor is absent from treatment, and count is
“yes” when predictor is present. The significant proppant type, 20/40 sand doesn’t have
symmetrical counts (of yes and no) as does neither of the other proppants. As a matter of
fact, 100mesh sand has more symmetrical counts but is still not significant. This adds to
the reliability of the results here. However, the sheer amount of well treatments done
without use of 20/40 econoprop and 20/40 ceramic could influence the outcome of our
results. These elements need to be studied further. For fluids, water frac and linear gel
fracture fluids have more symmetric data but cross-linked fluid data is not balanced. This
could be responsible for low efficiency of the model in detecting the effect of crosslinked gel during treatment.
For gas production, change in time (represents change in rock and fluid properties
over time) is highly significant as expected. However, lateral length is not deemed
significant and the type of proppant appears to be more important than the volume of
proppant used for treatment. Water based fluids seem to be the most important to gas
production, according to our model. These results need to be studied further before any
reasonable conclusions can be drawn.
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Explanation of Coefficients
Tables 4.13 and 4.14 list the solution for fixed effects in a non-aggregated form.
Aside from time, all p-values on these tables are exactly the same as the ones in tables 4.9
and 4.10. The main difference here is the “estimate” column which gives the estimate of
each coefficient. To interpret “estimate” column, one variable in every collection of
predictors is set as the “reference group” to which all other predictors in the group are
compared. For example, time (13-36mo.) is the reference group for the predictor, time.
The more positive a value is, the more significant it is than the reference group and vice
versa. For example, in table 4.8, we see that average oil production during the two to
three month (0.4302) interval is greater than oil production during the 3 to 6 month
(0.3402) period or any other time. More importantly, we confirm that average lateral
lengths of less than 6000ft result in higher oil production (estimate = 0.31).
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Table 4.13: Table of coefficients and solution for fixed effects in oil production
Solution for Fixed Effects (Oil)
Effect
Time (1mo)
Time (2-3 mo)
Time (4-6 mo)
Time (7-12mo)
Time (13-36mo)
Length binary (<)
Length binary (>)
Proppant standard
Fluid standard
20/40 sand (no)
20/40 sand (yes)
40/70 sand (no)
40/70 sand (yes)
100 mesh (no)
100 mesh (yes)
Econoprop (no)
Econoprop (yes)
20/40 ceramic (no)
20/40 ceramic (yes)
Water frac (no)
Water frac (yes)
Linear gel (no)
Linear gel (yes)
Crosslink (no)
Crosslink (yes)

Estimate
0.2309
0.4302
0.3402
0.2544
0
0.31
0
0.08282
-0.07238
-0.2496
0
-0.09595
0
-0.01252
0
-0.03252
0
0.003143
0
0.114
0
0.1324
0
-0.01542
0

Standard Error
0.05531
0.05531
0.05531
0.05531

P-value
< 0.0001
< 0.0001
< 0.0001
< 0.0001

0.04545

< 0.0001

0.03605
0.02589
0.06455

0.0221
0.0054
0.0001

0.05815

0.0997

0.0461

0.7862

0.07484

0.6641

0.08859

0.9717

0.05104

0.026

0.05314

0.0131

0.04422

0.7274

66
Table 4.14: Table of coefficients and solution for fixed effects in gas production
Solution for Fixed Effects (Gas)
Effect
Time (1mo)
Time (2-3 mo.)
Time (4-6 mo.)
Time (7-12 mo.)
Time (13-36 mo.)
Length binary (<)
Length binary (>)
Proppant standard
Fluid standard
20/40 sand (no)
20/40 sand (yes)
40/70 sand (no)
40/70 sand (yes)
100 mesh (no)
100 mesh (yes)
Econoprop (no)
Econoprop (yes)
20/40 ceramic (no)
20/40 ceramic (yes)
Water frac (no)
Water frac (yes)
Linear gel (no)
Linear gel (yes)
Crosslink (no)
Crosslink (yes)

Estimate
0.1521
0.3044
0.2535
0.2137
0
0.08177
0
0.000508
-0.0024
-0.1518
0
-0.1873
0
-0.00565
0
-0.03831
0
0.04925
0
0.1247
0
0.09088
0
0.000914
0

Standard Error
0.05989
0.05936
0.05936
0.05936

P-value
0.0114
< 0.0001
< 0.0001
0.0004

0.04898

0.0958

0.03876
0.02779
0.06985

0.9895
0.09314
0.0303

0.06348

0.0033

0.04966

0.9094

0.08046

0.6343

0.09546

0.6061

0.05485

0.0235

0.05706

0.112

0.04767

0.9847

We also show that the presence of the proppant 20/40 sand is associated with
more oil production. Its value is also highly significant (p = <0.0001). None of the other
proppants show the same significance even though all have comparable “estimate”
values, except 20/40 ceramic. Of the fluid types studied, only the presence of cross-linked
fluid is associated with more production (-0.01542). More proppant volume is associated
with higher production, while more fracturing fluid is associated with lower oil
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production. An overall increase in proppant to fluid ratio requirement could be an
explanation for this observation. In other words, ratio could increase by either increasing
proppant mass or reducing fluid volume. It is to be noted that result may not hold if
extrapolated outside of the range of values of proppant and fluid observed.

Residuals and Unusual Observations
Our model assumed that residuals must be normally distributed (follow a nice bell
curve). Our model is not reliable if the residual plots do not affirm this assumption, so we
look at the residual plots in figures 4.19 (a, b, c) and 4.20 (a, b, c).

Figure 4.19a: Correlation residual
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Figure 4.19b: Histogram of residual

Figure 4.19c: Quantile-quantile plot

Table 4.15: Residual Statistics
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Figure 4.19a plots our residuals against the projected mean to check for good
correlation. Correlation values of 0.7 or greater are considered acceptable. Our model
meets this criterion. Figure 4.19b shows the histogram of the residuals. This should
follow a nice bell curve for our conclusions to be considered reliable. Our model also
meets this criterion. Figure 4.19c is a quantile-quantile plot. If the residuals are normal,
this should be nearly a straight line. Table 4.15 shows important residual statistics. All
conditions are met with the exception of seven points listed in table 4.16 for oil. These
wells showed very low production over one of the time periods. This may be due to
several reasons including a shut-in period or work-over mandated by the operator for
repairs or well damage control. Residual plots for wells with unusual fit data for gas are
listed in appendix A.

Table 4.16: Wells with unusual values (Oil)
MODEL
ANOMALIES
Well
No
Residuals
4
-1.83895
6
-0.81935
29
-0.79374
76
-1.51585
96
-0.98124
100
-1.13861
130
-2.82075
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Investigating Non-Linearity
Specifically, we investigate if the predictors, proppant and fluid exhibit second
order (quadratic) effects. We already show non-linearity by taking the log of average
production values. If a second order effect exists, then there is a significant quadratic
curve relating proppant or fluid to production. To observe second order effects, we add
two new terms, ‘proppant standard2’ and ‘fluid standard2’ which are the squares of the
terms ‘proppant standard’ and ‘fluid standard’ respectively. Second order effect exists in
proppants if p-value for ‘proppant standard2’ is less than 0.05. The same yardstick is used
for fluids (fluid standard2).

In Proppants
The results for oil and gas are shown in tables 4.17 and 4.18.
Table 4.17: Test of Non-linear effect of proppant (oil)
Tests of Second Order Fixed
Effects (Oil Production)
Effect
P-value
Time
< 0.0001
Length binary
< 0.0001
Proppant standard
0.0156
Proppant standard2
0.1791
Fluid standard
0.0136
20/40
< 0.0001
40/70
0.1053
100 mesh
0.9447
Econoprop
0.8049
Ceramic
0.9984
Water frac
0.0159
Linear gel
0.0061
Crosslink gel
0.8927
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Table 4.18: Test of Non-linear effect of proppant (gas)
Tests of Second Order Fixed
Effects (Gas Production)
Effect
P-value
Time
< 0.0001
Length binary
0.1213
Proppant standard
0.6483
Proppant standard2
0.5715
Fluid standard
0.8434
20/40
0.0318
40/70
0.0031
100 mesh
0.9015
Econoprop
0.5828
Ceramic
0.5981
Water frac
0.0315
Linear gel
0.1651
Crosslink gel
0.9392

From the above, we see that proppant_standard2 is not significant (p=0.1791 oil;
p=0.5715 gas). Therefore we conclude that there is no significant second order effect of
proppant on average oil or gas production, over the range of data observed.
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In Fracturing Fluids
The results for oil and gas are shown in tables 4.19 and 4.20.
Table 4.19: Test of Non-linear effect of fluid (oil)
Tests of Second Order Fixed
Effects (Oil Production)
Effect
P-value
Time
< 0.0001
Length binary
< 0.0001
Proppant standard
0.0618
Fluid standard
0.0068
Fluid standard2
0.1029
20/40
0.0002
40/70
0.1007
100 mesh
0.3878
Econoprop
0.6099
Ceramic
0.834
Water frac
0.025
Linear gel
0.0179
Crosslink gel
0.7685

Table 4.20: Test of Non-linear effect of fluid (gas)
Tests of Second Order Fixed
Effects (Gas Production)
Effect
P-value
Time
< 0.0001
Length binary
< 0.0001
Proppant standard
0.0618
Fluid standard
0.0068
Fluid standard2
0.1029
20/40
0.0002
40/70
0.1007
100 mesh
0.3878
Econoprop
0.6099
Ceramic
0.834
Water frac
0.025
Linear gel
0.0179
Crosslink gel
0.7685
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From the results for fluids, fluid_standard2 for oil is not significant (p=0.1029),
but the same for gas is significant (p=0.0123). We therefore conclude that there is
significant second order effect of fracture fluids on the logarithm of average monthly gas
production, over the range of data observed. Further studies need to be done to quantify
and explain this second order relationship. Such work is outside the scope of this
research.
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4.3. Engineering Analysis

Stimulated Reservoir Volume
The volume of fracture fluid injected into the well bore during hydraulic fracture
treatment is either retained in the fracture to create fracture volume or lost to the
formation as fluid loss.
In the absence of any limitations due to unique fracture network, complexity, or
propagation behavior, the stimulated reservoir volume (SRV) would equal fracture
volume. In reality, this is never the case. SRV is therefore defined as the product of gross
stimulated reservoir area as measured by micro-seismic event cloud mapping and the pay
height, assuming entire pay was fully stimulated (Zhao, 2012).

Bakken Stimulation Proxy
Based on correlations coefficient values in figures 4.13 and 4.14, we can
effectively compare production from wells with several other variables, using average
logarithm of production from one year to three years. However, the maximum monthly
production showed stronger correlation and is used for our comparisons.
The goal of this section is to use data collected to identify the following
1. Observe behavior of controlling factors over time
2. Observe behavior of one controlling factor when associated with another
3. Observe and explain cross-plots of several controlling factors
4. Prepare data for economic analysis
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Max Monthly Oil Production vs Time
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Figure 4.20: Max monthly production behavior over time

Analysis of production data in figure 4.20 shows that maximum monthly
production has increased slightly over time from June 2008 to April 2010. The relatively
limited time range reported in the Bakken is actually typical, given that horizontal wells
completed in the Bakken have very short and recent history. Figures 4.21 and 4.22 show
slight increases in total proppant and fluid slurry pumped over time in the Bakken. If an
increase in proppant and fluid helps create a more conductive path for oil and gas to flow,
then it would partly explain the increase in production shown earlier in figure 4.20.
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Total Pounds of Proppant vs Time
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Figure 4.21: Total pounds of proppant behavior over time

From figure 4.23 it is interesting that the pattern or trend in choice of length of
lateral has not changed for most operators. The graph shows that some operators clearly
favor drilling laterals that are 4500-5500ft long, while others prefer laterals that are 850010000ft. No ‘best practices’ design seems to have been adopted.
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Total gal Frac Fluid vs Time
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Figure 4.22: Total gallons of fracture fluid pumped over time

Lateral Length vs Time
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Figure 4.23: Lateral Length behavior over time

Aug-10
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A plot average treatment rate over time reveals similar dichotomy in choice of
treatment rate by operators to that from lateral length. Some operators prefer treatment
rates from 25-45bpm while others prefer rates from 90-120bpm. The same operators
seem to never deviate from preferred rates. In table 4.21 for example, actual reported
treatment data by three operators is shown. The variance between highest and lowest
treatment rates used in each case, is relatively small. Actual operator names are not used
in this description.

Avg Treatment Rate vs Time
140

Avg treatment rate (bpm)

120
100
80
60
40
20
0
Jun-08 Sep-08 Dec-08 Apr-09 Jul-09 Oct-09 Feb-10 May-10

Time (month-year)
Figure 4.24: Average treatment rate (bpm) over time
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Table 4.21: Actual treatment rates by operators in the Bakken

OPERATOR A

OPERATOR B

OPERATOR C

Well
Number

Treatment
Rate (bpm)

1
10
13
101
3
17
103
130
24
28
93
115

104
110
109
115
34.5
35.2
44.5
35.1
33
33.1
29.9
33.5

For the 30 wells that reported ‘number of stages’ data in figure 4.25, this value is
shown to be trending significantly upwards from June 2008 to April 2010. We will
investigate if this increase is justified by an increase in average production per stage over
the same time period. In figure 4.26, we examine plot for proppant to fluid ratio versus
time. The trend is minimal increase proppant to fluid ratio which means most companies
maintain a fairly rigid regimen for proppant to fluid ratio.
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Number of Stages vs Time
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Figure 4.25: Number of stages over time

Proppant-Fluid Ratio vs Time
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Figure 4.26: Proppant to fluid ratio behavior over time
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As expected, the amount of proppant pumped increases in proportion as the fracturing fluid
volume is increased. What we are interested in answering is, to what extent does the ratio of fluid to
proppant help us determine right amounts of proppant and fracturing fluid for a stimulation job?

Mass Proppant vs Volume Fluid
6,000,000

Total lbs proppant

5,000,000
4,000,000
3,000,000
2,000,000
1,000,000
0
0

500,000 1,000,000 1,500,000 2,000,000 2,500,000

Total vol of fluid (gal)
Figure 4.27: Plot of mass proppant versus volume fracture fluid behavior

Surprisingly, the sharp upward trend proppant to fluid ratio observed in figure 4.27 is not
supported in figure 4.28. Over time, there is no major increase in the maximum monthly production
per stage. Also, from figure 4.29 it is observed that a sharp increase in number of stages does not
result in a significant increase in production per foot of lateral, for the range of values observed.
Limited data for number of stages could also be responsible for this skewed tend.
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Max Monthly Prod per stage vs Time
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Figure 4.28: Plot of maximum monthly production per stage over time
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Figure 4.29: Plot of maximum monthly production per foot lateral versus number of stages
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It is also interesting to note in figure 4.29 that increase in the number of stages of
treatment is associated with an appreciable increase in total pounds of proppant per foot
pumped. Analysis of fracture fluid volume in figure 4.31 follows the exact same trend as
total pounds of proppant. This suggests that on average, the increased proppant and fluid
used per stage did not result in increased production when compared to figure 4.28. It
could also mean that more fluid is instead lost to the formation.

Proppant per ft vs Number of Stages
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Figure 4.30: Plot of dependence of total pounds of proppant per foot on number of stages

A cross-plot of production and proppant to fluid ratio will provide insight into the
effectiveness of a stimulation job. If higher proppant to fluid ratios are associated with
higher production, then increasing proppant to fluid ratio will increase production per
foot for any job. This is exactly the case in figure 4.32 for proppant to fluid ratios from
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1.5-3.5 lbm /gal. At lower proppant to fluid ratios, there is no noticeable average increase
in production over the range of data observed.

Fluid per ft vs Number of Stages
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Figure 4.31: Plot of dependence of total gallons of fracture fluid per foot on number of stages
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Figure 4.32: Production per foot behavior with proppant to fluid ratio
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Max monthly Prod per ft vs Treatment Rate
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Figure 4.33: Production per foot behavior with treatment rate

Finally, figure 4.33 shows a decline in maximum production as treatment rate
increases. The data suggests that beyond a certain treatment range (30-50bpm), an
increase in treatment rate no longer corresponds to increase in oil production. This is
especially useful for our investigation of treatment effectiveness in the Bakken.

4.4. Economic Analysis

The goal of this section is to examine the cost versus revenue for various types of
treatment design. Six treatment design types from our data pool are tested. We finally
compare data pool to our treatment recommendations for various production possibilities.
We will determine the economic effectiveness of existing treatment in the Bakken as well
as effectiveness of our treatment recommendations. Data is analyzed using net present
value (NPV) calculations to determine cash flow over the periods of production recorded.
We begin by identifying data we want to analyze. Table 4.21 gives the description
of wells chosen.
Table 4.21: Well case study data

Well
No.
2
6
26
62
103
115

Lateral
Length
(ft.)
9,196
4,295
4,519
4,640
5,362
9,616

Total Proppant
Pumped (lbs.)
733,636
1,472,700
1,952,296
658,271
484,800
2,422,700

Total Fluid + Number
Additives (gal)
of
Stages
526,806
4
912,828
11
904,932
8
195,678
8
1,303,470
6
991,662
18

Well No. above represents each well’s number assignment from the 150 well data
collected. Wells were chosen based on satisfactory variations in treatment data
information.
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Net Present Value (NPV)

NPV is defined as the difference between the present values of the future cash
flows from an investment and the amount of the investment (Business Dictionary). NPV
is used to analyze the profitability of an investment or project. Mathematically, NPV can
be described using the expression,

∑

Where,
= the time segment (in months or years)
= the revenue generated during each time segment,
= the discounted rate of return
Cost = total stimulation costs including operational expenses

For our study, we have recorded monthly production data from 150 wells over a
three year period. Therefore, our

value is 36. We choose a 10% discounted rate of

return and estimate revenue from oil production using current oil price of $95.32 (as of
January 21, 2013).
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Cost Estimation
In the Bakken fields of North Dakota, an average well with 10,000ft vertical,
10,000ft lateral, stimulated with three million pounds of proppant, 30 stages fracturing,
with sand and/or ceramics, costs about $10million. However, since numerous costs are
involved with drilling, completions, and hydraulic fracturing, this amount will vary
widely based on design parameters chosen. For the purpose of simplicity for this
research, current field costs averages for five parameters of interest, were obtained and
analyzed. An example proposal summary by an oil service company is shown in table
4.22.
Table 4.22: Actual Treatment Data by Oil Service Company, September 17, 2012
Treatment
Parameter

Quantity

Cost ($)

Proppant
Fluid + Additives
Stages
Related Costs
Total

132300lbs
48853gal
3

58,741.2
29,847.42
33,305.12
121,893.7

For our case studies in table 4.21, itemized treatment related costs are shown in
table 4.23 while scaled costs for drilling lateral and treatment services are summarized in
table 4.24 below.
Now we’ll use the cost data in table 4.23 along with NPV equation to find cash
flow for each well in our case study.
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Table 4.23: List of treatment related costs for the Bakken in North Dakota
Itemized Treatment Related Costs
Item
Lateral
Proppant Pumped

Cost ($)
616/ft.
0.45/lb

Fluid + Additives
Perforation/stage
Operational
costs/stage

0.61/gal
9,500
11,101.67

Table 4.24: Scaled costs for drilling and treatment of case study wells
Well
No.

Lateral Cost
($)

Proppant Cost
($)

Fluid Cost
($)

Perforation Operational Total Costs ($)
Costs/stage costs/stage
($)
($)

2
6
26
62
103
115

5,664,736.00
2,645,720.00
2,783,704.00
2,858,240.00
3,302,992.00
5,923,456.00

330,136.20
662,715.00
878,533.20
296,221.95
218,160.00
1,090,215.00

321,351.66
556,825.08
552,008.52
119,363.58
795,116.70
604,913.82

38,000.00
104,500.00
76,000.00
76,000.00
57,000.00
171,000.00

44,406.68
122,118.37
88,813.36
88,813.36
66,610.02
199,830.06

6,398,630.54
4,091,878.45
4,379,059.08
3,438,638.89
4,439,878.72
7,989,414.88

Summary of Results
A summary of analysis for each case study is presented below.

Case 1- Well 2
As shown in table 4.21, well 2 was stimulated with 733,636 lbs. of 20/40 sand,
526,806 gallons of fluid (proppant to fluid ratio = 1.39 lbm/gal), and 9196 ft. lateral.
However, cash flow description shows that the operator never breaks even at any time,

90

and may never do so in the future. Our analysis in section 4.2 shows that production
values for treatment with proppant to fluid ratios > 2 are significantly higher than
proppant to fluid ratio < 2.

Cash Flow vs Time - Well 2
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Figure 4.34: Cash flow behavior for well 2

It is recommended that proppant to fluid ratio be at least 2 for subsequent treatments. In
addition, figure 4.11 shows superior production for laterals < 6000 ft. This will simplify
treatment and reduce initial drilling costs.
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Case 2 – Well 6

Cash Flow vs Time - Well 6
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Figure 4.35: Cash flow behavior for well 6

Well 6 was stimulated with 1,472,700 lbs. of 100 mesh and 20/40 Badger sand,
912,828 gallons of fluid (proppant to fluid ratio=1.61), and 4295 lateral, as shown in
figure 4.35. Our analysis shows the operator never breaks even with this design. An
increase to proppant to fluid ratio greater than 2 is recommended. The lateral length in the
case is too short and should be increased up to 5000 ft.

Case 3 – Well 26
Well 26 was stimulated with 1,952,296 lbs. of 20/40 mesh and 100mesh sand, and
904,932 gallons fluid (proppant to fluid ratio=2.15). Figure 4.36 shows the operator
breaks even in the fourth month of production and has a net profit margin over
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$15million after three years. Interestingly, proppant to fluid ratio here is greater than 2
and lateral length is still much shorter than the average 10,000ft. The well is fractured in
eight stages meaning this well was economically treated. Overall, this is a good
producing well.

Cash Flow vs Time - Well 26
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Figure 4.36: Cash flow behavior for well 26

Case 4 – Well 62
This well shown in figure 4.37 was stimulated with 658,271 lbs. of 20/40 sand,
195,678 gallons of fluid (proppant to fluid ratio= 3.36), and 4640 ft. lateral. Our analysis
show that this well breaks even in the second month, and had a net gain of $46million
after three years. This result confirms figure 4.31 which demonstrates that higher
proppant to fluid ratios is synonymous with higher production.
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Cash Flow vs Time - Well 62
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Figure 4.37: Cash flow behavior for well 62

Case 5 – Well 103
This well was stimulated with 484,800 lbs. of 40/70 sand, 1,303,470 gallons of
fluid (proppant to fluid ratio=0.37), and 5362 ft. lateral. Average treatment rate was
44.5bpm. Figure 4.38 shows that the operator breaks even in the fifth month of
production and had a net profit of almost $11million after three years. Although this well
appears to be producing well and has a lateral less than 6000ft, results in this research
clearly show that this well would produce better if proppant to fluid ratio was greater than
2. We recommend increasing this quantity for future treatments.
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Cash Flow vs Time - Well 103
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Figure 4.38: Cash flow behavior for well 103

Case 6 – Well 115

Cash Flow vs Time - Well 115
$25,000,000
$20,000,000

Cash Flow

$15,000,000
$10,000,000
$5,000,000
$0
0

10

20

30

($5,000,000)
($10,000,000)

Time (months)
Figure 4.39: Cash flow behavior for well 115
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Our final well shown in figure 4.39 was stimulated with 2,422,700 lbs. of 20/40,
40/70, and 100mesh sand, 991,662 gallons of fluid (proppant to fluid ratio=2.44), 9616 ft.
lateral, and 18 stages. Analysis shows the operator breaks even in the fifth month, and
had a net profit of over $21million after three years. The proppant to fluid ratio agrees
with model in this research but this was the most expensive well of all the cases tested.
The primary cost was in the length of lateral. Since we have shown from prior cases that
longer lateral lengths are not required for optimum well productivity, it is recommended
that the length of lateral be reduced for future treatments, to save costs and reduce
complexity of treatment.
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Chapter 5
Conclusions and Recommendations
The effectiveness of hydraulic fracture design in the Bakken fields of North
Dakota was examined. 150 wells with available data for lateral length, total pounds of
proppant, total gallons of fluid, treatment rate and type of proppant were tested using a
statistical model and sound engineering and economic analysis. The conclusions from
this research are as follows:
1. The length of lateral drilled in the Bakken need not be greater than 6000ft.
The best long term production results in the Bakken are lateral lengths in the
range of 5,000 to 6,000 ft. for the range of data analyzed. While good
production is achievable with lateral lengths greater than 6000ft, it is cheaper,
less complex, and ultimately more useful and economical to drill shorter
laterals.
2. For the range of data observed, the ratio of proppant to fracture fluid in the
range 1.5-3 lbm/gallon produced the best results. This is true for average
production as well as production per foot of lateral. On average, no increase in
productivity is noticed for treatment with proppant to fluid ratio less than 1.5
and there is no Bakken data available to test for impact of proppant to fluid
ratio greater than 3.5.
3. Overall, treatment rates less than 60bpm produce better results than treatment
rates greater than 60bpm in the Bakken. The best average production results in
the Bakken are seen when treatment rates are between 45 and 60 bpm.
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4. For the range of data analyzed, on average, more fluid proportional to the
increased amount of proppant per foot per stage pumped into the Bakken is
being lost to the formation today compared to 2008.The average number of
stages per fracture treatment has increased sharply from about 6 to 8 stages in
2008 to about 15 to 16 stages in 2010. There has also been a significant
increase in the amount of proppant per foot per stage pumped. These increases
did not however result in increased production per stage.
5. For the range of data observed, 20/40 sand is the more synonymous with
increased production than any other proppant used in the Bakken, currently.
More data from future wells need to be analyzed to properly characterize the
impact of 20/40 econoprop and 20/40 ceramic used only sparingly from the
data collected.
6. Water and linear gel fracture treatments are more significant to production in
the Bakken than cross-linked gel fracture treatment. However, the presence of
cross-linked gel is synonymous with increased production compared to the
absence of such. This confirms that treatments will give best results when
cross-linked gel is used for only a small fraction of the treatment operation
such as the late stages of fracture stimulation. It should be noted however, that
data collected for cross-linked fluid was the most non-symmetrical, and this
may have skewed our final results.
7. There is no significant second order (quadratic) effect of proppant on average
oil or gas production over the range of data observed. There is however
significant second order effect of fracture fluid on average gas production in
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the Bakken. This observation needs to be studied further in order quantify
such effect.
8. Currently, SRV can only be measured effectively by microseismic event cloud
mapping to find area affected by hydraulic fracturing. Further work is needed
to estimate SRV using numerical and/or analytical models. Combining such
model with work done in this research will allow for better forecast of future
production in Bakken wells.

More analysis needs to be done to identify and quantify the effect of proppants
and fracture fluids on gas production as unusual trends were observed. However, the
knowledge gained through this research will help engineers understand treatment in the
Bakken better, as well as provide blueprints for future treatments that increase production
and reduce costs.

Appendix A

Statistical Results and Residuals for Gas Production Analysis
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Figure A1: Histogram of log of first month gas production
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Figure A2: Histogram of log of average monthly oil production for months 2-3
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Histogram of Log of Average Monthly Gas Production (months 4-6)
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Figure A3: Histogram of log of average monthly gas production for months 4-6
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Figure A4: Histogram of log of average monthly oil production for months 7-12
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Figure A5: Histogram of log of average monthly oil production for months 13-36
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Figure A6: Line plot of dichotomized treatment rate at 35 bpm
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Figure A7: Line plot of dichotomized treatment rate at 45 bpm
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Figure A8: Line plot of dichotomized treatment rate at 50 bpm
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Figure A9: Line plot of dichotomized treatment rate at 100 bpm

Figure A10: Correlation residual (Gas)

Figure A11: Histogram of residual (Gas)
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Figure A12: Quantile-quantile plot (Gas)
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Figure A13: Line plot of dichotomized log lateral at 4500 feet
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Figure A14: Line plot of dichotomized log lateral at 5000 feet
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Figure A15: Line plot of dichotomized log lateral at 6000 feet
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Figure A16: Line plot of dichotomized log lateral at 7000 feet

Table A1: Residual Statistics (Gas)
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Table 4.11: Wells with unusual values (Gas)
MODEL
ANOMALIES
Well
No.
Residuals
4
-2.05212
58
-0.86353
76
-1.31039
80
-0.8543
96
-0.87284
100
-1.89262
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More Plots from Engineering Analysis

IP (Oil) versus Lateral Length
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Figure B1: Plot of change in initial production with length of lateral
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Figure B2: Plot of change in 3 year cumulative production with length of lateral
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IP Prod (Oil) versus Total Fluid
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Figure B3: Plot of change in initial production with total fluid pumped

3 Yr Cumm Prod (Oil) versus Total Fluid
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Figure B4: Plot of change in 3 year cumulative production with total fluid pumped
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IP Prod (Oil) versus Total Lbs of Proppant
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Figure B5: Plot of change in initial production with total proppant pumped
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Figure B6: Plot of change in 3 year cumulative production with total proppant pumped
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IP (Oil) versus Proppant to Fluid Ratio
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Figure B7: Initial production behavior with proppant to fluid ratio
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Figure B7: 3 year cumulative production behavior with proppant to fluid ratio
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