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ABSTRACT
Shale gas has become an increasingly important source of natural gas (CH4) in the United
States over the last decade. As an unconventional resource, various stimulation techniques
including hydraulic fracturing and enhanced gas recovery have been proposed to maximize
production. This study examines some of these techniques combining experiments and models.
Part I of this dissertation (Chapter 1) examines the use of CO2 for enhanced shale gas recovery
(CO2-ESGR) using a dual porosity dual permeability model to better understand its feasibility and
effectiveness. Part II (Chapter 2) explores the use of gas stimulants for hydraulic fracturing to
assess the form and behavior of fractures in shale driven by different gas compositions and states.
Part III (Chapter 3) examines the evolution of permeability in artificially propped fractures in
Green River Shale for native CH4 contrasted against sorbing CO2, slightly sorbing N2 and nonsorbing He, specifically to examine the deleterious influence of proppant embedment. Together,
the findings of these experiments and analyses aid in the understanding of proppant embedment
and fracture diagenesis in shales. Finally, part IV (Chapter 4) examines the role of stress
reorienation in aiding productivity increases in the refracturing of previoslu fractured wells in
shales to determine the optimal timing of refracturing as well as in quantifying its potential
improvement.
Chapter 1 explores the roles of important coupled phenomena activated during gas
substitution especially vigorous feedbacks between sorptive behavior and permeability evolution.
Permeability and porosity evolution models developed for sorptive fractured coal are adapted to
the component characteristics of gas shales. These adapted models are used to probe the
optimization of CO2-ESGR for injection of CO2 at overpressures of 0MPa, 4MPa and 8MPa to
investigate magnitudes of elevated CH4 production, CO2 storage rate and capacity, and of CO2
early-breakthrough and permeability evolution in the reservoir. For the injection pressures
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selected, CH4 production was enhanced by 2.3%, 14.3%, 28.5%, respectively, over the case
where CO2 is not injected. Distinctly different evolutions are noted for permeability in both
fractures and matrix due to different dominating mechanisms. Fracture permeability increased by
~1/3 for the injection scenarios due to the dominant influence of CH4 de-sorption over CO2
sorption. CO2 sequestration capacity was only of the order of when supercritical for a net
recovery of CH4 of m3. We investigated the potential of optimal CO2-pulsed injection to enhance
CH4 production (absolute mass recovered)-without the undesirable effects of CO2 earlybreakthrough and also minimum cost on CO2 injection. This utilizes the competitive sorptive
behavior between CH4 and CO2, can also reduce the potential for induced seismicity hence the
entire system can be near net neutrality in terms of its carbon and seismic footprint.
In Chapter 2, fracturing is completed on cylindrical samples containing a single blind
axial borehole under simple triaxial conditions with confining pressure ranging from 10~25MPa
and axial stress ranging from 0-35MPa (  1   2   3 ). Results show that: 1) under the same
stress conditions, CO2 returns the highest breakdown pressure, followed by N2, and with H2O
exhibiting the lowest breakdown pressure; 2) CO2 fracturing, compared to other fracturing fluids,
creates nominally the most complex fracturing patterns as well as the roughest fracture surface
and with the greatest apparent local damage followed by H2O and then N2; 3) under conditions of
constant injection rate, the CO2 pressure build-up record exhibits condensation between ~5-7MPa
and transits from gas to liquid through a mixed-phase region rather than directly to liquid as for
H2O and N2 which do not; 4) there is a positive correlation between minimum principal stress and
breakdown pressure for failure both by transverse fracturing ( s 3 axial ) and by longitudinal
fracturing ( s 3 radial ) for each fracturing fluid with CO2 having the highest correlation
coefficient/slope and lowest for H2O. We explain these results in terms of a mechanistic
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understanding of breakdown, and through correlations with the specific properties of the
stimulating fluids.
In Chapter 3, experiments are conducted on 1inch diameter, 2 inch long split cylindrical
samples sandwiched with proppant at a constant confining stress of 20 MPa and with varied pore
pressure — increases in pore pressure represent concomitant decreases in effective stress.
Permeability and sorption characteristics are measured by pulse transient methods. To explore the
effect of swelling and embedment on fracture surface geometry, we measure the evolution of
transport characteristics for different proppant geometries (single layer vs. multi-layer), gas
saturation, and sample variance. In order to simulate both production and enhanced gas recovery
processes, both injection and depletion cases are investigated. Embedment morphology is
measured by scanning white light interferometry and characterized by roughness through a
variety of surface roughness parameters including Sa, Sq and Sz as well as complexity through
fractal dimension. For both strongly- (CO2, CH4) and slightly-adsorptive gases (N2) the
permeability first decreases when gas pressure increases because of swelling. It then increases
beyond the Langmuir threshold due to the over-riding influence of effective stresses. Due to its
highest adsorptive affinity, CO2 returns the lowest permeability among these three gas permeants.
Compared to the case of a mono-layer propped sample, the sample with four layers exhibits less
swelling as implied by its elevated k/k0 ratio and reduced embedment surface roughness and
complexity. Interestingly the duration of gas exposure and saturation tested here which is up to
~20hrs does not have a significant influence on permeability for either adsorptive or nonadsorptive gases. Permeabilities recovered from both injection and depletion cycles generally
overlap each other and are repeatable with little hysteresis. This suggests the dominant role of
reversible swelling over irreversible embedment. Permeability variance between different
samples is of the order of ~1.5 - 2 times but with repeatable trends and order of magnitude parity.
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Gas permeant composition and related swelling effects exert important influences on the
permeability evolution of shales under nominally in situ conditions.
In Chapter 4, key factors include the time dependency of the stress reorientation, the
threshold of σhmax/σhmin for the presence of the stress reversal region, the influences of permeability
anisotropy/heterogeneity, pressure drawdown and rock-fluid properties - these factors are
investigated. The results show that stress reorientation develops as soon as the reservoir begins to
produce and the stress reversal region extends with time to a maximum extent following which it
retracts until the direction of the maximum principal stress gradually returns to the initial state.
The optimal refrac timing and the size of the stress reversal region are either positively or
negatively correlated to the factors examined here. σhmax/σhmin ratio and Poisson’s ratio are
negatively correlated to the size of stress reversal region as well as the timing of optimal
refracturing; permeability magnitude and porosity have no influence on the size but are
negatively and positively correlated to the timing, respectively; permeability anisotropy is
positively correlated to the size and negatively correlated to the timing if the permeability is
greater in the direction perpendicular the initial fracture, however it is negatively correlated to the
size and positively correlated to the timing if the permeability is greater in the direction parallel to
the initial fracture; permeability heterogeneity has no influence on the size nor the timing;
pressure drawdown and Biot coefficient are positively correlated to the size as well as the timing.

The four chapters of this dissertation correspond with a series of four papers either
published, in-submittal or in preparation. By order of chapter appearance, these papers are:
Li, X., & Elsworth, D. (2014). Geomechanics of CO2 Enhanced Shale Gas Recovery. Journal of
Natural Gas Science and Engineering, 1-13.
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Li, X., Feng, Z., Han, G., Elsworth, D., Marone, C., Saffer, D., & Cheon, D.-S. (2015).
Breakdown Pressure and Fracture Surface Morphology of Hydraulic Fracturing in Shale
with H2O, CO2 and N2. Geomech. Geophys. Geo-energ. Geo-resour., DOI
10.1007/s40948-016-0022-6.
Li, X., Feng, Z., Han, G., Elsworth, D., Marone, C., Saffer, D., & Cheon, D.-S. Permeability
Evolution of Propped Artificial Fractures in Green River Shale. In Submittal.
Li, X., Wang, J., & Elsworth, D. A Poroelastic Model for Stress Redistribution During
Restimulation of Gas Shale Reservoirs. In Preparation.
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Chapter 1
Geomechanics of CO2 Enhanced Shale Gas Recovery

Abstract
Shale gas has become an increasingly important source of natural gas (CH4) in the United
States over the last decade. Due to its unconventional characteristics, injecting carbondioxide
(CO2) to enhance shale gas recovery (ESGR) is a potentially feasible method to increase gas-yield
while both affording a sink for CO2 and in reducing the potential for induced seismicity.
However, understanding of this issue is limited with few pilot field studies proposed. This study
examines CO2-ESGR to better understand its feasibility and effectiveness. We explore the roles
of important coupled phenomena activated during gas substitution especially vigorous feedbacks
between sorptive behavior and permeability evolution. Permeability and porosity evolution
models developed for sorptive fractured coal are adapted to the component characteristics of gas
shales. These adapted models are used to probe the optimization of CO2-ESGR for injection of
CO2 at overpressures of 0MPa, 4MPa and 8MPa to investigate magnitudes of elevated CH4
production, CO2 storage rate and capacity, and of CO2 early-breakthrough and permeability
evolution in the reservoir. For the injection pressures selected, CH4 production was enhanced by
2.3%, 14.3%, 28.5%, respectively, over the case where CO2 is not injected. Distinctly different
evolutions are noted for permeability in both fractures and matrix due to different dominating
mechanisms. Fracture permeability increased by ~1/3 for the injection scenarios due to the
dominant influence of CH4 de-sorption over CO2 sorption. CO2 sequestration capacity was only
of the order of 104 𝑚3 when supercritical for a net recovery of CH4 of 108 m3. We investigated
the potential of optimal CO2-pulsed injection to enhance CH4 production (absolute mass
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recovered)-without the undesirable effects of CO2 early-breakthrough and also minimum cost on
CO2 injection. This utilizes the competitive sorptive behavior between CH4 and CO2, can also
reduce the potential for induced seismicity hence the entire system can be near net neutrality in
terms of its carbon and seismic footprint.
Keywords: CO2-ESGR; continuous injection; pulsed injection; permeability, CO2 early
breakthrough; CO2 sequestration

1.1 Introduction
Shale gas is providing the United States with a locally produced and secure source of
natural gas that both improves energy security and has provided a renaissance in manufacturing.
It has become an important source of natural gas in the US in the last decade. Annual natural-gas
production from shale-gas is ~1.0 Tscf coming from more than 40,000 shale gas wells completed
in 5 primary basins (Jenkins, et al., 2008). However, shale gas extraction has experienced a
variety of technical difficulties due to its unconventional attributes. Numerical simulation is a
powerful tool that can integrate core, log, and well testing data to describe and quantify reservoir
behavior by evaluating the effects of variations in key parameters. Such models can incorporate
unique components such as anisotropy and heterogeneity as well as the contributions of free gas
and sorbed gas, and be used to evaluate the effects of various development strategies including
well spacing, well pattern, hydraulic fracturing design and water/gas flooding rate/schedule. Once
the model is constructed, it can be updated with production data, reservoir pressures, and
production bottomhole pressures obtained on a regular basis to better understand and predict
future reservoir performance (Jenkins, et al., 2008). Over the past decade, improved practices of
reservoir stimulation and production have made gas shale a viable energy resource. Enhancing
gas recovery through the injection of carbondioxide (CO2) however is yet to be tested in the field
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(Hussen, et al., 2012). Hence, further understanding the behavior of gas shale reservoirs and of
methods to enhance its recovery remains important.
It is apparent that gas shale has the capacity to permanently store a considerable amount
of gas. This is trapped both in adsorbed state within finely dispersed organic matter (i.e., kerogen)
and also in free state within a nanoporous substrate comprising micropores (<2 nm) and
mesopores (2-50 nm). Storage in organic-rich shale has the advantage that the organic matter acts
as molecular sieve, allowing CO2, with linear molecular geometry, to accumulate in small pores
where other naturally occurring gases such as methane (CH4) cannot access. Additionally, the
energy of molecular–interactions between the organics and CO2 molecules is different, leading to
a preferential and enhanced adsorption of CO2 relative to CH4. Thus the affinity of shale to CO2 is
partly due to steric and thermodynamic effects similar to those of coals that have been considered
for enhanced coalbed-methane recovery (Kang, et al., 2011).
As an unconventional reservoir, the porosity and permeability of shales are significantly
lower than that of conventional reservoirs but have features that are similar to coalbed reservoirs
(Shi & Durucan, 2010; Soeder, 2011; Wang, et al., 2012). These features include matrixdominated storage, fracture-dominated transport and sorption as a significant component of the
overall gas budget. The significant sorption potential of gas shales makes them a viable medium
for the sequestration of CO2.

Figure 1.1 Idealization of a fracture system (Warren & Root, 1963).
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Naturally fractured reservoirs such as shales and coalbeds have been traditionally
modeled using the dual porosity concept (Warren and Root, 1963). Gas is physically adsorbed to
the surface of the porous shale structure and is transported by diffusion (Figure 1.1). Fractures
provide high permeability but low storage pathways to access the low permeability but high
storage medium of the matrix. Gas desorbs from the pores and is transported by Fickian diffusion
to the fractures where transport is by Darcy’s law.
Prior work (Vermylen, 2011) has shown that gas adsorption in gas shale follows the
monolayer adsorption-Langmuir isotherm (Vermylen, 2011). Langmuir isotherm parameters
describe the relationship between TOC content, pressure, and the adsorbed gas-carrying capacity
of the sorbing media (Lyster, 2012). Between 20% - 85% of total storage in shale may be in the
form of adsorbed gas (Freeman, et al., 2013) , and the majority of this gas may never be produced
due to the steepness of the sorption isotherm at lower pressure. Thus, injecting a higher affinity
gas like CO2 may be a feasible method to sweep for CH4 and therefore enhance its recovery. The
Langmuir volume constant can be estimated from a density log or TOC log. Total organic carbon
(TOC) relates to the source material that generated the resulting gas or liquid hydrocarbon as well
as the adsorption capacity of a shale to retain gas sorbed in the matrix. Studies show that adsorbed
gas, free gas stored in the matrix, increases linearly with total organic content (Jarvie, 2004).
This study examines the behavior of a prototype reservoir swept by CO2 to determine the
feasibility of ESGR as a recovery technique. The lithotype used is the Barnett shale due to the
availability of petrophysical data. The Barnett Shale is an organic-rich, petroliferous black shale
of middle–late Mississippian age with 4-8% organic carbon content (TOC), 20-40% illite clay,
and no free water, long known as a probable source rock for hydrocarbons throughout northcentral Texas (Scott L. Montgomery, 2005; Bill Goodway, 2006). Estimates for original gas in
place for Barnett gas resource are in the order of 200 tcf, with ultimate technically recoverable
reserves variably assessed within the range 3–40 tcf (Jarvie, et al., 2003; Pollastro, et al., 2003;
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Schmoker, et al., 1996). The potential for ESGR by CO2 is predicated on the observation that
shale has a greater affinity of CO2 over CH4. In Barnett shale, at low pressures (600 psi),
preferential adsorption of CO2 over CH4 ranges from 3.6x to 5.5x on a mass basis; at high
pressure, this preferential adsorption of CO2 over CH4 may reach 5x to 10x (Vermylen, 2011).
When CO2 is injected into a depleted shale formation – even one that has previously been
stimulated – the rock will release more methane because pockets of the gas chemically trapped
within the shale will be released in favor of the more chemically sorptive CO2. Two parameters
are important regarding CO2 storage in porous media. The first is whether sufficient capacity
exists in the reservoir to store the intended volume of CO2, which is controlled by the sorptive
capacity. The second is whether sufficient injectivity exists and can be maintained to allow the
penetration of CO2 at the desired supply rate and deep into the reservoir.
Previous simulation work on Barnett shale shows that the time evolutions of gas pressure,
stress-dependent permeability and porosity, and effective stresses are strongly influenced by gas
desorption during production, especially near the wellbore (Huang & Ghassemi, 2011). Other
simulation studies also show that CO2 injection for enhanced gas recovery and concurrent CO2
sequestration is technically and economically feasible but with principal obstacles related to the
potential contamination of the production stream by CO2 and high costs involved in the process
(Khan, et al., 2012). Simulation studies have been carried out to comprehend by which process
CO2 sequestration in a depleted gas reservoir might result in enhanced gas recovery. These have
included the effect of mixing (CO2-CH4) on the recovery process prior to reservoir depletion
(Khan, et al., 2012) and were mainly directed to reduce greenhouse gas emissions in the
atmosphere by sequestering in a depleted gas reservoir or in an aquifer (Benson, 2006; Clemens
& Wit, 2002; Knox, et al., 2002; Mamora & Seo, 2002; Oldenburg, et al., 2001; Ozkilic &
Gumrah, 2009). Previous study also showed that continuous CO2 injection could be feasible for
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enhanced the gas recovery but huff-n- puff method might not be a good option (Schepers, et al.,
2009).
In this work we use a dual porosity model incorporating adsorptive behavior and with
sorption/swelling dependent porosity and permeability to examine the potential for CO2 as a
stimulation medium for ESGR. In particular we examine the potential rates of injection and
storage of CO2 relative to rates of recovery of CH4 to examine crucial issues of reduced
injectivity and early breakthrough of CO2. We examine this behavior for different CO2 injection
schedules including steady and pulsed injection to determine an optimal injection schedule which
can maximally enhance CH4 recovery but control CO2 early breakthrough and minimize the cost
of CO2 injection and separation.

1.2 Model Development
We develop a model for multi-component transport in dual porosity sorbing and swelling
media. The following introduces key models describing porosity and permeability evolution in
both matrix and fracture networks including the coupling between these two media.

1.2.1 Field and Constitutive Equation

Field and constitutive equations for gas flow and transport in shale are defined (Kumar, et
al., 2013). These equations are coupled through porosity and permeability evolution driven by
Langmuir sorption and swelling in the shale matrix with sympathetic influence on the
deformation and permeability response of the fracture. The following assumptions apply:
1) The shale reservoir is a homogenous, isotropic and elastic continuum. The system is
isothermal.
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2) Gas present within the system is ideal and its viscosity is constant under isothermal conditions.
3) Gas flow through the fractures in shale conforms to Darcy’s law (the water phase is not
considered in this study); gas transport in the shale matrix is assumed to obey Fick’s law.
4) Gas sorption only occurs within the matrix.

1.2.2 Binary gas adsorption

Barnett shale usually contains more than 80% CH4 augmented by a mixture of other
heavier hydrocarbons as well as CO2 and N2 (Bullin & Krouskop, 2008). In this study, it is
assumed that the gas shale reservoir contains only two species: CH4 (fracture: 95%; matrix:
87.5%) and CO2 (fracture: 5%; matrix: 12.5%) as these two species exert the major control on
transport in gas shale. The initial gas pressures of CH4 and CO2 in the reservoir are assumed to be
22.8 MPa and 1.2 MPa respectively in the fracture network and 1.143 MPa and 22.857 MPa
respectively in the matrix. This constitutes an overall initial pressure in the reservoir of 24 MPa,
representing reservoir pore pressure at a depth of 7000—8000 feet.
The gas adsorbed in the shale matrix follows Langmuir sorption behavior (Vermylen,
2011). The Langmuir adsorption isotherm assumes that the gas is present as a monolayer. The gas
volume adsorbed per unit mass of shale can be calculated from the Langmuir isotherm
(Langmuir, 1916) as
𝑉 𝑝

𝑚
𝑉 = 𝑝 𝐿+𝑝
𝑚

𝐿

(1.1)

where 𝑉𝐿 is the Langmuir volume constant, representing the maximum volume of gas that can be
adsorbed per unit mass of shale at infinite pressure, 𝑝𝐿 is the Langmuir pressure, representing the
pressure at which the Langmuir volume can be absorbed in the matrix, 𝑝𝑚 is the equilibrium
pressure of gas in the matrix and 𝑉 is the volume adsorbed per unit mass of shale at pressure 𝑝𝑚 .
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The gas adsorbed in the shale is not always pure CH4. Shale can also adsorb appreciable
amounts of CO2, N2 and heavier hydrocarbons such as ethane and propane. Each gas does not
“sorb” independently, but rather competes for the same sorption sites. The multi-component
adsorption behavior may be expressed by the extended Langmuir isotherm (ELI) as
𝑉𝑘 =

𝑉𝑘0 𝐶𝑘 𝑏′𝑘
1+∑𝑁
𝑗=1 𝐶𝑗 𝑏′𝑗

(1.2)

where 𝑉𝑘0 is the adsorbed volume of species 𝑘 per unit mass of shale at infinite pressure, 𝐶𝑘 is the
equilibrium concentration of gas in the matrix, 𝑏′𝑘 is equal to 𝑅𝑇⁄𝑝𝐿 and 𝑉𝑘 represents the
volume adsorbed per unit mass of shale at concentration 𝑐𝑚 for species 𝑘. By analogy, the
contribution of each gas species in an n-species mixture to the sorption-induced volumetric strain
can be described as (Wu, et al., 2011)
𝐶 𝑏′𝑘
𝑗=1 𝐶𝑗 𝑏′𝑗

𝜀𝑘 = 𝜀𝐿𝑘 1+∑𝑛𝑘

(1.3)

Hence, the total sorption induced strain can be determined by summing the contributions
from each individual gas species (Wu, et al., 2011)
𝐶 𝑏′𝑘
𝑗=1 𝐶𝑗 𝑏′𝑗

𝜀𝑠 = ∑𝑛𝑘=1 𝜀𝑘 = ∑𝑛𝑘=1 𝜀𝐿𝑘 1+∑𝑛𝑘

(1.4)

where 𝜀𝐿𝑘 is the Langmuir strain for species 𝑘, representing the strain caused by species 𝑘 at
infinite pressure, 𝜀𝑘 is the strain developed at concentration 𝐶𝑘 in the matrix for gas 𝑘 and 𝜀𝑠 is
the total strain developed by the presence of the gas mixture.

1.2.3 Porosity model for matrix and fracture

Since shale and coal both follow the Langmuir isotherm, a constitutive model developed
for the evolution of porosity in coal (Wu, et al., 2011) is employed in this study to investigate the
response of shale.
For sorption induced by a binary gas mixture, the matrix porosity can be expressed as
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𝛼

𝜑𝑚 = 𝜑𝑚0 − 𝐾

1

𝐶

𝑏0 1
+
𝑎𝐾𝑓 𝐾

𝑏′

(∑2𝑘=1 𝜀𝐿𝑘 1+∑𝑛𝑚𝑘𝐶 𝑘

𝑗=1 𝑚𝑗 𝑏′𝑗

− 𝜀𝑣 )

(1.5)

where 𝜑𝑚 is the matrix porosity, 𝜑𝑚0 is the initial matrix porosity, 𝛼 is the Biot coefficient for
the shale matrix, 𝐾 is the matrix bulk modulus, 𝐾𝑓 is the modified fracture stiffness, which is
equal to the product of initial fracture aperture and fracture stiffness, 𝑏0 is the initial fracture
aperture, 𝑎 is the fracture spacing, 𝜀𝐿𝑘 the Langmuir strain for species 𝑘, 𝐶𝑚𝑘 is the equilibrium
concentration of gas 𝑘 in the matrix, 𝑏′𝑘 is equal to 𝑅𝑇⁄𝑝𝐿 for species 𝑘, and 𝜀𝑣 is the volumetric
strain of the shale, which is considered zero in this study, since all four sides of the model
geometry are assumed to be constrained.
Similarly, the porosity of the fracture can be expressed as
𝜑𝑓
𝜑𝑓0

3

=1−

𝐶

𝜑𝑓0 +

3𝐾𝑓
𝐾

𝑏′

(∑2𝑘=1 𝜀𝐿𝑘 1+∑𝑛𝑚𝑘𝐶 𝑘

𝑗=1 𝑚𝑗 𝑏′𝑗

− 𝜀𝑣 )

(1.6)

where 𝜑𝑓 is the fracture porosity, 𝜑𝑓0 is the initial fracture porosity and the subscripts m and f
refer to matrix and fracture respectively.

1.2.4 Permeability model for matrix and fracture

Similarly, the relations derived for coal can also be employed for the permeability
evolution of the shale matrix (Wu, et al., 2011),
3
𝑘𝑚
𝑘𝑚0

= (1 −

𝐶 𝑏′
(∑2𝑘=1 𝜀𝐿𝑘 1+∑𝑛𝑚𝑘𝐶 𝑘 𝑏′
𝜑𝑚0 𝐾 𝑏0 + 1
𝑗=1 𝑚𝑗 𝑗
𝛼

1

− 𝜀𝑣 ))

(1.7)

𝑎𝐾𝑓 𝐾

where, 𝑘𝑚 is the permeability of the matrix and 𝑘𝑚0 is the initial matrix permeability.
To incorporate the effects of effective stress, sorption induced swelling and the occluding
effect of moisture, the behavior of the fracture may be recast as (Kumar, et al., 2012)
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𝑘𝑓𝑘
𝑘𝑓0𝑘

= {(1 +

𝐶𝑘 𝑝𝑚𝑘 3
)
𝑝𝑚𝑘 +𝑝𝐿𝑘

′

+ 𝑒 −𝛽𝑘𝜎 } ∗ 𝑒 −𝛿𝑘 𝑆𝑤

(1.8)

where 𝑘𝑓𝑘 is the fracture permeability for species 𝑘, 𝑘𝑓0𝑘 is the initial permeability of species 𝑘 in
the fracture, 𝑝𝑚𝑘 is the gas pressure of species 𝑘 in the matrix, 𝑝𝐿𝑘 is the Langmuir pressure
constant for species 𝑘, 𝜎 ′ is the effective stress, defined as equivalent to confining stress minus
gas pressure, 𝑆𝑤 is the moisture content of the shale, in this case, considered zero, δk is the fitting
parameter for species 𝑘, representing the occluding effect of moisture, 𝐶𝑘 is another fitting
𝜀 𝑠2

𝐿
parameter for species 𝑘, representing the influence of effective stress, 𝐶 = ( 𝑎𝑏
), where s is the
0

fracture spacing, a is the fracture length, 𝑏0 is the initial fracture aperture, 𝜀𝐿 is the peak Langmuir
strain, and 𝛽𝑘 is also a fitting parameter for species 𝑘, representing the effect of sorption induced
swelling (Kumar, et al., 2013).

1.2.5 Matrix and fracture coupling

The matrix may act as both source or sink depending upon the pressure (or concentration)
differential between matrix and fracture. The mass balance between fracture and matrix
incorporates convective, diffusive, and transfer flux flow.

1.2.5.1 EOS for an ideal gas
The response of the matrix and fracture are coupled through the equation of state (EOS)
for an ideal gas, which describes the relation between pressure, volume and temperature in both
matrix and fractures
𝑝𝑉 = 𝑛𝑅𝑇

(1.9)
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𝑃𝑎

where 𝑝 [𝑃𝑎] is the pressure, 𝑉 [𝑚3 ] is the volume, 𝑅 [𝑚3 ∙ 𝐾∙𝑚𝑜𝑙] is the gas constant, 𝑛 is the
molar concentration and 𝑇 [𝐾] is the temperature. Similarly, the concentration 𝐶 of the species
𝑛

may be represented as 𝐶 = 𝑉 [units of 𝑚𝑜𝑙/𝑚3 ] resulting in
𝑝 = 𝐶𝑅𝑇

(1.10)

allowing pressures to be uniquely linked to concentration.

1.2.5.2 Mass transfer between matrix and fracture
For a fracture network of orthogonal fractures of equal fracture spacing, matrix and
fracture can also be coupled through a transfer flux 𝜔𝑘 between these two media for a component
of gas 𝑘 (Mora & Wattenbarger, 2009) as
𝜔𝑘 = −

3Π2
𝑎2

(1.11)

where 𝜔𝑘 is the shape factor, controlling drainage rate from matrix to the fracture. In a unit
volume of fracture, the mass of the species and its mass rate of change is the net result of
advection of the species into or out of this volume which is governed by Darcy flow
∇. (−

𝑘𝑓
𝜇

𝑝𝑓 ∇. 𝑝𝑓 ) and gain or loss of the species from this volume due to exchange with the

matrix ±

3Π2 𝑘𝑚
𝑝 (𝑝
𝑎2 𝜇 𝑓 𝑓

− 𝑝𝑚 ) (Kumar, et al., 2013)

1.3 Model Implementation
This model follows the transport of binary species in a fractured porous reservoir pierced
by parallel horizontal wells. The horizontal well pattern includes a production well located at the
center of a rectangular section that cuts the reservoir vertically and is flanked by twin injection
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wells as shown in Figure 1.2. The reservoir has been artificially fractured to elevate the
permeability of the stimulated reservoir volume – taken as the full reservoir shown in Figure 1.2.

Figure 1.2 Horizontal wells pattern with one production well (PW) at the center flanked by
injection wells on each side (IW) and representing a repeating array of injectors and recovery
wells.
Symmetry of the injection-withdrawal system allows a one-quarter section of the fullfield reservoir to represent the full system (see red dashed line). This one-quarter section of the
reservoir is represented by a 2D block with sides 120 m × 60 m (Figure 1.3). The diameter of the
wells is assumed to be 0.0762 m (3 inches), a typical value for wellbores. The model has no flowno flux condition on all four sides except the wellbores. Production volumes are evaluated by
multiplying production from this 1m section by the total presumed well length. The initial gas
pressure in the reservoir is 24 MPa, representing the pore pressure at a depth of 7000-8000 ft. The
initial pressures of CH4 and CO2 are set according to their composition. CH4 has an initial
pressure of 22.8 MPa in fracture and 22.857 MPa in the matrix, based on partial pressures. For
CO2, the values are 1.2 MPa and 1.143 MPa, respectively. The production well produces at a
bottomhole pressure of 0.1 MPa. Different injection rates and schedules, including continuous
injection and pulsed injection are used. The injection rate is controlled by setting the injection
wellbore pressure differently as (i) no injection (sealed boundary); (ii) 0 MPa overpressure (same
pressure as the initial reservoir pressure); (iii) 4 MPa overpressure (4 MPa higher than the initial
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reservoir pressure), and (iv) 8 MPa overpressure (8 MPa higher than the initial reservoir
pressure).

Figure 1.3 Schematic of a one-quarter section of the longitudinal section of the entire reservoir
with horizontal wells.
Appropriate input variables are as shown in Table 1.1. Each simulation is run for 109 seconds (~
30 years).
Table 1.1 Modeling parameters used in simulations.
Symbol
E

Parameter
Young’s Modulus of Shale

Value
32.75 (Goodway, et al., 2006)

Unit
𝐺𝑃𝑎

𝑬𝑺

Young’s Modulus of shale grain

40.54 (Vermylen, 2011)

𝐺𝑃𝑎

N
𝝆𝒔
𝝁𝑪𝑯𝟒
𝝁𝑪𝑶𝟐

Poisson’s ratio of shale
Density of shale
𝐶𝐻4 dynamic viscosity
𝐶𝑂2 dynamic viscosity

0.235 (Goodway, et al., 2006)
2.5×103 (Kuuskraa, et al., 1998)
1.15×10-5 (Wu, et al., 2011)
1.60×10-5 (Wu, et al., 2011)

𝑘𝑔/𝑚3
𝑃𝑎 ∙ 𝑠
𝑃𝑎 ∙ 𝑠

𝑷𝑳,𝑪𝑯𝟒

𝐶𝐻4 Langmuir pressure constant

11 (Vermylen, 2011)

𝑀𝑃𝑎

𝑷𝑳,𝑪𝑶𝟐

𝐶𝑂2 Langmuir pressure constant

8.64 (Vermylen, 2011)

𝑀𝑃𝑎

𝑽𝑳,𝑪𝑯𝟒
𝑽𝑳,𝑪𝑶𝟐
𝜺𝑳,𝑪𝑯𝟒
𝜺𝑳,𝑪𝑶𝟐
∅𝒎𝟎

𝐶𝐻4 Langmuir volume constant

1.05×10-3 (Vermylen, 2011)

𝑚3 /𝑘𝑔

𝐶𝑂2 Langmuir volume constant
𝐶𝐻4 Langmuir volumetric strain constant

4.93×10 (Vermylen, 2011)
8.1×10-4

𝑚3 /𝑘𝑔
-

𝐶𝑂2 Langmuir volumetric strain constant
Initial porosity of matrix

3.6×10-3 (Vermylen, 2011)
0.041 (Strickland, et al., 2011)

-

∅𝒇𝟎
𝒌𝒎𝟎
𝒌𝒇 𝟎
a

Initial porosity of fracture
Initial permeability of matrix
Initial permeability of fracture
Fracture spacing

0.007 (Reed, et al., 2009)
2.17×10-19 (Strickland, et al., 2011)
2.27×10-17 (Strickland, et al., 2011)
0.025

𝑚2
𝑚2
𝑚

𝒃𝟎

Initial fracture aperture

5×10-4

𝑚

-3
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1.4 Results and Discussion
Models of continuous and pulsed injection are explored to investigate the evolution of
permeability and the production of CH4 and CO2 together with the potential for early
breakthrough. The desire is to define an optimal injection schedule with no or mitigated CO2 early
breakthrough, minimum cost of CO2 injection as well as to determine the level of enhanced CH4
production.

1.4.1 Continuous injection

Four injection cases are explored that represent no injection, 0 MPa overpressure
injection, 4 MPa overpressure injection and 8 MPa overpressure injection. The evolution of
permeability and concentration in matrix and fracture, CH4 production, CO2 early breakthrough
as well as the CO2 sequestration capacity of the reservoir are investigated.

1.4.1.1 Permeability evolution in matrix and fracture
As gas desorbs from the shale, the matrix shrinks and the fracture widens, although this
may be offset by a reduction of fracture aperture because of increased net stress caused by
reservoir-pressure depletion. In addition, the adsorption of CO2 and related swelling in the shale
matrix causes permeability to decrease. Permeability is controlled by pore volume compressibility
(in the early time) and matrix swelling/shrinkage (in late time). During the first ~100 days, the
matrix permeability remains near constant for all continuous injection cases including the no
injection case since this period is dominated by fracture flow (Figure 1.4). Gas production comes
mainly from the fracture during this early time as the fracture is a preferred flow conduit. After
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~100 days, when the free gas in the fracture has been largely depleted, the matrix flow begins to
contribute. After ~100 days, matrix permeability decreases with time by a factor of 0.9% ~ 1.3%
indicating that it is in the effective-stress-effect regime when the pressure in matrix decreases.
Permeability loss is also controlled by fracture geometry, Langmuir swelling coefficient and void
“stiffness”, whereas the rate of permeability increase is controlled by fracture geometry and void
“stiffness”. For the higher injection pressure case (8 MPa overpressure injection), the decrease of
matrix permeability is not as significant as for the lower injection pressure case (0 MPa
overpressure injection) in that the pressure decrease, to an extent, is compensated for by the
injection.
The fracture permeability is increased by ~1/3 in the three injection cases as fractures
dilate as the gas pressure increases, whereas for the no injection case, it increases only by a factor
of 1.8% - higher injection pressures result in more significant dilation hence increases in
permeability. Therefore higher CO2-injectivity results in higher gas production, solely due to the
mechanical effect.
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Figure 1.4 The average permeability of the matrix (solid lines) and fracture (dashed lines) under
continuous injection.

1.4.1.2 Concentration evolution in matrix and fracture
The recovery of CH4 relative to the invasion of CO2 may be represented by the ratio,
𝐶𝐻4
𝐶𝐻4 +𝐶𝑂2

where a small ratio represents effective recovery of methane. The evolution of this ratio

𝐶𝐻4
𝐶𝐻4 +𝐶𝑂2

in matrix and fracture, again, demonstrates there two stages exist: fracture dominant

flow and matrix dominant flow. The decrease of CH4 concentration occurs almost immediately in
the fracture following the injection of CO2. Then only after ~100 days, the decrease of CH4
concentration in the matrix became significant. Conversely, the concentration ratio in the fracture
remains stable, indicating that within the first 100 days, CH4 production comes mainly from the
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fracture which provides a preferred conduit; then after 100 days, when the free gas in the fracture
is exhausted, CH4 production mainly comes from the matrix, since CO2, with a higher adsorption
affinity, competes with CH4 for the adsorption sites in the matrix and sweeps out the CH4.
Observed from these three cases with CO2 injection is that higher injection pressure contributes to
faster and more significant

𝐶𝐻4
𝐶𝐻4 +𝐶𝑂2

concentration drop because of the faster and more efficient

sweep by the front of CO2.

𝐶𝐻4
4 +𝐶𝑂2

Figure 1.5 The evolution of the ratio of average concentration of 𝐶𝐻

in the matrix (solid

lines) and fracture (dashed lines) under continuous injection.

1.4.1.3 CH4 gas production
The cumulative production of CH4 over 30 years is shown in Figure 1.6 The elevation of
CH4 gas production is 2.26%, 14.26%, and 28.5% for 0 MPa, 4 MPa and 8 MPa overpressure
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injection, respectively. It is clear that the highest injection pressure, with the highest injectivity
and elevated permeability, still results in the maximum production of CH4.

Figure 1.6 CH4 cumulative production under continuous injection.
The recovered gas rate depends on 1) the ratio of relative volume of organic matter to
total porosity, permeability, geometry, distribution, and connectivity of organic flakes; 2) how
organic matter is connected to natural and hydraulic fractures; and also, in this study, 3) the
injectivity of CO2. The instantaneous production of CH4 (Figure 1.7) shows these two flow
regimes mentioned above—fracture dominant flow and matrix dominant flow. The former, a
rapid process, is affected by fracture permeability and reservoir length. The latter, a slower rateinhibited process, is influenced by matrix hydraulic conductivity and matrix block length.
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Figure 1.7 CH4 instantaneous production rate under continuous injection

1.4.1.4 CO2 early breakthrough
Understanding mechanisms involved in the early breakthrough of CO2 is one of the foci
of CO2-ESGR projects in that separation of CO2 from CH4 is costly. Another reason for
minimizing the early breakthrough of CO2 is consideration of environmental security — with the
desire for the entire system to be near net neutral in terms of carbon footprint with corresponding
positive impact on induced seismicity. Conversely, reservoir re-pressurization, a process when
CO2 is re-injected into the reservoir at a high rate to re-pressurize the reservoir has the benefit of
both preventing subsidence/stress-change after the reservoir is depleted and of increasing
incremental gas recovery. Thus one of the goals of this study is to determine the optimum CO2
injection schedule to yield maximum CH4 gas production as well as alleviating early CO2
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breakthrough. CO2 breakthrough, in this paper, is defined as the volume ratio of

𝐶𝑂2
𝐶𝐻4

at the

production well higher than the value for the no injection case. Figure 1.8 & Figure 1.9 indicate
that CO2 breakthrough is presents in all three injection cases. The volume ratio of

𝐶𝑂2
𝐶𝐻4

at the

production well for these three cases are 0.72, 0.75, and 0.77, respectively. CO2 breakthrough
occurs as soon as the matrix-dominant flow regime begins, indicating that a considerable mass of
CO2 transits to the production well directly through the preferred fracture channel. This
undesirable effect may potentially be mitigated by pulsed CO2 injection, by controlling the
injection and shut in time span. This may mitigate early CO2 breakthrough since CO2 can be
adsorbed during the shut-in period.

Figure 1.8 Cumulative production of CH4 (solid lines) and CO2 (dashed lines) under continuous
injection
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Figure 1.9 Volume ratio of

𝐶𝑂2
𝐶𝐻4

at the production well under continuous injection

1.4.1.5 CO2 sequestration
CO2 sequestration is considered as another benefit of CO2-ESGR. A fraction of the
injected CO2 can be stored in the reservoir, mainly in the matrix in the form of adsorbed gas due
to its high adsorptive affinity. CO2 will be sequestrated in the reservoir in a supercritical state
under higher pressure and temperature reservoir condition (p>7 MPa and T>32 °C). Figure 1.10
shows that the CO2 storage capacity is of the order of 104 𝑚3 when supercritical for the three
injection cases. It is clear that the amount of CO2 adsorbed is directly proportional to the injection
pressure.
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Figure 1.10 CO2 storage capacity under continuous injection

1.4.2 Pulsed injection

Although continuous injection results in significantly enhanced production, the severe
breakthrough of CO2 may be an issue due to the high expense of separation of CO2 from 𝐶𝐻4.
Multiple pulsed injection cases were performed to investigate the feasibility of this method. Here
we present the results for the optimal pulsed injection case with maximum elevated CH4
production with the requirement of no CO2 early breakthrough for the reservoir parameters
previously used. The gas shale reservoir is produced with no injection for 1 year, followed by
CO2 injection at an overpressure of 8 MPa for 3 months then shut in for 3 years repeatedly
throughout the 30 years production life of the reservoir.

23
1.4.2.1 Permeability evolution in matrix and fracture
Permeability evolution under pulsed injection (Figure 1.11) shows the same general trend
as the continuous injection cases, namely, matrix permeability decreases and fracture
permeability increases. The permeability of the fracture increases linearly with pressure by ~1/3,
possibly because it reaches the Langmuir strain, the same magnitude as the continuous injection
cases at the end of 30 years even though the total duration of injection is only 1.5 years. The
extent of the decrease of matrix permeability is 1.3%, similar to the no injection case.

Figure 1.11 The average matrix (solid line) and fracture (dashed line) permeability for optimal
pulsed injection
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1.4.2.2 Concentration evolution in matrix and fracture
As soon as the injection starts (the first injection is at the end of the 1st year and lasts for 3
months), the concentration of CO2 in the fracture increases rapidly since the fracture is a preferred
flow channel. At the same time, a small drop in this concentration ratio is also observed in the
matrix, indicating that CO2 sweeps CH4 from the reservoir by preferential absorption (Figure
1.12).

𝐶𝐻4
4 +𝐶𝑂2

Figure 1.12 The evolution of the ratio of average concentration of 𝐶𝐻

in the matrix (solid

line) and fracture (dashed line) under optimal pulsed injection

1.4.2.3 CH4 gas production
This optimal pulsed injection schedule can enhance CH4 gas production by 9.34%
(Figure 1.13) compared with the no injection case. This occurs for a summed duration of CO2
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injection over the 30 years lifespan of the reservoir of only 1.5 years. Compared to the continuous
injection case with an 8 MPa overpressure, this pulsed injection schedule can achieve 1/3 of the
enhanced gas recovery at only 1/20 of the injection cost and absent CO2 separation costs (no early
breakthrough).

Figure 1.13 CH4 cumulative production under optimal pulsed injection

1.4.2.4 CO2 early breakthrough
The principal incentive for pulsed injection is to mitigate early breakthrough of CO2 - the
volume ratio of

𝐶𝑂2
𝐶𝐻4

at the production well must remain below the ratio for the no injection case

(which is 0.18). For the pulsed injection case examined, there is no severe early breakthrough of
CO2 (Figure 1.14 & Figure 1.15), indicating that this schedule provides a feasible pathway for
CO2-ESGR with the benefit of enhanced gas recovery, at minimum cost of CO2 injection as well
as absent costs of CO2 separation.
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Figure 1.14 Cumulative production of CH4 (solid line) and CO2 (dash line) under optimal pulsed
injection
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Figure 1.15 Volume ratio of

𝐶𝑂2
𝐶𝐻4

at the production well under optimal pulsed injection

1.4.2.5 CO2 sequestration
The storage capacity of the reservoir for injected CO2 is shown in Figure 1.16. The
sequestration capacity reaches 6 × 103 𝑚3 under the selected pulsed injection schedule.
Therefore storing CO2 by adsorption in supercritical state within the matrix defines another
intrinsic benefit of this pulsed injection schedule.

Figure 1.16 CO2 storage capacity under optimal pulsed injection

1.5 Conclusion
The applicability of enhanced CO2-ESGR recovery in Barnett Shale is explored in this
study. A dual porosity dual permeability model is used to describe the characteristics of the
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reservoir. A model of permeability evolution for sorbing dual porosity media originally
developed for coal is applied to define response. Darcy’s Law is used to describe flow within the
fracture system with Fick’s law applied to the matrix. Binary Langmuir adsorption theory is
adopted to represent the competitive adsorption between CO2 and CH4. Two forms of injection
schedule are explored, representing continuous injection and pulsed injection. Both are compared
with the no injection case as control to investigate the efficiency on enhanced gas recovery, CO2
early breakthrough and CO2 sequestration. The observations and conclusions are as follows:
1) Continuous CO2 injection at overpressures of 0 MPa, 4 MPa, and 8 MPa enhance gas
recovery by 2.26%, 14.26%, 28.5%, respectively. The net recovery of CH4 over the lifetime
of the reservoir is of the order of 108 m3. However, at the same time, severe breakthrough of
CO2 occurs. At the end of the production life of the reservoir, the concentration of

𝐶𝐻4
𝐶𝑂2

at the

production wellbore for the three continuous injection cases is 0.72, 0.75, 0.77, whereas
without injection this ratio is 0.18. Two distinct fluid flow stages are observed. These are for
fracture dominated flow (within approximately the first 100 days of production) followed by
matrix dominated flow (follows pressure breakthrough followed by mass depletion in the
fracture system). Matrix permeability remains constant during the period of fracture
dominated flow and decreases by only ~1% during matrix dominated flow; fracture
permeability increases significantly during the first stage of fracture flow and is mildly
elevated during the second stage of matrix dominated flow. Overall fracture permeability
increases by ~1/3 for the injection scenarios followed, due to the dominant influence of CH4
de-sorption relative to CO2 sorption.
2) An optimal pulsed injection schedule with the total cumulative duration of injection of only
1.5 years (in 30 years reservoir life) elevates gas production by 9.24% compared to the no
injection case. This increased productivity occurs with no early breakthrough of CO2 together
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with a concomitantly reduced cost of CO2 injection. Permeability evolution for this case
shows the same trend as for continuous injection - the overall matrix permeability decreases
by ~1% and the fracture permeability increases by ~1/3. Compared to the case for continuous
injection at an overpressure of 8MPa, this pulsed injection schedule achieves ~1/3 of the
enhanced gas recovery for only 1/20 of the mass of CO2 injected.
3) CO2 is sequestrated in a supercritical status and is of the order of 104 𝑚3 for the continuous
injection cases and 103 𝑚3 for pulsed injection case – representing only 10-4 to 10-5 of the
mass of CH4 recovered.
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Chapter 2
Breakdown Pressure and Fracture Surface Morphology of Hydraulic
Fracturing in Shale with H2O, CO2 and N2

Abstract
Slick-water fracturing is the most routine form of well stimulation in shales; however N2,
LPG and CO2 have all been used as “exotic” stimulants in various hydrocarbon reservoirs. We
explore the use of these gases as stimulants on Green River shale to compare the form and
behavior of fractures in shale driven by different gas compositions and states and indexed by
breakdown pressure and the resulting morphology of the fracture networks. Fracturing is
completed on cylindrical samples containing a single blind axial borehole under simple triaxial
conditions with confining pressure ranging from 10~25 MPa and axial stress ranging from 0-35
MPa (  1   2   3 ). Results show that: 1) under the same stress conditions, CO2 returns the
highest breakdown pressure, followed by N2, and with H2O exhibiting the lowest breakdown
pressure; 2) CO2 fracturing, compared to other fracturing fluids, creates nominally the most
complex fracturing patterns as well as the roughest fracture surface and with the greatest apparent
local damage followed by H2O and then N2; 3) under conditions of constant injection rate, the
CO2 pressure build-up record exhibits condensation between ~5-7MPa and transits from gas to
liquid through a mixed-phase region rather than directly to liquid as for H2O and N2 which do not;
4) there is a positive correlation between minimum principal stress and breakdown pressure for
failure both by transverse fracturing ( s 3 axial ) and by longitudinal fracturing ( s 3 radial ) for
each fracturing fluid with CO2 having the highest correlation coefficient/slope and lowest for
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H2O. We explain these results in terms of a mechanistic understanding of breakdown, and
through correlations with the specific properties of the stimulating fluids.

2.1 Introduction
Hydraulic fracturing is a mature completion technique which has been extensively
applied in tight and unconventional gas reservoirs. For unconventional reservoirs such as shale
with extremely low permeability, long horizontal laterals with multi-staged hydraulic fractures
are necessary to deliver economic production. The introduction of hydraulic fractures
significantly increases flow rate because of large surface contact area between fractures and the
reservoir, enhanced permeability around the wellbore, and reduced fluid diffusion lengths (King,
2010; Vincent , 2010; Faraj & Brown, 2010).
Water-based fluids have become the predominant type of fracturing fluid. Sometimes N2
or CO2 gas is combined with the fracturing fluids to form foam as the base fluid. Other additives
can also be combined with N2 or CO2 to improve the efficiency, eg. coupling solids-free
viscoelastic surfactants (VES) with a carbon dioxide (CO2)-emulsified system to further enhance
cleanup in a depleted reservoir, extend the application to water-sensitive formations, and maintain
reservoir gas saturation to prevent any potential water blockage (Hall, et al., 2005); or
incorporating low-polymer-loading carboxymethyl guar polymer and a zirconium-based
crosslinker to minimize the damage and maximize production (Gupta, et al., 2009). For
unconventional reservoirs in arid areas the availability of water is sparse. In these cases, N2,
liquefied petroleum gas (LPG) or CO2 may become an “exotic” option for stimulation fluid. For
example, fracturing with CO2 has been used in places such as Wyoming where carbon dioxide
supply and infrastructure are available (Bullis, 2013).
Using CO2 or N2 as stimulation fluid has a number of potential advantages. Not only can
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it eliminate the need for large volume of water – approximately 5 million gallons per treatment –
but it can also reduce the amount of wastewater produced and therefore reduce the need for reinjection, which is known to induce seismicity in some cases (Weingarten et al., 2015) and the
environmental footprint of these operations. Energized fluids with a gas component can facilitate
gas flowback in tight, depleted or water sensitive formations and may be required when
drawdown pressures are smaller than the capillary forces in the formation (Friehauf & Sharma,
2009; Friehauf, 2009). Some recent studies suggest that using carbon dioxide can also result in a
more extensive and interconnected network of fractures, making it easier to extract the resource
(Ishida, et al., 2012). Other work argues that fractures created with N2 are more complex than
CO2 which in turn are more complex than those formed by H2O, where fracture pattern
complexity is based on the ratio of fracture surface area to rock volume, with rough, intricate
fracture having high complexity and greater potential to access pore space in tight shales and
other formations (Alpern et al., 2013; Gan et al., 2013).
Classic geomechanics models suggest that breakdown pressure is independent of fluid
type (composition) or state (gas or liquid) in that failure is controlled by effective stress, alone for
a given rock tensile strength (Hubbert & Willis, 1957; Biot, 1941; Haimson & Fairhurst, 1967).
However recent research suggests that fluid composition and/or state may have great influence on
breakdown pressure (Alpern, et al., 2012; Gan, et al., 2013). The purpose of this study is to
explore the development and behavior of fractures in Green River Shale (GRS) when injected
with H2O, CO2 and N2. We focus in particular on breakdown pressure and fracture morphology,
including fracture surface roughness and the complexity of the resulting fracture network.
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2.2 Experimental Method
The introduction and behavior of induced fractures in shale by H2O, CO2 and N2 are
investigated with respect to breakdown pressures and morphology of the resulting fracture
networks. These experiments are conducted on Green River shale.

2.2.1 Approach

Hydraulic fracturing experiments are conducted using intact cylindrical cores containing
a blind central borehole (~1/10-inch-diameter to depth of 1-inch). These experiments measure
breakdown pressure and examine the morphology of the resulting fracture. Cores are 1-inch
diameter and 2-inches long, sheathed in a jacket, and subjected to mean and deviatoric stresses in
a simple triaxial configuration. Multiple cores of GRS are tested with H2O, CO2 and N2. Postexperiment fracture surfaces are measured using a Zygo NewView 7300 scanning white light
interferometer for surface roughness and complexity.

2.2.2 Apparatus

All experiments in this study are completed using a standard triaxial apparatus configured
for hydraulic fracturing as shown in Figure 2.1 & Figure 2.2. The triaxial core holder (Temco)
accommodates the membrane-sheathed cylindrical samples (1-inch diameter and 2-inches long)
and applies independent loading in the radial and axial directions via syringe pumps.
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Figure 2.1 Hydraulic fracturing system. Containment vessel with platen and fluid feed assembly
and cell end-caps in foreground

Figure 2.2 Schematic of pulse test transient/hydraulic fracturing system (Wang, et al., 2011).
(ISCO pumps supply monitored confining and axial pressure; upstream reservoir supplies
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injection fluid and the fluid pressure is monitored; downstream is sealed at the bottom of the
sample; sample is sealed with a rubber jacket and a porous disk/end plug is used to inject fluid
into the sample. This set-up is also capable of acoustic emission and strain measurement as well
as gas concentration measurement, however these features are not used in this study.)

2.2.3 Sample Design and Seal Method

Green River shale samples with a diameter of 1-inch are trimmed by saw to a length of 2inches and then end-grounded. A central borehole (1/10-inch-diameter) is drilled to a depth of 1inch (Figure 2.3).
Calibration experiments are conducted with 27 samples of GRS to explore the
effectiveness of the method of sealing the sample, especially with corrosive and low viscosity
CO2. Calibration experiments are performed with three methods of sealing (Figure 2.4) to ensure
congruent results – with the simplest and least invasive of the methods used for the experimental
suite. The sealing methods are: (i) a platen with a single concentric O-ring encircling the central
injection port (Figure 2.4(A)) (ii) a double O-ring design (Figure 2.4(B)); and (iii) use of a
Swagelok fitting epoxied into the top borehole within the sample (Figure 2.4(C)). Of these, the
double O-ring design is the preferred method – simple and adequate. The single O-ring is an
effective seal for H2O but not for CO2. The high pressure fitting is an effective but unnecessary
seal compared to the dual O-ring design.
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Figure 2.3 Sample design.

A

Figure 2.4 Sealing methods: A): Single O-ring seal within the platen; B): Double O-ring seal; C):
Fitting design; D): Close-up of the fitting with barbs that are epoxied into the blind borehole
within the sample.

2.2.4 Standard Experiment Procedure

The jacketed sample is placed in the apparatus and axial and confining stresses are
applied. Once at the desired pressure, the axial stress is held constant and the pump controlling
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the confining stress set to constant volume with a pressure relaxation of ~0.6% which means
during the experiment the confining stress can be decreased by ~0.6% due to the instability of the
pump. With confining stress set to constant volume, a rapid increase in confining pressure can
also be used as a sign for sample failure. Fluid is then injected into the blind borehole at a
constant flow rate (1 ml/min for H2O; 5 ml/min for CO2 and N2). Breakdown in the sample is
observed as a rapid drop in the borehole pressure and a simultaneous jump in the confining
pressure (Figure 2.5). This defines the breakdown pressure with a typical log shown in Figure 2.5.

Figure 2.5 Typical pressure response during an hydraulic fracturing experiment. (Sample: Green
River shale; Stimulant: CO2; Confining stress: 10 MPa; Axial stress: 20 MPa; Breakdown
pressure: 19.3 MPa)

2.3 Results
Previous studies (Alpern, et al., 2012; Gan, et al., 2013) have shown that the breakdown
pressures and morphology of induced fractures are dependent on both the fracturing fluid and the
applied stress regime. We explore the mechanistic underpinnings of these observations in the
following, together with their consistency with the observed results in this study.
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2.3.1 Theoretical Considerations

Hydraulic fractures initiated from a cylindrical borehole in a simple-triaxial stress regime
will open against the minimum principal stress (i.e. in the plane of the maximum principal stress).
In our configuration, the fractures should develop either across the borehole (Figure 2.6-left)
when the axial stress is less than the confining stress, or along the borehole (Figure 2.6-right)
when the axial stress is the maximum stress.
When the axial stress is the maximum principal stress (Figure 2.6-right), failure is based
on the Hubbert and Willis (H-W) hydraulic fracturing criterion where the fracture evolves
perpendicular to the local minimum principal stress at the borehole wall, when the rock tensile
strength is exceeded. If there is no initial pore pressure in the rock, and assuming an elastic
medium, the breakdown pressure is given by:
𝑝𝑏 = 3𝜎ℎ𝑚𝑖𝑛 − 𝜎ℎ𝑚𝑎𝑥 + 𝜎𝑡

(2.1)

where 𝑝𝑏 is breakdown pressure, 𝜎ℎ𝑚𝑖𝑛 is minimum horizontal stress and 𝜎ℎ𝑚𝑎𝑥 is maximum
horizontal stress (both perpendicular to the borehole), and 𝜎𝑡 is the tensile strength of the rock.

Figure 2.6 Potential failure modes for different stress configurations
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In our experiments, and for the specific case of the longitudinal fracture of Case 2 then
and the breakdown pressure is given by
(2.2)
where

is the confining pressure (

). Thus, for these cylindrical samples, the

breakdown pressure should be solely a function of confining pressure for a defined tensile
strength.
When the axial stress is the minimum principal stress (Figure 2.6-left), the sample fails
transversely to the borehole. In this case the stress concentration around the tip of the borehole is
undefined at the sharp boundary of the borehole termination – acting as a stress concentrator.
Although theoretically undefined and large, it will be limited by blunting of the termination
geometry and local failure. In this case the breakdown pressure may be defined generically as
𝑝𝑏 = 𝐴𝜎𝑎 − 𝐵𝜎𝐶 + 𝐶𝜎𝑡

(2.3)

where A, B and C are coefficients for axial stress, confining stress and tensile strength. Thus a
similar arrangement may be applied to the H-W solution for a longitudinal fracture, with only the
magnitudes of the coefficients A and B changing. Absent a stress concentration, the coefficients
for Case 1 (when the confining stress is larger) would be
(when the axial stress is larger), A

0, B

2,C

and

, and for Case 2

1.

The results for the above equations are for the case that no fluid penetrates the borehole
wall (Hubbert & Willis, 1957). Where fluid penetration occurs, based on poroelastic theory
considering the poroelastic stress induced by the fluid permeation into rocks (Haimson &
Fairhurst, 1967), the revised expression for both Cases 1 and 2 may be redefined as:
(2.4)
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(2.5)
where 𝐴′ is the coefficient for axial stress; 𝐵′ is the coefficient for confining stress and C’ is the
coefficient on the tensile strength (always unity); ʋ is the Poisson ratio and α is the Biot
1

coefficient which reflects the poroelastic effect (Biot, 1941); 1+ŋ ranges between 0.5 (permeable,
where fluid is allowed entry into the borehole wall with ŋ=1, α=1 and ʋ=0.5) and 1 (impermeable,
where fluid is excluded from the borehole wall with ŋ=0 and α=0 which results in Eqn. (2.4)
collapsed into Eqn. (2.3)).
Similar to the impermeable cases, when 𝜎𝐶 <𝜎𝑎 the coefficients 𝐴′ =0 and 𝐵′ =2 for
longitudinal fracture (Case 2); when 𝜎𝐶 >𝜎𝑎 and neglecting the stress concentration effect, 𝐴′ =1
and 𝐵′ =0 for transverse fracture (Case 1).

2.3.2 Experimental Results

A large number of experiments are completed on GRS under various stress conditions at
ambient temperature. These experiments are completed for the three fracturing fluids H2O, CO2
(gas and liquid state) and N2 (gas state). Results are grouped according to stress conditions and
failure modes. For those failing longitudinally where the breakdown pressure is solely a function
of confining stress and a given constant tensile strength, breakdown pressures are shown scaled
with confining stress (Figure 2.7).
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Figure 2.7 Breakdown pressure as a function of confining stress (Case 2: longitudinal fracture).
Even though the results are somewhat scattered, the general trend is that CO2 has larger
breakdown pressures than N2, which in turn has higher breakdown pressures than H2O. If
interpreted using the concepts (Eqns. 2.3-2.5) discussed previously, the magnitudes of the tensile
strength are on the order of 4-10 MPa and the multiplier for the confining stress (B) is ~0.8-1.3.
The Brazilian test also shows the tensile strength of GRS is ~10 MPa (Table 1).
When the samples fail in a transverse mode, ignoring the stress concentration effect, the
breakdown pressure is principally controlled by axial stress. Breakdown pressures are shown as a
function of axial stress in Figure 2.8.
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Figure 2.8 Breakdown pressure as a function of axial stress (Case 1: transverse fracture).
Again, the breakdown pressures are greatest for CO2, lower for N2 and lowest for H2O.
Projected tensile strength, is in the order of 12-20 MPa. The coefficient of the axial stress (A) is
0.7-1.2.
One thing to notice is that under a constant injection rate, the CO2 pressure profile
presents an extended plateau of constant pressure (Figure 2.9B) due to condensation between ~57MPa. This condensation period implies that the CO2 transits from gas to liquid via a mixedphase region. Due to the nature of the other fluids, this is not observed for H2O and N2 (Figure
2.9).
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A

A

B

B

Figure 2.9 Typical fluid pressure profiles for fracturing with A) H2O and B) CO2, which shows
gas condensation behavior between ~5-7 MPa.

2.3.3 Application to Other Rock Types

Extensive attempts have been made to estimate the magnitude of wellbore breakdown
pressure through analytical, semi-analytical and numerical approaches (Kutter, 1970; Newman,
1971; Tweed & Rooke, 1973). The suitability of using GRS as an analog for other rock types may
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be established through comparison of index properties of strength, deformability, porosity and
permeability, as well as organic content. These are given in Table 1. More specifically, direct
scaling of fracture breakdown is possible when indices of extensional strength (tensile strength)
and capillary behavior (scaled from permeability and porosity) are applied.
The Green River shale is fine-grained, highly laminated, and with low-grade kerogen. Its
geomechanical properties are shown in Table 2.1.

Table 2.1 Geomechanical properties of Green River shale.
Rock type

GRS
9.3 MPa (load parallel to the bedding) (Li, et al., 2015)

Tensile strength, 𝝈𝑻

13.4 MPa (load perpendicular to the bedding)
Young’s Modulus, E

14.4 GPa

Permeability, k

~10-17 m2 (Culp, 2014)

~10% ( Morgan, et al., 2002)

Porosity, 𝝋

3.5-5 GPa (Bulk modulus of Kerogen) (Yan & Han, 2013)
Bulk Modulus, K
1.7-2.5 GPa (Shear modulus of Kerogen) (Yan & Han, 2013)

Poisson ratio, 𝒗

0.2 (Aadnoy & Looyeh, 2011)

Elastic moduli ratio, 𝒏

0.84 (Aadnoy & Looyeh, 2011)

17%~20%

TOC

The various responses for breakdown for GRS in each of the configurations are:
Longitudinal fracture (

):
:

(2.6)

:

(2.7)
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H 2O : pb  0.82 min  10.1MPa
Transverse fracture (

(2.8)

):
:

(2.9)

:

(2.10)
:

(2.11)

A straightforward interpretation of these breakdown pressure estimates is that the stress
offset is proportional or equal to the tensile strength. Further, the variation of the estimates with
different confining or axial stresses are due to the stress regime and the stress concentrations
around the borehole. Since the borehole configuration remains the same in all experiments, the
results should therefore scale with confining stress and tensile strength.

2.3.4 Fracture Surface Morphology Analysis

Fracture surfaces are measured using a Zygo NewView 7300 scanning white light
interferometer with a scan speed up to 135 µm/sec and a sub-nanometer resolution. Three samples
are fractured with either H2O, CO2 or N2, under a confining stress of 25 MPa and an axial stress
of 15 MPa and breakdown pressures measured (Figure 2.10). Only one fracture surface of the two
halves of each sample is profiled since the fracture surface of the two halves are complementary.
Three random spots with a 1.6 mm×1.6 mm window are captured from the surface of each sample
for measurement (Figure 2.11).
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Figure 2.10 Fracture patterns caused by A): H2O; B): CO2; C): N2. (Sample: Green River shale;
Confining stress: 25 MPa; Axial stress: 15 MPa)

Figure 2.11 The view of fracture surface on sample fractured with CO2

2.3.4.1 Roughness
There are many different surface roughness parameters in use, although arithmetic
average of the absolute values of the profile height deviations from the mean line, recorded within
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the evaluation length (Sa; Eqn. 2.12) is the most common. Other common parameters include root
mean square (RMS) Sq and the average distance between the highest peak and lowest valley in
each sampling length (Eqn. 2.15) Sz. RMS is the root mean square average of the profile height
deviations from the mean line, recorded within the evaluation length (Eqn. 2.13). Here fracture
roughness is characterized by Sa, Sq and Sz

Sa 

1 n
 yi
n i 1

(2.12)

1 n 2
yi
n i 1

(2.13)

Sq 

St  S p  Sv

(2.14)

1 s
St
l i 1 i

(2.15)

SZ 

where the roughness profile contains n ordered, equally spaced points along the trace; yi is the
vertical distance from the mean line to the i

th

data point; S p is the maximum peak height; S v is

the maximum valley depth; l is the number of sampling lengths; Sti is St for the i
length.
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Figure 2.12 Sa , Sq (RMS) and SZ of fracture surface fractured with H2O, CO2 and N2
The average Sa value for samples fractured with CO2, H2O and N2 are 18.73, 11.04 and

8.79 microns, respectively. The average Sq value for CO2, H2O and N2 are 22.94, 13.83 and 11.06
microns, respectively. In Figure 2.12 the errors bars indicate the uncertainty of the experiment
and variability of the data. Figure 2.12A & B show that there is a significant difference between:
CO2 vs. H2O; CO2 vs. N2 but Sa and Sq are indistinguishable within the uncertainty interval
between H2O vs. N2.
The average Sz value for fracturing with CO2, H2O and N2 hydraulic fracturing (HF)
samples are 141.23, 103.39 and 87.77 microns. Figure 2.12C shows that there is a significant
difference between: CO2 vs. N2 but Sz is indistinguishable within the uncertainty interval between
H2O vs. N2; CO2 vs. H2O.
Overall, the 2 figures above show that the HF surfaces for CO2 have the highest
roughness, followed by H2O, and then N2.
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2.3.4.2 Complexity
Fracture complexity can be evaluated by considering the fractal dimension. The fractal
characteristics of the artificial fractures has been investigated using the spectral method (Power &
Durhum, 1997), which describes the relation between the logarithms of power spectral density
(PSD) and spatial frequency as linear for a fractal, with the slope of the line giveing the fractal
dimension (Figure 2.13). When the PSD of the surface heights G(f) is given as a function of the
spatial frequency f by

G( f )  Af 

(2.16)

the fractal dimension of the surface (1<D<2) is determined by

D

5 
2

(2.17)

where α is the power in Eqn. 2.16, determined from the slope of the log-log plot of G(f).
Therefore the fractal dimension of the fracture surface in Figure 2.11 is determined to be 1.84,
since α is 1.323.

Figure 2.13 Relationship between the logarithm of power spectral density and spatial frequency.
(CO2 HF sample; #1 measurement; x direction)
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The 1-D fractal dimension along the x and y direction of each measurement are shown in Table
2.2.
Table 2.2 1-D fractal dimension along the x and y direction for each measurement.
CO2

H2O

N2

Fractal Dimension, D1(x)

1.84~1.91

1.75~1.83

1.71~1.8

Fractal Dimension, D1(y)

1.77~1.85

1.8~1.84

1.73~1.81

Overall, CO2 HF surfaces have the highest fractal dimension, followed by H2O, and then
N2. Hence, CO2 HF surfaces are the most complex ones, followed by H2O, and then N2.

2.3.4.3 Other Statistics
The mean and standard deviation of the distance away from the measuring mean plane
are also calculated for statistic purpose. All of the fractures resulting from the three fracturing
fluids have very similar mean values which is approximately zero (Table 2.3), and showing a
normal distribution. However CO2 has the highest standard deviation, indicating that the data
points are spread out over a wider range of values, compared to H2O and N2 whose data points
tend to be closer to the mean. These data also support that CO2 HF surface is the most complex
and roughest.
Table 2.3 The mean and standard deviation of the distance away from the measuring mean plane.
CO2

H2O

N2

Mean (mm)

-0.00781~-0.028342

-0.00752~-0.01226

-0.03353~0.0033136

Standard Deviation

0.4784~0.79343

0.375587~0.52368

0.300645~0.505261

Detailed statistics of each measurement can be found in Table 2.4.
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Table 2.4 Statistics of each measurement.
CO2

H2O

N2

Parameter (unit)

#1

#2

#3

#1

#2

#3

#1

#2

#3

Sa (µm)

20.519

12.405

23.251

10.085

13.796

9.233

9.168

8.214

8.977

Sq (RMS) (µm)

24.631

15.488

28.705

12.369

17.611

11.496

11.310

10.586

11.294

Sz (µm)

134.521

110.942

178.226

96.894

125.042

88.225

72.992

75.678

114.626

Mode (mm)

12.249

3.410720

3.1729

-4.6531

4.6502

-0.9059

1.7671

-1.7399

1.1852

Median (mm)

2.83253

1.19189

0.4995

-0.2928

0.2737

0.41743

0.30731

-0.2264

0.038935

Mean (mm)

-0.028342

-0.00781

-0.02127

-0.01226

-0.00752

-0.01055

-0.03353

0.0033136

-0.026538

Standard

0.596503

0.4784

0.79343

0.4371

0.52368

0.375587

0.300645

0.313302

0.505261

1.84

1.86

1.91

1.79

1.83

1.75

1.77

1.8

1.71

1.85

1.84

1.77

1.8

1.84

1.80

1.73

1.81

1.73

Deviation
Fractal
Dimension, D1(x)
Fractal
Dimension, D1(y)

2.4 Discussion
A large number of experiments completed in Green River shale indicate the following:
1) Under the same applied stress conditions, CO2 returns the highest breakdown pressure,
followed by N2, and then H2O. The distribution in breakdown pressures is of the order of
~25% to ~30% of the maximum breakdown pressure for this progression of fluids from
highest (with CO2) to lowest (with H2O). Under the same conditions of in situ rock stress and
flow rate, CO2 has the higher breakdown pressure compared to N2, possibly in part due to its
higher viscosity (Ishida, et al., 2012) and higher molecular weight (Alpern, et al., 2012). In
our study another reason for CO2 having higher breakdown pressure compared to H2O could
be attributed to higher flow rate (5ml/min for CO2; 1ml/min for H2O) of CO2 injection
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(Schmitt & Zoback, 1993) (Garagash, & Detournay, 1997). For CO2 fracturing, the pore
pressures cannot be recharged during the short time of the rapid pressurization with
infiltration, placing the sample at a higher effective confining stress and making it both stiffer
and more difficult to break. Since the initial pore pressure within the sample is zero in our
experiments and the flow of fluid exerts an equivalent body force on the medium, the higher
pore pressure gradient from the borehole wall to the outer boundary of the sample may result
in larger induced compressive infiltration stresses at the borehole wall which must be
overcome in order to initiate fracture. Lubinski (Lubinski, 1954) suggests that the magnitude
of the compressive stress produced by fluid infiltration is directly in proportion to the
difference between injection fluid pressure and far-field pore pressure (Eqn. 2.18 & 2.19).
The effect is similar to the temperature gradient on an elastic medium, as

1  2 1
)
( p   p0 )r n1dr
1   r n rw
r

 fr  (n  1)  (

  1

K
Km

(2.18)

(2.19)

where σfr is the induced compressive infiltration stresses (also known as seepage stress); n=2
(cylindrical flow) or 3 (spherical flow); β describes the compressibility of the material at
some level; K is the bulk modulus of the porous material; Km is the bulk modulus of the interpore material; ʋ is the Poisson’s ratio; r is the current radial location; rw is the wellbore
radius; p is the pore pressure at a distance r away from the wellbore; p0 is the far-field pore
pressure.

Therefore diminished pore pressures within the rock matrix results in higher

compressive infiltration stresses which can act against, and therefore further postpone,
fracture as observed for the CO2 tests with fast injection rate.
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A very subtle pore pressure drop (usually around 0.2~0.3MPa) just before failure is
observed in most of the CO2 experiments, providing another piece of evidence for diminished
pore pressure. This drop in pore pressure is known as "dilatancy hardening" in compressive
failure tests (Brace & Martin III, 1968) where it is defined as a consequence of new porosity
produced in the irreversible damage of the rocks prior to failure. These slight drops in pore
pressure before failure might indicate dilatancy of the rock occurred immediately prior to
failure as well as increased permeability which possibly results from the production of
dilatant porosity such that conductive paths within the rock structure are enhanced and fluid
would be expected to flow into highly porous regions. Another possible reason for CO2
having the highest breakdown pressure followed by N2 and then H2O could be stress
corrosion (Anderson & Grew, 1977). In this case, time-dependent chemical reactions aid in
bond breaking near the initial crack tip. In our experiments, tensile failure of the samples
typically take ~20 minutes for CO2, ~12 minutes for N2, and ~2 minutes for H2O
2). Fracturing with CO2, compared to other fracturing fluids, creates marginally more complex
fracturing patterns (characterized by fractal dimension) as well as the roughest fracture
surface (characterized by Sa, Sq and Sz) and with the greatest apparent local damage, followed
by H2O and then N2. Study shows that low viscosity fluid tends to generate cracks extending
more three dimensionally with a larger fractal dimension (Ishida, et al., 2004; Ishida, et al.,
2012). This viscosity dependent behavior can be explained through the fluid loss equation,
which indicates that a fracturing fluid with high viscosity results in a low rate of fluid-loss.
Carter (Carter, 1957) assumed that, for a fracture of uniform width that the fluid-loss velocity
normal to the fracturing faces, vl , takes the following form

vl 

Kl
t 

(2.20)
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where vl is the fluid-loss velocity; Kl is the overall fluid-loss coefficient and t is the current
time; τ is the time when filtration starts. Kl includes three effects: 1) viscosity and relativepermeability effects of the fracturing fluid, 2) reservoir- fluid viscosity-compressibility
effects, 3) wall-building effects. Howard and Fast (Howard & Fast, 1957) proposed that the
relation between Kl and viscosity is as following

Kl 

1



(2.21)

Thus fracturing fluid with high viscosity results in low fluid-loss rates and hence less leak-off
from the generated fracture plane. Therefore the pressure in the produced facture can readily
increase with the viscous fluid. Thus, the extension of a less complex fracture develops as a
consequence,
Among these three fluids, N2 has the smallest viscosity, followed by CO2 and then
H2O. These considerations support well the observation of CO2 HF surfaces being more
complex than H2O HF surfaces, but does not necessarily explain why N2 HF surfaces are the
least complex. Other literature also provides some other explanations that the geometry and
dimensionality of some fractures may be a function of the fracture initiation point/borehole
termination, failure pressure, and the physical characteristics of the testing material (Culp,
2014).
3) Under a constant injection rate, the CO2 pressure response shows a long plateau of constant
pressure due to condensation between ~5-7MPa. This condensation period implies the transit
of CO2 from gas to liquid through a mixed-phase region. Due to the features of the other
fracturing fluid, this is not observed for H2O and N2 .
4). There is a positive correlation between minimum principal stress and breakdown pressure for
failure in both transverse fracturing ( s 3 axial ) and longitudinal fracturing ( s 3 radial ). CO2
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has the highest correlation coefficient/slope and H2O has the lowest. This observation can be
explained with the specific properties of the stimulating fluids and experiment conditions as
illustrated in notation 1.
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Chapter 3
Permeability Evolution of Propped Artificial Fractures in Green River Shale

Abstract
Through laboratory experiments with artificial propped fractures in Green River Shale,
this paper compares the evolution of permeability for native CH4 and with those of sorbing CO2,
slightly sorbing N2 and non-sorbing He,as a function of pore pressure. The findings from these
experiments help to understand proppant embedment and fracture diagenesis in shales.
Experiments were conducted on 1 inch diameter, 2 inch long split cylindrical samples
sandwiched with proppant at a constant confining stress of 20 MPa and with varied pore pressure
— increases in pore pressure represent concomitant decreases in effective stress. Permeability
and sorption characteristics are measured by pulse transient methods. To explore the effect of
swelling and embedment on fracture surface geometry, we measure the evolution of transport
characteristics for different proppant geometries (single layer vs. multi-layer), gas saturation, and
sample variance. In order to simulate both production and enhanced gas recovery processes, both
injection and depletion cases are investigated. Embedment morphology is measured by scanning
white light interferometry and characterized by roughness through a variety of surface roughness
parameters including Sa, Sq and Sz as well as complexity through fractal dimension.
For both strongly- (CO2, CH4) and slightly-adsorptive gases (N2) the permeability first
decreases when gas pressure increases because of swelling. It then increases beyond the
Langmuir threshold due to the over-riding influence of effective stresses. Due to its highest
adsorptive affinity, CO2 returns the lowest permeability among these three gas permeants.
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Compared to the case of a mono-layer propped sample, the sample with four layers exhibits less
swelling as implied by its elevated k/k0 ratio and reduced embedment surface roughness and
complexity. Interestingly the duration of gas exposure and saturation tested here which is up to
~20 hrs does not have a significant influence on permeability for either adsorptive or nonadsorptive gases. Permeabilities recovered from both injection and depletion cycles generally
overlap each other and are repeatable with little hysteresis. This suggests the dominant role of
reversible swelling over irreversible embedment. Permeability variance between different
samples is of the order of ~1.5 - 2 times but with repeatable trends and order of magnitude parity.
Gas permeant composition and related swelling effects exert important influences on the
permeability evolution of shales under nominally in situ conditions.

3.1 Introduction
Gas transport in shale is different from that in other rock types due to gas sorptioninduced shale swelling (Wang, et al., 2011; Kumar, et al., 2015). Mature shale gas plays are
similar to coal (Pellenq, et al., 2012) in terms of swelling and permeability response. Adsorption
of sorbing gases such as CO2 in micropores results in matrix swelling, permeability destruction in
natural fractures and the restriction of fluid flow even when the porous medium is mechanically
unconstrained. However this potential loss of permeability is temporary. Once it reaches a
threshold pressure, equivalent to approximately double the Langmuir pressure, permeability will
rebound and typically increase as the effective stress decreases (Siriwardane, et al., 2009;
Somerton, et al., 1975).
Shales, as unconventional reservoirs with extremely low permeability, are often
hydraulically fractured with proppant-slurry injected into the hydraulic fractures to create and
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maintain enhanced permeability. Both experiments (Piggott & Elsworth, 1993; Walsh, 1981) and
numerical models (Bai & Elsworth, 1994; Elsworth & Yasuhara, 2010; Yasuhara & Elsworth,
2008; Yasuhara, et al., 2006) have been developed for fractured rocks to investigate the evolution
of permeability under different mechanical, chemical, thermal and hydraulic conditions. The
dynamics of effective stresses in shales may reduce fracture aperture due to the embedment of
proppants into the surface of the hydraulic fracture (Freeman, et al., 2009; Lacy, et al., 1997).
Morphological analyses of surface asperities have been tested to determine stress effect on
proppant breakage and embedment (Cooke, 1977). Previous work shows that if the proppant layer
is sufficiently thick then the surface asperities do not play a significant role in the evolution of
fracture permeability (Stoddard, et al., 2011). Alramahi and Sundberg (2012) demonstrated that
the conductivity of hydraulic fracture is stress-dependent and related to proppant embedment, the
degree of which is correlated to mineralogy.
Although the behaviors of artificial fractures in granite, limestone and carbonates have
been reported in literature, the response of proppant packs in shales is less well defined due to the
complex behaviors of shale reservoirs. Through laboratory experiments with artificial propped
fractures in Green River Shale, this paper compares the permeability evolution of native CH4 with
those of sorbing CO2, slightly-sorbing N2 and non-sorbing He, as a function of pore pressure. To
explore the effect of swelling and embedment on surface geometry we measure the evolution of
transport characteristics with various proppant geometries (single layer vs. multi-layered
samples), gas saturation, and sample heterogeneity. These experiments can be viewed as analogs
to proppant embedment and fracture diagenesis in shales during production and enhanced gas
recovery.
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3.2 Experimental Methods
We saturate longitudinally split cores of shale separated by a monolayer (maximum
adsorption influence) or four layers (minimum adsorption influence) of proppant with He, N2,
CH4 and CO2. We measure permeability evolution via pulse tests as mean gas pressure is first
incremented (injection process) then decremented (depletion process). We then examine the post
embedment form of the fracture surface. Finally, we use the observations to define the
mechanistic response of fractures in swelling shales containing proppant packs.

3.2.1 Apparatus

The observations reported in this study are recovered from a standard triaxial apparatus
arranged for flow-through/pulse permeability testing and hydraulic fracturing (Figure 3.1). A
triaxial core holder (Temco) accommodates the membrane-sheathed cylindrical samples (1 inch
diameter and 2 inches long) and applies independent loading in the radial and axial directions.

Figure 3.1 Schematic of pulse test transient/hydraulic fracturing system (Wang, et al., 2011).
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Constant conﬁning (20 MPa) and axial stresses (10 MPa) are applied individually with
two syringe pumps (Isco 500D) with control to ±0.07 MPa. Upstream and downstream gas
reservoirs are used for pulse testing of permeability. Gas pressure is applied by a third syringe
pump (Isco 500HP) with the downstream reservoir ~1 MPa lower than the upstream pressure to
measure H2, N2, CH4 and CO2 permeabilities through both mono-layer and also multi-layer (four
layers) of proppant in artificial fractures with gas permeants.
The cylindrical sample is held within the core holder between two cylindrical stainless
steel platens. Each platen contains end plugs equipped with a flow line and fluid distributors. The
sample and axial platens are isolated from the confining fluid by a Viton rubber jacket. The end
plugs are connected to two small-volume stainless steel gas reservoirs through tubing and
isolating valves. Upstream and downstream fluid pressures are measured by pressure transducers
(Omega PX302-2KGV and Omega PX302-5KGV) to a resolution of ±0.03 MPa. The gaspressurized upstream reservoir is discharged through the sample to the downstream reservoir with
equilibration time defining the permeability of the sample (Brace, et al., 1968; Hsieh, et al.,
1981). Volume change effects due to the high compressibility of gas in the reservoirs are
minimized by immersing the gas reservoirs in water baths to maintain constant ambient
temperature. Pressure, flow rate, and fluid volume signals obtained from the Isco pumps are
controlled and/or recorded through National Instruments Labview DAQ and a serial connection
(RS-232) between the pumps and the logging computer. The signals are then logged digitally at
sampling rates from 1 Hz to 1 kHz using Labview.

3.2.2 Sample Preparation

A cylindrical sample 1-inch in diameter and 2-inches long is axially split into two halfcylinders. The sufaces are polished with grinding medium and then sandwiched with either a
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single layer or four layers of carbolite 40/80 mesh proppant. The pure gases used in this study are
CO2 and CH4 at purities of 99.995%, He at a purity of 99.999% and N2 at a purity of 99.9999%.

3.2.3 Standard Test Procedure

The pressure transient or pulse method is used to conduct the gas ﬂow experiments. In a
typical experiment, the sample is placed into the triaxial core holder and both conﬁning stress and
axial stresses are applied and then held constant. The core assembly is then vacuum desaturated to
evacuate any remnant traces of the previously-tested gas after each experiment. A pressure
increment is then applied to the upstream reservoir and discharged through the sample to the
downstream gas reservoir. The time taken for the upstream reservoir to discharge into the
downstream reservoir and to establish a new equilibrium pressure is measured. This pattern is
repeated for multiple cycles using the desired gas permeants to establish a relation between
permeability and gas pressure, including the effects of proppant embedment. In this study, applied
gas pressures range between 2 and 12 MPa.
The pressure decay rate in the upstream reservoir and the pressure increase rate in the
downstream reservoir are used to calculate permeability. The pulse decay behavior depends on
the permeability, the dimensions of the sample and reservoirs, and also the physical properties of
the permeants. The pressure transient method is used to determine permeability (Brace, et al.,
1968; Hsieh,

et al., 1981). The governing equation for the pressure pulse through the shale

sample can be expressed as follows:

Pup (t )  Pdn (t )  ( Pup (t0 )  Pdn (t0 ))e  t
k

 LVupVdn
A(Vup  Vdn ) K

(3.1)

(3.2)
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K  v2 

(3.3)

where Pup (t )  Pdn (t ) is the pressure difference between the upstream and downstream reservoirs
at time t; and Pup (t0 )  Pdn (t0 ) is the initial pressure difference between the upstream and
downstream reservoirs at time t0;  is the slope of the pressure decay Pup (t )  Pdn (t ) (semi-log)
against time; A and L are the cross-sectional area and length of the sample, respectively, which
define the dimensions of the sample; μ, Vup, and Vdn are the dynamic viscosity of the gas, and the
volume of the upstream reservoir and downstream reservoir, respectively. K, v and  are the bulk
modulus, speed of sound and fluid density of the gas permeant at defined pressure and ambient
temperature. Permeability k then is calculated from Eq. (3.2) where it is the only unknown.

3.3 Results
Variance factors are examined in this study to investigate permeability evolution with
different gas permeants. Those factors include the effect of sorption-induced swelling, the
duration of gas exposure and saturation, the injection/depletion process and natural variance
between different samples.

3.3.1 Prior Results on Sorbing Media

This study examines the evolution of permeability of propped fractures in the presence of
permeants – He, N2, CH4 and CO2 - as potential natural in situ or stimulating fluids. Among these
four gas permeants, CO2 has the highest adsorptive affinity, followed by CH4 and then N2,
whereas He is essentially a non-sorbing gas. CO2 has the highest adsorption-induced swelling and
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therefore the largest potential impact on permeability at low pressures. The influence of gas
adsorption on permeability under constant external stress results in a typical U-shaped curve as
pore pressure increases (Figure 3.2). In this event permeability first decreases due to adsorptioninduced swelling, and then this mechanism is overtaken by the dilative effects of reduced
effective stresses when permeability increases. In contrast, for non-sorbing gas like He,
permeability increases as pore pressures increases due solely to the reduction in effective stress.

Figure 3.2 Typical adsorptive gas permeability behavior (Wang, et al., 2011).

3.3.2 Experimental Results

Experiments are completed on Green River Shale under constant total (external)
confining stress of 20 MPa by first incrementing gas pressures and then decrementing them in ~1
MPa steps. The experiments are conducted by injecting (increasing gas pressure) He and then
retreating to the original pressure. This is followed by a similar cycle with N2, CH4 and then CO2
to compare the permeability stimulated by different gases on the same sample and also the
consistency between injection and depletion processes for each permeating fluid. For each gas
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type except He, at least two different samples are tested to investigate the natural variance
between different samples. The swelling effect is studied by comparing the CO2 permeability
through mono-layer propped and multi-layered samples. Effect of gas exposure and saturation is
investigated by exposing the sample to CO2 for different periods of time.

3.3.2.1 Effect of Different Gas Permeants
The permeabilities of a fracture propped with a mono-layer are measured using nonsorbing gas (He) and sorbing gas (N2, CH4 and CO2) and show different trends. For non-sorbing
gas, permeability increases with pore pressure due to the decrease of effective stress, but for
sorbing gas, permeabilities first decrease and then recover as pore pressure increases above a
threshold which is slightly less than double the Langmuir pressure for that gas (Figure 3.3). The
extent of the decrease and rebound depends on the adsorptive affinity of the gases. Under
constant confining pressure, an increase in gas pressure tends to dilate the fracture and therefore
increase the permeability. However, adsorption-induced swelling closes the fracture and results in
permeability reduction. The net change in permeability depends on the combined effects of these
two processes. Figure 3.3 indicates that as pore pressure increases, the reduction in permeability
induced by swelling first dominates. However, for Langmuir-type swelling, the swelling rate
gradually decreases as pore pressure reaches double the Langmuir pressure. Then permeability
increases with the reduction in effective stress, which ultimately overrides the influence of
swelling.
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Figure 3.3 The relation between the Langmuir pressure threshold and the trough of the U-shaped
curve for an adsorptive gas.
Figure 3.4 shows that the He permeability (non-sorbing gas) for our monolayer proppant
configuration increases by 1.2 times as the gas pressure increases from 2.2 MPa to 12.2 MPa. The
sorbing gases N2, CH4 and CO2 all show a typical U-shaped curve with N2 having the highest
permeability magnitude, followed by CH4 and then CO2. The net permeability change is
controlled by the competition of permeability reduction induced by swelling with permeability
enhancement caused by the reduced effective stress. For N2, the permeability decreases by 54%
for gas pressures in the range 2.2 MPa to 8 MPa. A permeability rebound for N2 is not observed
in this sample due to the upper limit of the gas pressure performed in this single test. However, it
is observed in Fig. 3.10A simply because the gas pressure is sufficiently high. For CH4,
permeability decreases by 31% when gas pressure increases from 3.5 MPa to 7.5 MPa and then
rebounds to 77% of the initial permeability at a final gas pressure of 9.4 MPa. For CO2,
permeability first decreases by 63% for pore pressures from 2.1 MPa to 6.1 MPa, and then
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increases above 6.1 MPa. The downward shift of the of the high-pressure portion of the U-shaped
curve for CO2 is due to a decrease in the compressibility as the fluid transitions to a liquid above
~8MPa (experimental temperature is room temperature; ~25 °C). The threshold (minimum) in the
U-shaped curve for CO2 is lower than that for CH4 (Figure 3.4) indicating that the Langmuir
pressure of CO2 is lower than that of CH4, consistent with previous studies (Heller & Zoback,
2014).

Figure 3.4 Permeability evolution in GRS samples upon injection of He, N2, CH4, CO2. The
observations are made by incrementing gas pressure at constant confining pressure of 20 MPa
and with mono-layer proppant.

3.3.2.2 Effect of Adsorption-induced Swelling
To investigate the relative effects of adsorption-induced swelling in propped shale, we
contrast the performance of a multi-layered propped sample (four layers) with the monolayer
propped sample. Figure 3.5 shows the permeability evolution in these two cases for the injection
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of CO2. The permeability of the mono-layer propped fracture is consistently slightly lower than
that of the multilayer propped fracture.

Figure 3.5 Permeability evolution of multi-layered and mono-layered propped fractures under the
injection of CO2.
A bead-packed channel with multi-layers of proppant can be considered as a plane
channel of aperture b, filled with a porous material with permeability kf and fluid flow around a
packed assemblage of spheres of uniform size as
Q

where

P
bk W
L f

(3.4)

is the temperature-dependent dynamic viscosity of the fluid [M L-1 T-1], L is the length

of the fracture [L], W is the width of the fracture [L], Q is the flow rate [L3 T-1], dP is the
differential pressure [M T-2 L-1], and b is the hydraulic aperture of the fracture [L].
Slichter (Slichter, 1899) performed a theoretical analysis of fluid flow through packed
spheres of uniform size and introduced packing as a factor influencing permeability, as,

kf

10.2d 2
ks

(3.5)
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where d is the sphere diameter [L] and ks is a packing constant that is a function of porosity, 
(for hexagonal packing,  = 26% and ks = 84.4; for cubic packing,  = 45% and ks = 13.7). One of
the more well-known correlations was developed by Kozeny (Kozeny, 1927) and later modified
by Carmen (Carman, 1937). This is based on fundamental flow principles by considering the
porous medium as a bundle of capillary tubes with the spaces between filled with a non-porous
material:
kf

Where 𝑓 is the porosity,

2

(3.6)

8

is the mean capillary diameter, τ is the tortuosity defined as the square

of the ratio between the effective channel length Le due to the tortuous path and the length L of
the porous body (τ ≡ (Le/L)2 with τ=25/12 for a bed of uniform particles).
This can also be expressed as

kf

3 2

d

)2
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.

(3.7)

Specifically, within the Kozeny-Carman formalism, let us assume that τ varies with
porosity

. Consider one candidate equation for this dependence:
(1

1

)/2

(3.8)

as defined theoretically by Berryman (Berryman, 1981).
For a channel filled with a bed of uniform particles representing the mono-layered
sample, the porosity can be readily calculated as 47.64%. For a face-centered cubic (FCC)
geometry which represents the multi-layered sample, the porosity is in the range 25%-50%;
therefore if we use equation (3.8) for τ, then the ratio between the permeability of a monolayer
propped fracture and that of the multi-layered sample is 0.57 (if the porosity of the multi-layered
sample is 50%) or 30 (if the porosity of the multi-layered sample is 25%). As we can see from
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Figure 3.5, in our experiment, the ratio between the permeability of monolayered sample and that
of the multi-layered sample is ~0.9 which falls within this range (0.57~30).
The modeling of porosity-permeability relations dates back to Rose (1945):
k

m

(3.9)

where m is an exponent typically determined empirically. For the parallel plate approximation, m
= 3; and for the Kozeny-Carman formalism, m = 1; some other literature (Chandra, 2012) argues
that for grain communication, m can be as high as ~9.8-17.8. Therefore an observed change in
permeability can be a proxy for changes in porosity. If we assume that the relative particle to
particle geometry changes little during the permeability evolution, then the change in
permeability/porosity is mainly due to swelling that removes the pore space in the proppant-filled
fracture during the experiment when the fracture is exposed to adsorptive gases. Figure 3.6 shows
that the multi-layer propped sample is less sensitive to swelling compared to the monolayer
sample, which exhibits a lower k/k0 ratio. The permeability evolution indicates that the
permeability of the multi-layer propped fracture with greater proppant support decreases by 58%
whereas for the monolayer propped fracture, this value is 63%. This comparison is also supported
by morphological analysis of embedment in the fracture surfaces, discussed later.
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Figure 3.6 The k/k0 ratio between multi-layers (four layers) and mono-layer propped fracture
under the injection of CO2.

3.3.2.3 Effect of Gas Exposure and Gas Saturation
To investigate the effect of gas exposure and saturation, we exposed the monolayered
sample to the gas permeants for different durations (up to ~20 hrs) at an equilibrium gas pressure
of ~3.7 MPa. Two gases are used: non-sorbing He and strongly-sorbing CO2. Although the
permeability to sorbing gas in coal is found to be a function of gas exposure time (Shimada, et al.,
2005), as shown in Figure 3.7, our data indicate that gas exposure time tested here which is up to
~20hrs does not exert a significant influence on permeability in Green River Shale. This is
because the intrinsic permeability of the rock (10-19 m2) is too low for significant gas flow from
the fracture into the sample during the duration of the experiment and thus the impact of swelling
in the sample is small. However, infiltration a short distance into the fracture wall will be rapid,
and thus the impact on embedment is appropriately probed in these experiments. The nonsaturated case (saturation time = 0 hr) and fully-saturated case (saturation time = ~20 hrs) exhibit
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similar permeability for both the sorbing and non-sorbing gases. CO2 has a lower permeability
compared to He due to its adsorptive affinity to shale which results in swelling of the rock matrix
and hence decreased permeability. The results imply that 20 hrs is an insufficient duration to
cause swelling of the sample interior (distinct from the fracture surface) considering the low
permeability of GRS and low diffusion coefficient to CO2. Exposure time would have an effect,
but over timescales >20 hrs.

Figure 3.7 Effect of saturation time on permeability with He and CO2 as gas permeants

3.3.2.4 Consistency between Injection and Depletion
Once well production declines to near-zero productivity, well stimulation including
hydraulic fracturing may be used to increase production. Enhanced Gas Recovery (EGR) is
another way to boost production by utilizing the high adsorptive affinity of gases like CO2 to
chemically displace CH4. To explore this process in our study, experiments are conducted on a
monolayer propped sample by injecting (increasing gas pressure) gas permeants and then
retreating to the original pressure to simulate EGR and also the production-depletion processes.
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Figure 3.8 shows similar trends in permeability evolution between injection and depletion
processes for all of the gas permeants. Notably, during the CO2 depletion process, permeability is
unstably high at the pressure for liquid-to-gas transition for CO2 (~7 MPa). The same
phenomenon is also observed in the depletion process for the multi-layered sample (figure not
shown). This is due to the sudden volume increase causing a high apparent permeability when
fluid transits from liquid to gas state due to a storage effect. During the depletion process, where
CO2 pressure decreases, it transits into a condensation region where fluid volume increases but
pressure stays the same (Figure 3.9). This was first noted by Andrews (1869), who showed the
effect of pressure on volume of CO2 at different temperatures. Therefore the sudden increase in
volume results in an increase in apparent permeability as the traditional permeability relation does
not account for the phase transition.

A
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B

C

D

Figure 3.8 Permeablity evolution during injection and depletion processes with different gas
permeants.
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Figure 3.9 p, V isothermals for CO2 (Andrews, 1869).

3.3.2.5 Natural Variance between Different Samples
We tested two different monolayer propped samples for N2, CH4 and three for CO2 to
investigate the effect of natural variance between samples (Figure 3.10). Results show that the
differences in permeability between otherwise identical samples and experiments run with N2,
CH4 and CO2 are on the order of ~1.3-2 times. Previous work suggests that differences in
permeability between samples can be up to the 2 order of magnitude, and may be attributed their
mineral composition (organic matter, clay, heavy minerals), lithology (Kumar, et al., 2015) and
the orientation of bedding to fracture, proppant packing, etc.
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B

C

Figure 3.10 The permeability evolution in different GRS samples on injection of N2, CH4, CO2.
The observations were made on incrementing gas pressures at constant confining pressure of 20
MPa.
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3.3.2.6 Proppant Embedment Morphological Analysis
Proppant embedment morphologies are measured using a Zygo NewView 7300 scanning
white light interferometry with a scan speed of up to 135 µm/sec and sub-nanometer resolution.
Figure 3.11 shows the effects of proppant embedment after the test.

Figure 3.11 Proppant embedment after a test (monolayer sample).
Three different samples are measured, namely: monolayered, multi-layered (four layers
of proppant) and pre-experiment samples (used as control). Only one embedment surface of the
two halves of each sample is profiled. Three random spots with a 1.6 mm×1.6 mm window are
captured from the surface of each sample for measurement (Figure 3.12).
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Figure 3.12 The view of embedment surface on sample propped with four layers of proppant
3.3.2.6.1 Roughness
The remnant embedment effect is manifest as a measurable surface roughness that may
be characterized by a variety of surface roughness parameters. These include the arithmetic
average of the absolute values of the profile height deviations from the mean line, recorded within
the evaluation length (Sa; Eqn. 3.10) as the most common. Other common parameters include root
mean square (RMS) Sq and the average distance between the highest peak and lowest valley in
each sampling length (Eqn. 3.13) Sz. RMS is the root mean square average of the profile height
deviations from the mean line, recorded within the evaluation length (Eqn. 3.11). Here surface
roughness is characterized by Sa, Sq and Sz.

Sa 

1 n
 yi
n i 1

Sq 

1 n 2
yi
n i 1

(3.10)

(3.11)
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SZ 

where the roughness profile contains n ordered, equally spaced points along the trace; yi is the
vertical distance from the mean line to the i

th

data point; S p is the maximum peak height; S v is

the maximum valley depth; l is the number of sampling lengths; Sti is St for the i

th

sampling

length.

Sa

Figure 3.13 Sa , Sq (RMS) and Sz of embedment surface of multi-layered (red), monolayered
(blue) samples and pre-experiment samples (green) as a control.
The average Sa values for samples propped with four layers and single layer of proppant
as well as pre-experiment sample are 2.85, 4.65 and 0.41 microns, respectively. The average Sq
values for these three samples are 4.81, 8.42 and 0.55 microns, respectively. The average Sz
values for these three samples are 69.49, 99.11 and 16.28 microns, respectively. In Figure 3.13
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the error bars indicate the uncertainty of the experiment and variability of the data. Figure 3.12A,
B & C show that there is a significant difference between these three samples. The preexperiment sample is the smoothest, with no embedment effect. Swelling effects are likely
reversible, whereas embedment due to plasticizing of the organic component, or due to
destructive indentation is likely irreversible. Therefore, we conclude that the monolayer propped
sample has the highest roughness due to the most significant embedment effect compared to the
multi-layered sample (Figure 3.14), implying that the monolayer propped sample subjected to
greater swelling effect compared with the multi-layered sample.

Figure 3.14 Illustration of mono-layered vs. multi-layered sample.
3.3.2.6.2 Complexity
Complexity of the embedment surface can be evaluated by considering the fractal
dimension. The fractal characteristics of the artificial fractures have been investigated using the
spectral method (Power & Durham, 1997), which describes the relation between the logarithms of
power spectral density (PSD) and spatial frequency as linear for a fractal, with the slope of the
line giving the fractal dimension (Figure 3.15). When the PSD of the surface heights G(f) is given
as a function of the spatial frequency f by
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G( f )  Af  ,

(3.14)

the 1-D fractal dimension of the surface (1<D<2) is determined by

D

5 
2

(3.15)

where α is the power in Eqn. 3.14, determined from the slope of the log-log plot of G(f).
Therefore the fractal dimension of the fracture surface in Figure 3.15 is determined to be 1.25,
since α is 2.499.

Figure 3.15 Relationship between the logarithm of power spectral density and spatial frequency.
(multi-layered sample; #1 measurement; x direction)
The 1-D fractal dimension along the x and y direction of each measurement are shown in
Table 3.1.
Table 3.1 1-D fractal dimension along the x and y direction for each measurement.
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Overall, the embedment surfaces of the monolayered sample have the highest fractal
dimension, hence complexity, followed by the multi-layered sample, and then the control sample.
3.3.2.6.3 Other Statistics
The mean and standard deviation of the amplitude of the roughness relative to the mean
plane through the peaks and troughs are also calculated. All samples have very similar mean
values of approximately zero (Table 3.2) but with the control samples having mean values one
order-of-magnitude smaller when compared with the other two (mono-layered and multi-layered
samples) – this relative smoothness is due the lack of embedment in the control, and showing a
normal distribution. However the monolayered sample has the highest standard deviation,
indicating that the data points are spread out over a wider range of values, compared to the multilayered sample and the pre-experiment (control) sample whose data points tend to be closer to
the mean. These data also support the conclusion that embedment in monolayered sample
produces the most complex and roughest surface, possibly due to the swelling effect.
Table 3.2 Mean and standard deviation of fracture surface elevations

Detailed statistics of each measurement can be found in Table 3.3.
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Table 3.3 Statistics of each measurement.
Four layers proppant

Single layer proppant

Pre-experiment

Parameter (unit)

#1

#2

#3

#1

#2

#3

#1

#2

#3

Sa (µm)

4.652

1.013

2.885

3.782

4.812

5.361

0.368

0.384

0.491

Sq (RMS) (µm)

7.234

2.295

4.901

6.981

8.207

10.064

0.475

0.515

0.672

Sz (µm)

79.210

44.072

85.200

78.771

96.627

121.929

10.684

18.414

19.751

Mode (mm)

1.0823

0.3307

0.8907

-0.6340

2.8743

0.8945

-0.000481

0.08721

0.1194

Median (mm)

1.0823

0.3307

0.8907

-0.6340

1.4249

0.8945

-0.000481

0.08721

0.02066

Mean (mm)

-0.00206

-0.000782

-0.00523

-0.00143

-0.01216

-0.005126

-0.000175

-0.000154

-0.000330

Standard Deviation

0.3669

0.2144

0.34572

0.3161

0.4063

0.5137

0.04935

0.0765

0.08696

Fractal Dimension,
D1(x)

1.251

0.934

1.359

1.534

1.522

1.451

0.852

0.837

0.819

Fractal Dimension,
D1(y)

1.304

1.26

1.625

1.569

1.569

1.55

1.058

1.009

1.034

3.4 Conclusions
The experiments have been conducted on Green River Shale with both mono- and multilayered proppants, with measurements of permeability evolution as a function of fluid pressure
for CO2, CH4, N2 and He. The findings are listed as follows:
1. Permeability of propped fractures first decreases with increasing gas pressure (decreasing
effective stress) for adsorptive gases including CO2, CH4 and N2, indicating the potentially
dominant role of swelling due to adsorption and the effect of swelling over that of mechanical
dilation. When this decrease reaches a threshold pressure (expected to be approximately
double the Langmuir pressure), permeability rebounds and then increases with increasing gas
pressure, suggesting that mechanical dilation due to decreased effective stress dominates over
swelling effects. The competition between swelling and mechanical dilation results in a
typical U-shaped curve of permeability for adsorptive gases. Results also indicate that the
Langmuir pressure of CO2 is lower than that of CH4 in Green River Shale. For cases using
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non-adsorptive He as a permeant, permeability monotonically increases with gas pressure
with no adsorption-induced swelling observed. Permeability magnitudes are similar for all
four gasses at ~10-15 m2.
2. Permeability to CO2 drops by 63% of the initial permeability when effective stress decreases
by 6 MPa. Permeability to CH4 decreases by 31% and to N2 decreases by 54% when effective
stress decreases by 8 MPa.
3. Compared to the multi-layered propped sample, the monolayered propped sample exhibits a
larger swelling effect and has a higher roughness and complexity.
4. The duration of gas exposure and saturation over the timescale of our experiments (about 20
hr) does not have significant influence on permeability for adsorptive or non-adsorptive
gases. However this may be an effect of the limited time (duration) of exposure; we expect
time-dependent swelling effects if gas is able to diffuse into the rock matrix after
considerably longer time.
5. Permeability recovered from both injection and depletion cycles generally overlap each other
and are repeatable, with little hysteresis. Permeability of different samples has same
magnitude and trend with a difference of 1.5-2 times.

Acknowledgement
This work was supported by Aramco Services Company. This support is gratefully
acknowledged. We also thank Takuya Ishibashi for his assistance with fracture surface
complexity measurement.

89
References
Alramahi, B. & Sundberg, M. I., 2012. Proppant embedment and conductivity of hydraulic
fractures in Shales. Chicago, American Rock Mechanics Association.
Andrews, T., 1869. On the Continuity of the Gaseous and Liquid States of Matter. Phil. Trans.,
Volume 159, pp. 575-590.
Bai, M. & Elsworth, D., 1994. Modeling of subsidence and stress-dependent hydraulic
conductivity for intact and fractured porous media. Rock Mechanics and Rock Engineering,
Volume 27, pp. 209-234.
Berryman, J. G., 1981. Elastic wave propagation in fluid-saturated porous media. Journal of
Acoustical Society of America, Volume 69, pp. 416-424.
Brace, W. F., Walsh, J. B. & Frangos, W. T., 1968. Permeability of granite under high pressure..
Journal of Geophysical Research, 73(6), pp. 2225-2236.
Carman, P. C., 1937. Fluid flow through granular beds. Transactions, Institution of Chemical
Engineers, London, Volume 15, pp. 150-166.
Chandra, C., 2012. Mechanical and Transport Characteristics of Coal-Biomass Mixtures For
Advanced Igcc Systems. PennState MS Thesis.
Cooke, C. E., 1977. Hydraulic fracturing with a high-strength proppant. Journal of Petroleum
Technology, Volume 29, pp. 1222-1226.
Elsworth, D. & Yasuhara, H., 2010. Mechanical and transport constitutive models for fractures
subject to dissolution and precipitation. Int. J. Numer. Anal. Methods Geomech, Volume 34, pp.
533-549.
Freeman, E. R., Anschutz, D. A., Rickards, A. R. & Callanan, M. J., 2009. Modified API / ISO
Crush Tests with a Liquid-Saturated Proppant Under Pressure Incorporating Temperature, Time,

90
and Cyclic Loading: What Does It Tell Us?. The Woodlands, Texas., SPE Hydraulic Fracturing
Technology Conference, Society of Petroleum Engineers.
Heller, R. & Zoback, M., 2014. Adsorption of methane and carbon dioxide on gas shale and pure
mineral samples. Journal of Unconventional Oil and Gas Resources, Volume 8, pp. 14-24.
Hsieh, P. A. et al., 1981. A transient laboratory method for determining the hydraulic properties
of ‘tight’ rocks—I. Theory. International Journal of Rock Mechanics and Mining Sciences &
Geomechanics Abstracts, 18(3), p. 245–252.
Kozeny, J., 1927. Ueber kapillare Leitung des Wassers im Boden. Sitzungsber Akad. Wiss.,
Volume 136(2a), pp. 271-306.
Kumar, H., Elsworth, D., Mathews, J. & Marone, C., 2015. Permeability evolution in sorbing
media: analogies between organic-rich shale and coal. Geofluids.
Lacy, L. L., Rickards, A. R. & Ali, S. A., 1997. Embedment and Fracture Conductivity in Soft
Formations Associated with HEC, Borate and Water-Based Fracture Designs. SPE Annual
Technical Conference and Exhibition, San Antonio, Texas..
Pellenq, R. J., Brochard, L., Damme, M. V. & Ulm, F. J., 2012. From the Fundamentals of
Porous Carbons Poromechanics to Applications for CO2 Sequestration and Gas-Shale.
Pittsburgh, AIChE.
Piggott, A. R. & Elsworth, D., 1993. Laboratory assessment of the equivalent apertures of a rock
fracture. Geophys. Res. Lett., Volume 20, pp. 1387-1390.
Power, W. L. & Durham, W. B., 1997. Topography of natural and artificial fractures in granitic
rocks: implications for studies of rock friction and fluid migration. International Journal of Rock
Mechanics and Mining Sciences, 34(6), pp. 979-989.
Rose, H. E., 1945. An investigation into the laws of flow of fluids through granular material.
Proc. Inst. Mech. Eng., Volume 153, pp. 141-148.

91
Shimada, S., Li, H., Oshima, Y. & Adachi, K., 2005. Displacement behavior of CH4 adsorbed on
coals by injecting pure CO2, N2, and CO2–N2 mixture. Environ Geology, Volume 49, pp. 44-52.
Siriwardane, H. et al., 2009. Influence of carbon dioxide on coal permeability determined by
pressure transient methods.. Int J. Coal Geology, Volume 77, p. 109–118.
Slichter, C. S., 1899. Theoretical investigation of the motion of ground water. U.S Geol. Survey
19th Ann. Rept., Volume Volume pt.2, pp. 295-384.
Somerton, W. H., Soylemezoglu, I. M. & Dudley, R. C., 1975. Effect of stress on permeability of
coal. Int J. Rock Mechanics Mining Sci Geomechanics Abstracts, Volume 12, p. 129–145.
Stoddard, T., McLennan, T. & Moore, J., 2011. Fracture conductivity of a bauxite-propped
geothermal system at in-situ conditions. Stanford University, Stanford, California., Thirty-Sixth
Workshop on Geothermal Reservoir Engineering.
Walsh, J. B., 1981. Effect of pore pressure and confining pressure on fracture permeability.
International Journal of Rock Mechanics and Mining Sciences & Geomechanics Abstracts,
Volume 18, pp. 429-435.
Wang, S., Elsworth, D. & Liu, J., 2011. Permeability evolution in fractured coal: the roles of
fracture geometry and water-content. International Journal of Coal Geology, Volume 87, pp. 1325.
Yasuhara, H. & Elsworth, D., 2008. Compaction of a Rock Fracture Moderated by Competing
Roles of Stress Corrosion and Pressure Solution. applied geophysics, Volume 165, pp. 12891306.
Yasuhara, H. et al., 2006. Evolution of fracture permeability through fluid–rock reaction under
hydrothermal conditions. Earth and Planetary Science Letters, Volume 244, pp. 186-200.

92

Chapter 4
A Poroelastic Model for Stress Redistribution During Restimulation of Gas
Shale Reservoirs

Abstract
Restimulation of previously hydraulically fractured wells can extend the life of gas shale
reservoirs and restore productivity to near original levels or even higher. Although refracturing
treatments have been implemented on vertical wells as early as the 1970s, it is currently
undergoing a revival due to rapid natural declines in production in tight reservoirs and due to low
hydrocarbon prices. Understanding the stress state resulting from hydraulic fracturing is vital for
a successful refrac treatment. The recognition of the existence of stress obliquity in the vicinity of
the wellbore due to production from a previously introduced hydraulic fracture has resulted in the
development of a new concept: altered-stress refracuring which allows fractures to propogate into
previously unstimulated or understimulated areas and therefore enhancing recovery. In this study,
a coupled poroelastic-mechanical model for stress redistribution is used to investigate the optimal
refrac timing as well as its consequent effect by evaluating the size of the stress reversal region.
Key factors include the time dependency of the stress reorientation, the threshold of σhmax/σhmin for
the presence of the stress reversal region, the influences of permeability anisotropy/heterogeneity,
pressure drawdown and rock-fluid properties - these factors are investigated. The results show
that stress reorientation develops as soon as the reservoir begins to produce and the stress reversal
region extends with time to a maximum extent following which it retracts until the direction of
the maximum principal stress gradually returns to the initial state. The optimal refrac timing and
the size of the stress reversal region are either positively or negatively correlated to the factors
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examined here. σhmax/σhmin ratio and Poisson’s ratio are negatively correlated to the size of stress
reversal region as well as the timing of optimal refracturing; permeability magnitude and porosity
have no influence on the size but are negatively and positively correlated to the timing,
respectively; permeability anisotropy is positively correlated to the size and negatively correlated
to the timing if the permeability is greater in the direction perpendicular the initial fracture,
however it is negatively correlated to the size and positively correlated to the timing if the
permeability is greater in the direction parallel to the initial fracture; permeability heterogeneity
has no influence on the size nor the timing; pressure drawdown and Biot coefficient are positively
correlated to the size as well as the timing.

4.1 Introduction
After hydraulic fracturing, hydrocarbon production results in a decrease in pore pressure,
which in turn results in anisotropic changes in the stress field in the vicinity of the wellbore.
Mack and Elbel (Mack & Elbel, 1994; Elbel & Mack, 1993) first revealed that production from a
fractured well results in the stresses surrounding the fracture decreasing over time as the reservoir
depletes. This decrease is greater in the direction parallel to the fracture than normal to the
fracture. This work was extended by Siebrits (Siebrits, et al., 2000) who introduced the concept of
a stress reversal region (Figure 4.1) by investigating the evolution of the stress redistribution
around a producing fracture using a 3D numerical simulator and examining the dimensions of the
stress reversal region as a function of various reservoir properties. In a tight gas reservoir, the
stress redistribution allows any refracturing to propagate into the undepleted or less depleted
region where the higher pore pressure and not been significantly depleted and hence production
may significantly increase. Production-induced stress reorientation has been monitored using
seismic methods (Sayers, 2004) and reorientation of hydraulic fractures as a result of stress
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redistribution has already been confirmed by surface tiltmeter mesurements in the Barnett Shale
(Weng & Siebrits, 2007; Wolhart, 2001), the Daqing oilfield (Liu, et al., 2008) and the Codell
formation of the Wattenberg field in Colorado (Wolhart, et al., 2007). Field tests conducted to
verify refracturing reorientation in the Barnett Shale showed significant production increase
(Siebrits, et al., 2000). Lab-scale tests have also demonstrated that a fracture can reorient itself as
the stress field changes (Liu, et al., 2008).
The concept of a stress reversal region (also known as: stress reorientation, stress
obliquity or stress redistribution) is illustrated in Figure 4.1. The stress reversal region relies on
an initially small difference between the maximum and minimum horizontal stresses – this is
often true for tight gas reservoirs (Aghighi, et al., 2009). Initially, the direction of the maximum
horizontal stress is aligned parallel with the initial fracture. During the depletion of the reservoir
the stress distribution will be altered due to the change in pore pressure and based on poroelastic
response (Biot, 1955). During production, the reservoir will first experience linear flow towards
the fracture then later on radial flow with a pressure drop much steeper in the y-direction than in
the x-direction (Figure 4.1). The stress reduction will be higher in the direction parallel to the
initial fracture (Siebrits & Elbel, 1998), therefore it is possible that the initial small stress
difference can be overcome. As a result, a stress reversal region can then be developed around the
fracture as shown (grey ellipse) in Figure 4.1 and a secondary fracture may propagate orthogonal
to the initial fracture. As production continues the stress reversal region, which is affected by the
induced stress difference, expands (Elbel & Mack, 1993). The magnitude of induced stress
differences around the fracture first increase and later decrease due to the propagation of zone of
extension/dilation. Therefore the optimal timing for refracture treatment must be identified in
order to maximize recovery. Refracturing at the optimal time creates a new fracture which
initiates and propagates perpendicular to the initial fracture into the minimally depleted or
undepleted formation. At the isotropic point (Figure 4.1), where the stresses in the x- and y-
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directions are equal, the fracture turns in a direction parallel to the initial fracture. The size of the
stress reversal region is characterized by the parameter Lf’ which represents the distance from the
wellbore to the isotropic point as shown in Figure 4.1.

Figure 4.1 Stress reversal region concept (Siebrits & Elbel, 1998).
The stress reorientation is dependent on many factors such as stress anisotropy,
permeablity anisotropy, production rate/pressure drawdown and fracture toughness, among others
(Zhai & Sharma, 2007; Singh, et al., 2008). Some case studies indicate some basic behavior of
the reservoir stress field during production or injection as a proxy for refrac reorientation (Chen
& Lawrence , 2001; Hagemann, et al., 2012). But few have considered the coupled poroelastic
and mechanical effects (Roussel, 2011). Most have only considered poroelastic effects
(Hagemann, et al., 2012; Zhou, et al., 2015). This study examines the optimal refrac time-window
and the evolution of the dimensions of the stress reversal region under various reservoir
conditions by considering the coupled effect of poroelasticity and mechanical effect. Key factors
include the time dependency of the stress reorientation, threshold of σhmax/σhmin for the presence of
the stress reversal region, the influences of permeability anisotropy/heterogeneity, pressure
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drawdown and rock-fluid properties. These processes are examined in the following illuminate
best practices for refracturing.

4.2 Model Development
Stress reversal in the region around a fractured well results from two sources: the first is
production of fluid from the reservoir which is known as the linear poroelastic effect, and the
second is due to the nonlinear opening of propped fracture which we term the mechanical effect.
In this paper, the coupling between both phenomena is numerically modeled to examine the
extent and time dependency of the stress reversal region around the fractured production well
under various reservoir conditions.

4.2.1 Governing Equation

The coupled fluid-flow/mechanical behavior in an isothermal linear poroelastic material
is governed by several differential equations that describe the relations between fluid pore
pressure pf , Darcy’s velocity v, stress tensor σ, strain tensor ε, and the increment in fluid content

 (Biot, 1955).

4.2.1.1 Constitutive Equation
Two constitutive equations govern poroelastic response. The first describes the relations
between stress, strain, and pore pressure:

  C   B p f I

(4.1)
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where σ is the Cauchy stress tensor, ε is the strain tensor, C is the elasticity matrix, αB is the BiotWilllis coefficient, pf is the fluid pore pressure and I is the unit matrix.
In Biot’s theory, the second constitutive equation relates the increment in fluid content 
to volumetric strain and incremental pore pressure. The fluid pore pressure is proportional to the
dilation of the porous matrix and the change of the fluid content:

p f  M (   B vol )

(4.2)

where εvol is the volumetric strain, and Biot modulus M is the inverse of the storage coefficient S
which can be defined through the following equation under constant volumetric strain:

S

1 

M p

(4.3)
 vol

This definition allows the storage coefficient to be measured directly or calculated from
basic material properties in the case of an ideal porous material.

4.2.1.2 Continuity Equation
Darcy’s law is required to describe the fluid flow in the poroelastic material as

v

k



p

(4.4)

where v is the Darcy velocity, k is the permeability, μ is the viscosity and p is the pore pressure
gradient.
When Darcy’s law is combined with the continuity equation, it yields the governing
equation for flow in poroelastic media as

S

p f
t

  (  v)  Qm   B

 vol
t

(4.5)
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where ρ is the fluid density and Qm is the source of mass.

4.2.1.3 Balance Equation
The solids deformation can be represented through Navier’s equations for a solid in
equilibrium under gravitational load as

    av g   av

 2u
t 2

av  (1   ) s   f

(4.6)
(4.7)

where ρav is the average density of fluid and solid matrix and g is the gravitational acceleration, u
is the flow velocity and the second term on the right hand-side of Eqn.(4.6) is the inertial term
which we take as zero, ρs and ρf are the densities of the solid and the fluid phase, respectively, ɸ is
porosity of the porous medium.

4.3 Model Implementation
The reservoir model is simplified under the following assumptions: 1), temperature is
assumed to be constant, the thermoelastic effect is not considered in this model; 2), the wellbore
flows at constant pressure pwf; 3), the reservoir produces with no-flow/no fluid influx boundaries
at the exterior; 4), there is only one single phase fluid which is gas; 5), the “hydraulic” fracture
has infinite conductivity.
The model is implemented in 2-D on a rectangular geometry (1m×0.75m) and an
elliptical fracture (a=0.12m, b=2mm) as well as a wellbore (r=5mm) in the center (Figure 4.2).
The domain is scaled to minimize execution time with all properties reported in non-dimensional
quantities. The analyses follow the statement of Roussel and Sharma (2010), who proposed that
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the boundaries have no impact on the dimensions of the stress reversal region if the distance from
the fracture to the boundaries is at least three times of the fracture half-length (Roussel & Sharma,
2010). COMSOL Multiphysics is used for this coupled model and meshing is calibrated for fluid
dynamics. The completed mesh consists of 3306 elements.

Figure 4.2 Reservoir geometry
In order to investigate the time dependency of the size of stress reversal region,
dimensionless time τ is used for time mapping and defined as



4kt

 (1   )(1  2 ) 
 L2f  c f   B

(1   ) E



(4.8)
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where k is the average reservoir permeability [m2], t is the production life [s], Lf is the fracture
half-length [m], μ is the fluid viscosity [Pa∙s], cf is the fluid compressibility [1/Pa], ɸ is the
porosity, αB is the Biot coefficient, ʋ is the Poisson’s ratio, E is the Young’s modulus [Pa].
Reservoir conditions used in the simulation for the base case are listed in Table 4.1.
Displacement is permitted along the fracture faces where a constant stress is imposed, equal to the
net pressure pnet (which is considered as zero in this model) plus the minimum principla stress
σmin. This uniform stress boundary condition applied on the fracture face is the pressure required
for the proppant to retain the fracture open. No flow boundaries with constant stress conditions
(σmin in y-direction and σmax in x-direction) are applied normal to the “block” face (Figure 4.2).
Wellbore and fracture face flow at constant bottomhole flowing pressure pwf .
Table 4.1 Typical values for the properties of shale gas reservoirs (Roussel, 2011).
Permeability, k

1e-18 [m2]

Viscosity, μ

2e-5 [Pa∙s]

Young’s Modulus, E

3.45e10 [Pa]

Rock Density, ρs

2500 [kg/m3]

Fluid Density, ρf

136.7 [kg/m3]

Poisson’s Ratio, ʋ

0.3

Biot Coefficient, α

0.7

Porosity, ɸ

0.05

Fluid Compressibility, cf

2.9e-8 [1/Pa]

Initial reservoir pressure, pres

28 [MPa]

Bottomhole Flowing Pressure, pwf

7 [MPa]

Maximum Principal Stress, σmax

31.7 [MPa]

Minimum Principal Stress, σmin

31 [MPa]

Fracture Maximum Width, w

4 [mm]
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4.4 Results and Discussion
Parametric studies on the time dependency of stress reorientation, threshold of σhmax/σhmin
for the presence of the stress reversal region (stress anisotropy), the influences of permeability
anisotropy/heterogeneity, pressure drawdown and rock-fluid properties are conducted under a
variety of reservoir conditions. The reservoir is depleted after ~8.5 hrs (τ=285) for the chosen
parameters are model size. Dimensionless time τ and the ratio of Lf’/Lf (Figure 4.1) are used to
quantify the size of the stress reversal region over the logarithm time scale. The direction of the
maximum principal stress with a deviation more than 45 degrees from the initial state is
considered as the criterion for the presence of stress reorientation.
Figure 4.3 shows the evolution of the distribution of the direction of the maximum
principal stress with dimensionless time τ. The stress reversal region develops immediately as the
reservoir begins to produce and reaches its maximum extent when the flow around the fracture
transits from linear flow to radial flow – this is confirmed from the pressure surface profile
(figures not shown). After reaching a peak extent, the stress reversal area begins to shrink and the
direction of the maximum principal stress gradually returns to its initial state which is parallel to
the existing fracture. As apparent in Figure 4.3D, τ=9.6 is the optimal timing to refrac in that Lf’,
the proxy for the size of the stress reversal region, reaches its maximum dimension.
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Figure 4.3 Evolution of stress reversal region at A) τ=0; B) τ=0.07; C) τ=0.39; D) τ=9.6 (optimal
timing); E) τ=47.5; F) τ=100
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4.4.1 Effect of Stress Anisotropy

The stress reversal region concept relies on an initially small difference between the
maximum and minimum horizontal stresses, which often holds true for tight gas reservoirs
(Aghighi, et al., 2009). The difference between minimum and maximum principal stress used for
the base case in this study is 0.7 MPa (σhmax/σhmin =1.022) (Table 4.1). Several σhmax/σhmin ratios are
tested in order to determine the threshold for the presence of stress reorientation (Figure 4.4).
Figure 4.4 shows that this threshold value is ~1.1. At this peak ratio a very small stress reversal
region is quickly developed and then immediately vanishes. Apparent from Figure 4.4, the closer
the σhmax/σhmin ratio approches to 1, the more significant the stress reorientation. The optimal
timing to refrac is also postponed when this ratio becomes approaches 1. For the base case
examinated in this study, the optimal time to refrac is when τ=9.6 where Lf’/Lf is 0.85.
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Figure 4.4 Lf’/Lf vs. τ for different σhmax/σhmin ratio
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4.4.2 Effect of Permeability Magnitude

For the base case the permeability k is chosen as 1e-18 m2 (Table 4.1). Two other cases
with permeability 0.1 and 10 times that of the base case are examined to investigate the effect of
permeability magnitude. Figure 4.5Figure 4.6 show the length ratio Lf’/Lf with dimensionless time
τ and production time t for these different permeabilities. Although permeability magnitude has
no influence on the optimal refrac timing on the dimensionless time scale (Figure 4.5), because
the effect is normalized by Eqn. 4.8, there is significant difference on the true production time
scale for different values of permeability (Figure 4.6). The pressure gradient in the reservoir has
to exceed a specific value in order to have a higher stress reduction in the direction parallel to the
initial fracture to overcome the initial small stress difference. In reservoirs with higher
permeability, the pressure gradient spreads out faster and so does the stress reversal region.
Figure 4.6 implies that a small permeability has an extended optimal refrac timing. The multiples
between the optimal refrac timing of each case is the reciprocal of the multiples between the
permeability of each case. However permeability magnitude has no effect on the size of resulting
stress reversal region as all three cases show the same Lf’/Lf value.
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Figure 4.5 Lf’/Lf vs. τ for different permeability
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4.4.3 Effect of Permeability Anisotropy

The effect of permeability anisotropy is analyzed following the same procedure. Two
cases are investigated and compared to the base case which has an isotropic permeability. The
permeability is ten times greater in the x-direction for the first case and for the second case the
permeability is ten times greater in the y-direction. The anisotropic permeability affects the shape
of the evolving drainage area that is stretched in the direction of higher permeability (confirmed
by the pressure surface profile and figures not shown). Figure 4.7 indicates that a refrac treatment
is most efficient if the reservoir permeability is greater in the direction perpendicular to the initial
fracture (kx/ky=1:10) and vice versa least efficient for the opposite condition (kx/ky=10:1).
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Figure 4.7 Lf’/Lf vs. τ for permeablity anisotropy
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4.4.4 Effect of Permeability Heterogeneity

The true heterogeneity of reservoirs may also affect the success of resfracs, and is
examined here. The reservoir is divided into a grid with 50×50 blocks. The geostatistical function
in Matlab is used to assign a heterogeneous permeability for each grid block. The generated
permeabilities vary between 5.05e-19 m2 and 1.50e-18 m2 with an average of 1e-18 m2 and
standard deviation of 2.9e-19 m2. These data are imported into COMSOL Multiphysics and
distributed to individual meshes based on the coordinates by an interpolation function (Figure
4.8). Figure 4.9 shows that this level of permeability heterogeneity has no influence on the size of
resulting stress reversal region nor optimal refrac timing.

Figure 4.8 Heterogeneous permeability distribution in the reservoir
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Figure 4.9 Lf’/Lf vs. τ for permeability heterogeneity

4.4.5 Effect of Pressure Drawdown

Sensitivity analysis is also conducted on the impact of the magnitude of pressure
drawdown. Figure 4.10 shows that a larger pressure drawdown provides favorable conditions for
a successful refracturing as suggested by a high Lf’/Lf value. To the contrary, a higher bottomhole
flowing pressure pwf limits the stress reorientation to the immediate vicinity of the wellbore with
an early optimal refrac timing. This is purely due to the production-induced stress reorientation
which results from poroelasticity effect and also due to the choice of the parameter that defines
the bounds of the stress reversal region.
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Figure 4.10 Lf’/Lf vs. τ for different pressure drawdown

4.4.6 Effect of Poisson’s ratio

For a penny-shaped fracture where its height equals length, Poisson’s ratio does not affect
the resulting stress contrast since stresses are independent of Poisson’s ratio (Sneddon, 1946).
However in most cases where fracture height is smaller than fracture length, Poisson’s ratio will
play a part. Figure 4.11 shows that a propped fracture creates a greater stress contrast in its
vicinity with a low Poisson’s ratio in that a low Poisson’s ratio indicates that the deformation in
the direction parallel to the fracture is small compared to the deformation normal to the fracture –
from this a larger stress contrast develops.
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Figure 4.11 Lf’/Lf vs. τ for different Poisson’s ratio

4.4.7 Effect of Biot Coefficient

Examining the sensitivity to variations in the Biot coefficient (Figure 4.12) shows that
there is a positive correlation between Biot coefficient and the size of the stress reversal region. A
reservoir with a large Biot coefficient shows a slightly delayed optimal refrac timing. As Biot
coefficient approaches zero, there should be no poroelastic effect and hence no consequent stress
reversal with time.
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Figure 4.12 Lf’/Lf vs. τ for different Biot coefficient

4.4.8 Effect of Porosity

Typical average values for the porosity of sedimentary rocks (Barrell, 1914) are of the
order: shale, 0.082; sandstone, 0.148; limestone, 0.053; and all sedimentary rocks, 0.085.
Additional data since the publication of Barrell's summary indicate that the average value of
0.082 for the porosity of shale may be low. Based on the data above, a range of porosity from
0.02 to 0.1 is examined to investigate the effect of porosity. Figure 4.13 &Figure 4.14 show the
values of Lf’/Lf over dimensionless time τ and production time t under different porosities.
Although porosity has no influence on the optimal refrac timing on the dimensionless time scale
(Figure 4.13), since its effect is normalized by Eqn. 4.8, there is significant difference on the real
production time scale for different values of porosity (Figure 4.14). Figure 4.14 implies that

112
larger porosity contributes an extended optimal refrac timing. The multiples between the optimal
refrac timing of each case is the reciprocal of the multiples between the porosity of each case.
However porosity has no effect on the size of stress reversal region.
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4.5 Conclusion
This study examines the optimal refrac timing and the dimensions of stress reversal
region under different reservoir conditions using a coupled poroelastic-mechanical model. Key
factors including the time dependency of the stress reorientation, threshold of σhmax/σhmin for the
presence of stress reversal region, the influences of permeability anisotropy/heterogeneity,
pressure drawdown and rock-fluid properties are investigated to help understanding what the
favorable refrac operation is. Results, summarized in Table 4.2, show that the size of the stress
reversal region and optimal refrac timing are positively or negatively correlated to the parameters
examined in the study.
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Table 4.2 Summary of the effects of different factors
Stress Reversal Region Size

Optimal Refrac Timing

(-)

(-)

Permeability Magnitude

N/A

(-)

Permeability Anisotropy

(+)/(-)

(-)/(+)

Permeability Heterogeneity

N/A

N/A

Pressure Drawdown

(+)

(+)

Poisson’s Ratio

(-)

(-)

Biot Coefficient

(+)

(+)

Porosity

N/A

(+)

σhmax/σhmin

(+) means positive correlation; (-) means negative correlation; N/A means no effect
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