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ABSTRACT

Pore sizes are on the order of nanometers for shale and tight rock formations. Such small
pores can affect the phase behavior of in-situ oil and gas owing to increased capillary pressure.
Not accounting for increased capillary pressure can lead to inaccurate estimates of ultimate
recovery. In this research, capillary pressure is coupled with phase equilibrium equations and the
resulting system of nonlinear fugacity equations is solved to present a comprehensive
examination of the effect of small pores on saturation pressures and fluid properties. The results
show, for the first time, that accounting for the impact of small pore throats on PVT properties
explains the inconsistent GOR behavior observed in tight formations. The small pores decrease
bubble-point pressures and either decrease or increase dew-point pressures depending on which
part of the two-phase envelope is examined.
To estimate production from shale reservoirs, a simulation model should be designed to
account for the effect of high capillary pressure on fluid properties. We have chosen to use a
compositionally-extended black-oil approach since it is faster and more robust compared to a
fully compositional simulation model. Black-oil fluid properties are calculated by flash
calculations of the reservoir fluid. Allowing for a variable bubble-point pressure in black- or
volatile-oil models requires a table of fluid properties be extended above the original bubblepoint. We calculate continuous black-oil fluid properties above the original bubble-point by
adding a fraction of the equilibrium gas at one bubble-point pressure to achieve a larger bubblepoint pressure. This procedure continues until a critical point is reached. Unlike other commonly
used methods, our approach provides a smooth and continuous pressure-composition curve to the
critical point. If another component is added, the model further allows for injection of methane or
CO2 to increase oil recovery. Further, the approach allows the use of black-oil or volatile-oil
properties for tight rocks where capillary pressure affects hydrocarbon phase behavior.
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The compositional equations (gas, oil, and water components) are solved directly with
principle unknowns of oil pressure, overall gas composition, and water saturation. Flash
calculations in the model are non-iterative and are based on K-values calculated explicitly from
the black-oil data. The advantage of solving the black-oil model using the compositional
equations is to increase robustness of the simulations owing to a variable bubble-point pressure
that is a function of two parameters, namely gas content and capillary pressure. Leverett Jfunctions are used to establish the effective pore size-Pc-saturation relationship. The input fluid
data to the simulator are pre-calculated fluid properties as functions of pressure for three fixed
pore sizes. During the simulation, at any pressure and saturation, fluid properties are calculated at
the effective pore radius by using linear interpolation between these three data sets. Our results
show that there is up to a 90% increase in recovery when capillary pressure is included in flash
calculations. Reservoir initial pressure, reservoir permeability, initial water saturation, and critical
gas saturation are among the factors influencing the increase in recovery due to the effect of
capillary pressure.
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Chapter 1
Introduction

1.1. Description of the problem
Low permeability rocks and shale reservoirs are significant contributors to total oil and
gas production in the United States. These reservoirs are unique in that they have very low
permeability, which requires long horizontal wells with multistage hydraulic fractures to generate
productive flow rates. According to Kuila and Prasad (2011), the matrix in shale reservoirs
consists of micro-pores less than 2 nanometers (nm) in diameter to meso-pores with diameters in
the range of 2-50 nm. Such small pores can result in very high capillary pressure and can affect
the reservoir fluid phase behavior. To estimate reserves and to predict future production of such
reservoirs, capillary pressure effects on phase behavior should be considered.
In addition to phase behavior studies, a flow simulation model is required to simulate
complex properties of shale reservoirs. This model should be able to include the effect of pore
confinement on flow and phase behavior while being robust and fast. Compositional simulation is
accurate but it may have robustness issues owing to convergence of flash calculations and is very
time consuming. A modified compositional version of black-oil equations can help improve the
speed and robustness of simulation, but some modifications are necessary to gain reasonable
accuracy in calculations. Another challenge is to include high permeability hydraulic fractures
along with natural fractures in the model.
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1.2. Literature review
Several approaches have been proposed to study the complexities associated with tight
rock and shale reservoirs (large capillary pressure, highly conductive fractures). These studies can
be categorized into phase behavior studies, preparation of essential fluid properties as inputs to
reservoir simulation models, and the simulation model itself. In simulating tight rocks, including
a network of fractures is necessary to present a realistic description of the reservoir.

1.2.1. Effect of capillary pressure on fluid properties
Sigmund et al. (1973) investigated the effect of porous media on phase behavior of
hydrocarbon binary mixtures both experimentally and numerically. Dew-point and bubble-point
pressures were found to be the same using the 30-40 U.S. mesh glass bead packing and in the
absence of any porous media. In their theoretical work, they modeled capillary pressure using
constant interfacial tension and reported no significant differences in bubble-point and dew-point
pressures except at very high surface curvatures. They concluded that such high curvature was
unlikely to exist in reservoirs containing connate water because even where clay-size particles are
present, the finest pores would be occupied by connate water. Brusllovsky (1992) studied the
effect of capillary pressure on phase equilibrium of a multicomponent system using a
thermodynamic model. They determined dew-point and bubble-point pressures in the presence of
small pores for different values of pore radius and reported that when pores became smaller,
surface curvature increased and the bubble-point pressure decreased, while the dew-point
pressure increased. They also concluded that in porous media with varying pore sizes, the bubble
point is reached first in the larger pores while dew point occurs first in smaller pores. Further,
they concluded that the influence of porous media on phase behavior for larger reservoir
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pressures is smaller. Ping et al. (1996) developed a theoretical model for calculating the dew
point by considering the effect of capillary pressure and adsorption in porous media. They
showed that capillary pressure and adsorption increased the dew-point pressure. The increase in
dew-point pressure increased with decreasing permeability and porosity. Zhilin et al. (2007)
proposed a new method for calculating oil-gas phase equilibrium in deep gas-condensate
reservoirs. They calculated fluid and reservoir properties near the wellbore and concluded that
interfacial phenomena and reservoir deformation increased the dew point so that condensate
appeared much earlier compared to the case with no interfacial tension (zero capillary pressure).
In another research study by the same authors (Zhilin et al., 2007), a model was developed to
predict dew-point pressure, retrograde liquid saturation during constant volume depletion in the
presence of interfacial tension, free gas saturation, and reservoir deformation. They concluded
that interfacial phenomena and reservoir deformation increased dew-point pressure. Firincioglu
et al. (2012) made flash calculations using the Peng-Robinson equation-of-state (PREOS)
including both surface and capillary forces. Their results showed that surface forces were small
compared to capillary forces for pores greater than about 1 nm.
Recently, Rezaveisi (2015) showed that there is a maximum value of capillary pressure to
achieve phase stability. He proved that the pressure difference between gas and oil phases cannot
be larger than a certain value. This value of capillary pressure depends on pressure, temperature,
and fluid composition. However, the limiting capillary pressures are typically exceeded only in
very small pores (1-2 nm). In this research, we limit pore sizes to a minimum of 10 nm so that to
other confinement effects on phase behavior are excluded. As a result, we are generally not
concerned with the instability problems due to limiting capillary pressure.
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1.2.2. Calculation and extrapolation of black oil fluid properties
Black oil simulation is widely used because it is fast and more robust than compositional
simulation and is reasonably accurate when a small amount of mass transfer between phases
occurs. Black oil fluid properties are tabulated from experiments or flash calculations prior to
performing simulations. These fluid properties should be determined to reflect accurately the
change of fluid properties with pressure during pressure depletion, gravity segregation, or
produced gas injection.
Black oil fluid properties are typically determined from constant composition expansion
(CCE), differential liberation (DL), and separator tests. For CCE tests, the oil composition is
constant, while for DL tests the liquid composition changes with pressure as liberated gas is
removed from the cell during pressure decline (Dandekar, 2013).
Besides experiments, flash calculations with cubic equations-of-state (EOS) can calculate
black-oil properties such as bubble-point pressure, formation volume factors, densities,
viscosities, solution gas-oil and volatile oil-gas ratios in the case of volatile oils or gas
condensates. Many of these parameters are typically determined as functions of pressure and the
gas content (measured by the solution gas-oil ratio for undersaturated fluids).
The flash calculation approach, however, relies on accurate cubic equation-of-state modeling.
The input fluid properties to the compositionally-extended black oil simulation are oil and gas
densities and viscosities, solution gas-oil ratio, and volatile oil-gas ratio. To allow for variable
bubble-point pressure in reservoir simulation, black- and volatile-oil fluid properties should be
available above the original bubble-point pressure, or have to be extrapolated using a consistent
approach.
There are different ways to extrapolate these properties above the original bubble point
pressure.

One approach is to use a visually corrected extrapolation that honors the expected

5
shape of the fluid properties curve. McCain and Spivay (1999) proposed a similar approach;
where they visually extrapolated the black oil fluid properties and then corrected their
extrapolated curves so that the theoretical and experimental relationships between these
properties are honored. They did not, however, extend the extrapolated fluid properties to a
critical point.
Singh et al. (2007) extrapolated the data to higher saturation pressures by including a
convergence or critical pressure at which phase properties became identical. The linear log-log
relationship between surface gas and oil K-values with pressure allowed them to extrapolate the
fluid properties so that K-values would be equal to 1.0 at the convergence pressure.
One can also measure the extrapolated black-oil properties in the lab by combing surface gas
with the original bubble-point fluid. After addition of more gas, the pressure is increased until the
gas disappears at the new bubble point. Montel and Quettier (2004) stated that for the case of gas
injection in an undersaturated oil reservoir, the extrapolation of black oil properties above the
initial saturation pressure should be done by adding increasing quantities of injection gas with
initial oil.
The problem with the current methods is that they can produce discontinuities in the black oil
properties with clearly observable inaccuracies in the PX diagrams of the two pseudocomponent
models. Whitson and Sunjerga (2012) stated that the best way to extrapolate saturation properties
for oil rich shales is to add increments of the incipient phase from each new elevated saturation
pressure. They proposed to add equilibrium gas with bubble-point oil at each higher pressure
until the critical pressure is reached at constant reservoir temperature. In their work, however,
they only added gas in one discontinuous step instead of a more differential approach making
their results physical and smooth. At the critical point, they showed that the solution gas-oil ratio
is equal to the inverse of the volatile oil-gas ratio when the same units are used. Oil viscosity and
gas viscosity were therefore equal at the critical point in their approach.
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Because of the growing importance of unconventional reservoirs, researchers have recently
focused on how capillary pressure can affect the phase behavior of crudes in ultra-low
permeability reservoirs, and how this affects recovery. Luchao et al. (2013) showed for pure
fluids that if pore sizes are smaller than 10 nm, critical properties of the hydrocarbon components
could be modified to match the phase behavior using an equation-of-state. Such modifications
can significantly change not only the bubble-point and dew-point curves, but also the critical
point (the two-phase zone shrinks on a PT plot). Their approach is based on Monte Carlo
molecular simulations and correlations previously developed by Singh et al. (2009) for pure
fluids. Results using this approach may not be valid, however, for mixtures. Recently, Wang et
al. (2014) conducted phase behavior experiments in micro- and nano-sized channels and
concluded that bubble-point pressure for pure components is significantly lower in nano-sized
channels as compared to the micro-sized channels. They also examined a three-component
system and concluded that in addition to capillary pressure effects, liberation of lighter
components from the oleic phase to the vapor phase further suppresses the bubble-point pressure
in the nano-sized channels. In a theoretical study, Ma and Jamili (2014) showed that fluid
densities in nano-pores are higher than bulk densities. They modified the Peng-Robinson equation
of state to fit the pure fluid data by applying the local density model to consider adsorption and
solid-fluid interactions. They validated their model with the molecular simulation results of Singh
et al. (2009) for pure fluids, but applied their method to both pure fluids and multi-component
mixtures.

1.2.3. Effect of pore confinement on flow and production
There are also a number of additional research studies that attempt to account for the
effect of tiny pores on oil production by using the reservoir simulation approach. Du et al. (2012)
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calculated black oil fluid properties, e.g. oil formation volume factor, viscosities, and gas-oil ratio
which are affected by large capillary pressure. They then input the adjusted black oil data
directly to a standard black-oil simulator and concluded that high capillary pressure increases
production. The black-oil data were adjusted using only one value of capillary pressure based on
one pore radius, making the simulations only approximate (similar to the approach by Nojabaei et
al., 2013), i.e., , pore-size distribution and variable saturation-dependent capillary pressure were
not considered. In a compositional reservoir simulation study by Wang et al. (2013), the effect of
capillary pressure on production was investigated. Capillary pressure was calculated in two
ways, one with a fixed pore radius and the other using a Leverett J-function curve. Interfacial
tension, however, appeared to be fixed in their simulations. They observed an increase in oil
production caused by capillary pressure. Alharthy et al. (2013) made dual-porosity simulations
where they applied the method based on the pure-component correlations for shifting the critical
properties developed by Singh et al. (2009).
Firincioglu et al. (2013) developed a correlation to calculate bubble-point pressure
suppression as a function of capillary pressure and solution gas-oil ratio. Using this correlation in
a commercial black oil simulator, they concluded that confined fluid behavior has a positive
impact on oil production for black oil reservoirs.
Very recently, Rezaveisi (2015) included capillary pressure effect on flash calculations in the
University of Texas at Austin in-house simulator (UTcomp). They performed simulations for
volatile oil and gas condensate reservoirs to examine the effect of high capillary pressure on
production.
All previous black oil formulation models have considered capillary pressure either as a
function of a single pore size or by neglecting composition-dependent gas-oil interfacial tensions.
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In reality, however, porous media consist of a range of pore sizes, so capillary pressure is a strong
function of saturation.
The compositionally-extended black oil approach first was developed by Huan (1985), but
without capillary pressure effects on phase behavior. This method offers significant advantages
in terms of solution robustness, especially when bubble-point pressure may change owing to
changes in gas content (Wong et al., 1987) and when capillary pressure impacts the phase
behavior (Nojabaei et al., 2014). The compositional formulation of a black oil, volatile oil, or gas
condensate is more robust compared to standard black oil formulations because during gas phase
appearance or disappearance the components of the Jacobian in a fully implicit scheme are
unchanged for two and three-phase flow.

1.2.4. Fracture modeling
For modeling fractures, numerical solution of dual porosity models, discrete fractures
modeling, and other numerical representations of fractures are available in the literature. The
advantage of discrete fracture modeling is that any complexity of fracture networks can be
included. Such fractures can be based on microseismic data in the model, but the challenging part
is the need to have appropriate grids. Other research has tried to estimate stimulated reservoir
volume based on microseismic data. In this section, we review different methods applied to
model shale reservoir with a multi-fractured horizontal well.
Moridis et al. (2010) worked with three different models of effective continuum, dual
porosity, and dual permeability models. They studied non-Darcy flow, stress sensitive flow
properties of matrix and fracture, temperature changes, and adsorption effects. Harikesavanallur
et al. (2011) used microseismic data to estimate stimulated volume for each stage of hydraulic
fracturing for a horizontal well with multiple hydraulic fractures in Barnett shale. They applied
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volumetric fracture modeling methods to develop a 3D model for fractures with different
orientations. Cipolla et al. (2010) used reservoir simulation to examine the impact of gas
desorption and stress dependent fracture conductivity on well performance for horizontal
completions. They concluded that there would be considerable desorbed gas produced in long
term production, but because of low permeability it was difficult to capture it. Fazelipour (2010)
modeled a horizontal well perforated in five places to create five stimulated reservoir volumes
with different orientations, geometries, and locations. By changing fracture geometric parameters,
data history matching was done. In another research paper by the same author, microseismic
fracture mapping technology was used to understand detailed descriptions of stimulated reservoir
volumes. Bogachev et al. (2011) introduced a simulation technology based on the concept that
fractures treated as virtual well perforations located in the grid blocks intersected by fractures.
They modeled near fracture micro effects by some user-defined correlations in the form of input
tables and analytical functions. Zhang et al. (2009) conducted experimental design of fracture
parameters and production performance of shale gas reservoirs. These simulations were based on
a multi-porosity system with matrix sub-grids to account for transient gas flow from the matrix to
the fracture. They used discrete fracture network models to account for geological complexity of
natural fractures. Jayakumar et al. (2011) used a finite-element software to investigate fracture
and flow mechanisms to achieve a match for field data in the Haynesville shale. Reduction in
apparent fracture surface area due to depletion, and stress dependent fracture permeability were
among the factors they accounted for in their investigation.
Gong et al. (2011) applied the discrete fracture modeling approach to represent 3D largescale fracture individually and explicitly. They used the finite-element method with unstructured
triangular grids for factures and tetrahedral grids for the matrix. Using Cartesian grids for
modeling complex networks of fracture may fail to work. For reliable results, local grid
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refinement should be applied at the flow interfaces. This procedure is computationally expensive
and difficult to perform.
Li and Lee (2008) presented a simpler method to model natural fractures, which was believed
to be more efficient in terms of computational time. In their hybrid method, a 3D black oil model
was used and fractures were categorized as small, medium, and large-sized fractures. For small
and medium size fractures, an effective permeability was considered for the grid blocks
containing these fractures. For long fractures, the flow equation was solved discretely in the
fractures. Source/sink terms were used to connect long fractures and the matrix flow equation,
similar to how Peaceman’s model connects wells to grid blocks. In this approach, fractures with
multidirectional orientation can be easily modeled while still using Cartesian grids for the matrix
domain. Both fractures and matrix can be connected to the wellbore so this model can be
considered as a dual permeability model. Moinfar et al. (2014) applied and extended Lee and Li’s
(2008) method to a 3D compositional simulator. They compared embedded discrete fracture
model (EDFM) with fractured reservoir model with grid refinement and concluded that their
model is as accurate as the one with grid refinement but yet much faster.

1.3. Research Objectives
The main objectives of this research are as follows:
•

Develop a phase behavior model to calculate saturation pressures and fluid properties
where capillary pressure alters the phase behavior.

•

Develop a methodology to calculate continuous black-oil and volatile-oil fluid properties
until a critical point is reached.
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•

Develop a compositionally- extended black oil model (CEBOM) to simulate multiphase
flow in tight rocks and shales. In such a model, the bubble-point pressure is a function of
both gas content in the oil and capillary pressure.

•

Use CEBOM to estimate recovery, predict future production and enhance oil recovery for
a variety of case studies.

1.4. Organization of dissertation
This dissertation is organized as follows: Chapter 2 describes the effects of capillary
pressure on phase behavior for multi-component mixtures. Our extended black-oil fluid properties
calculation and extrapolation approach is presented in Chapter 3. Chapter 4 presents the
compositionally extended black-oil simulation model, where implementing the effect of
saturation-dependent capillary pressure in the simulation model and including embedded discrete
fractures are discussed. Finally, Chapter 5 presents a variety of simulation case studies. First,
production cases are simulated, and then gas injection cases are simulated. Conclusions are
summarized in Chapter 6 followed by recommendations for future research.
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Chapter 2
Effect of capillary pressure on phase behavior

In this chapter, the effect of gas-oil capillary pressure from nanometer-scale pores on the
entire PT phase envelope for various hydrocarbon mixtures including the Bakken oil is examined.
We also include the effect of varying interfacial tension on the saturation pressure, which
approaches zero as the overall composition approaches a critical point.

Further, we give field

evidence, from the Bakken shale, of bubble-point pressure lowering caused by increased capillary
pressure.

2.1. Methodology
Vapor-liquid equilibrium is calculated considering only the effect of capillary pressure.
We neglect adsorption and assume that molecular interactions with the surface and changes in
fluid properties such as density near the rock surface are small. This assumption is likely
satisfactory for pore sizes greater than 5 or 10 nm for molecules such as methane and water,
which are typically on the order of 0.2 – 0.3 nm. Oils with larger molecules, such as n-decane
(molecules approximately 1 nm in length), however, may require larger pore sizes for good phase
behavior prediction using the EOS approach. Although we show results down to 1 nm in our
figures, a more thorough analysis using molecular simulation or grand potential may bring new
insight for the tiniest of pores (Evans et al. (1986), Restagno et al. (2000), and Giovambattista et
al. (2006)). Nevertheless, given the uncertainty in surface roughness, pore geometries and sizes
within tight rocks, a practical macroscopic approach, such as that presented here, is needed for
use in history matching by adjusting the level of capillary pressure within the tight reservoir.
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Phase equilibrium is achieved by making the fugacity of each component across a liquidvapor interface equal, where the phase pressures at which the fugacities are evaluated differ by
the capillary pressure. Capillary pressure is calculated in this paper based on the Young-Laplace
equation where the principle radii of curvature are equal, although it could alternatively be
calculated based on measured capillary pressure data for fluids of interest. Thus, we effectively
evaluate the effect of capillary pressure on phase behavior only at the mean pore size of the
porous medium. The following are satisfied at liquid-vapor equilibrium (Firoozabadi, 1999):

PV  P L  pc  2 / r

(2.1)

f iV  f i L

(2.2)

i=1

Nc .

where r is taken to be the pore radius. At the dew-point therefore, we have

fi L (T , P L , x1...xNc )  fiV (T , PV , z1...z Nc )

(2.3)

PV  P L  2 / r

(2.4)

Nc

x
i 1

i

1 ,

(2.5)

while at the bubble-point:

fi L (T , P L , z1...zNc )  fiV (T , PV , y1... yNc )

(2.6)
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PV  P L  2 / r

(2.7)

Nc

(2.8)

y
i 1

i

1.

Interfacial tension changes as a function of composition using the Macleod and Sugden
correlation (Pederson, 2007). That is,

Nc

  [ i ( xi  L  yi  V )]4 .

(2.9)

i

Thus, the interfacial tension becomes zero at a critical point where the phase compositions
and densities approach each other.
The system of equations for the bubble-point or dew-point calculation are solved using
standard negative flash calculation procedures where successive substitution is initially used to
update the K-values, followed by Newton iterations to convergence. The effect of capillary
pressure on the saturation pressures is modeled by varying the pore radius from infinity (no
capillary pressure) to a few nanometers. We use the Peng-Robinson equation-of-state in all
calculations (Peng and Robinson, 1976), although as stated previously we recognize that for very
small pores (say less than 10 nm) the approach used here may not adequately represent the
molecular interactions within a very small pore and its pore surface.

2.2. Results and observations for binary mixtures
We first determine the PT phase envelopes for a variety of binary mixtures of C 1-Cn
where n is the number of carbon atoms. Binary interaction parameters are set to 0.005 for all the
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binary mixtures examined. Parachor coefficients are always 77.33, 151.90, 191.70, 271.0, and
392.25 for C1, C3, C4, C6, and C10, respectively. Figure 2.1 shows the phase envelopes with and
without capillary pressure included for C1-C3, C1-C4, C1-C6, and C1-C10 binary fluids at a fixed
pore radius of 10 nm and a fixed mole fraction of 70% C1. Liquid pressure is considered to be the
reference phase pressure here. As shown in Figures 2.1 and 2.2, the capillary pressure reduces the
bubble-point pressure over all temperatures, but the bubble-point change goes to zero at the
critical point. These figures also show that the effect of capillary pressure is more important at
lower temperatures, although this is directly tied to the critical point temperature. The effect on
saturation pressures is relatively small in these examples owing to the volatile fluids used. The
change in bubble-point pressures generally increases as the fluid become more immiscible (C3 is
substituted with C4, and C4 with C6) as long as the pressures remain relatively low. The effect of
capillary pressure on bubble-point pressures, however, is decreased for the C1-C10 mixture
because the bubble-point pressures for that system become much larger, which reduces the
density differences between liquid and vapor. The large pressures therefore reduce the interfacial
tension along the bubble-point curve using the correlation in Eq. (2.9).
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Figure 2.1- Phase envelopes with and without capillary pressure for binary mixtures (70-30 C1-C3, 70-30
C1-C4, 70-30 C1-C6, and 70-30 C1-C10) and pore radius of 10 nm

The effect of capillary pressure on dew-point pressures is smaller than on bubble-point
pressures. Capillary pressure increases dew-point pressures for the region where the dew-point
pressures are greater than the cricondentherm, while it decreases the dew-point pressures for
pressures lower than the cricondentherm. At the critical point, the dew-point is unchanged since
the interfacial tension is zero there. Thus, there are two points on the phase envelope where the
saturation pressures are unchanged: one at the critical point and the other at the cricondentherm.
Our calculations further show that if Parachor coefficients are increased, the decrease in bubble
point pressure will be more pronounced. This shows the significance of choosing proper Parachor
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coefficients for flash calculations, and ultimately interfacial tension, since they highly affect
bubble-point pressures for nanopore reservoirs.

Figure 2.2- Phase envelopes for various C1-C6 mixtures and pore radius of 20 nm

In Figure 2.2, phase envelopes are plotted for different C1-C6 mixtures, while the pore radius
is fixed at 20 nm. The liquid pressure is considered as reference phase pressure here. It is seen
that the heavier mixtures are more affected by capillary pressure at the same temperature. The
more pronounced effect seen here is because at a fixed temperature the heavier mixtures are
generally farther away from the critical point, and also the bubble-point pressures are lower
resulting in increasing the vapor-liquid density difference and interfacial tension through Eq.
(2.9). As the fluids become heavier, the critical temperature and cricondentherm approach each
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other decreasing the size of the region where dew-point pressures are increased by capillary
pressure.

Figure 2.3- Temperature and pressure points within the two-phase region for the 70%-30% C1-C6 mixture
used in the density calculations for Figure 2.4.
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Figure 2.4- Fluid densities for 70%-30% C1-C6 mixture at pressure-temperature points in Figure 2.3.

Fluid densities are also changed by capillary pressure, and in general this effect for gas
density increases as the pressure and temperature point moves within the two-phase region away
from the dew-point pressure curve and for liquid density as it moves away from the bubble-point
pressure curve. Figure 2.3 shows the two-phase envelope for the C1-C6 mixture. Figure 2.4 gives
the change in densities for the phases that form at the PT points shown in Figure 2.3 as a function
of pore radius. As shown, both liquid and vapor density decrease as capillary pressure increases,
but the magnitude of the change depends on the particular P and T point. Note that to calculate
densities, gas phase pressure is consider to be the reference pressure. We later show that the
change is gas density would be different if liquid pressure is the reference phase. Closer to the
critical point, the decrease in fluid density becomes smaller, as expected, since capillary pressure
is zero there. The maximum reduction observed for the selected points is 7% for vapor density
and 5% for liquid density for the C1-C6 system. As capillary pressure increases, the percentage of

20
C1 increases in both liquid and vapor phases, and as a result, both vapor and liquid densities
decrease.

Figure 2.5- Interfacial tension versus pore curvature for 70-30 C1-C10 mixture

Figure 2.5 shows the interfacial tension using Eq. (2.9) as a function of pore radius for the
same C1-C10 mixture. The interfacial tension increases as the pore size decreases because the fluid
densities are changing. Interfacial tension increases further from the critical point. The interfacial
tension is larger on the bubble-point curve than the dew-point. Thus, the effect of capillary
pressure on the bubble-point pressure is greater than that for the dew-point pressure. The
importance of interfacial tension cannot be understated, and the interfacial tensions from Eq. (2.9)
are small. We suggest that the interfacial tensions should always be measured at several
compositions with varying pressures and temperatures so that the expression for interfacial
tension can be properly tuned.
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Figure 2.6- Capillary pressures for 70-30 C1-C10 mixture

In Figure 2.6, capillary pressure is plotted as a function of pore size for different temperatures
for the C1-C10 mixture using the interfacial tensions shown in Figure 2.5 and Eq. (2.1). The
capillary pressure is not linear with pore size because the interfacial tension depends on the pore
size, which is coupled to the fluid density. The capillary pressure is again zero at the critical
point.

2.3. Results and observations for Bakken oil
In this section we calculate the effect of capillary pressure on phase behavior for the
Bakken shale oil. Bakken is an unconventional oil reservoir in the Williston Basin. As shown in
Figure 2.7, the Williston Basin is a large circular depression along the US and Canada border. It
covers several hundred thousand square miles across parts of North Dakota, South Dakota,
Montana, and the Canadian Provinces of Manitoba and Saskatchewan. The middle Bakken
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region, which is the main pay zone, consists of laminated tight limestone and silt stones,
sandwiched by two source rocks, the upper and lower Bakken shales. The porosity of the middle
Bakken region is around 6%, and the associated air permeability is on the order of microdarcies.
Due to the relatively high initial water saturation and strong water wettability, the corresponding
effective oil permeability is in the range of 30 to 100 nanodarcy. Using the Kozeny–Carman
equation (Kozeny 1927; Carman 1937), the corresponding pore throat radius should be in the
range of 10 to 40 nanometers.

Figure 2.7– Bakken reservoir in the Williston Basin
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Figure 2.8– Typical measured pore-throat size distribution for mid-Bakken from high pressure mercury-air
capillary pressure experiments

One of the typical pore throat distributions estimated from high pressure mercury-air
capillary experiments is shown in Figure 2.8. Table 2.1 summarizes the key reservoir properties
for Bakken. Table 2.2 gives the input data required for the Peng-Robinson EOS calculations and
Table 2.3 represents binary coefficients used for flash calculation of Bakken oil.

Table 2.1- Reservoir properties for Bakken

Sample Depth
Reservoir Pressure
Reservoir Temperature
Modal range for pore size

9,500
6,840
240
10 – 50

ft MD
psia
°F
nm
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Table 2.2- Compositional data for Bakken oil

Component

Molar
Fraction

Critical

Critical

Pressure -

Temperature

psia

-R

Acentric
Factor

Molar

Critical

Weight –

Volume -

lb/lbmol

ft³/lb-mol

Parachor

C1

0.36736

655.02

335.336

0.0102

16.535

1.58

74.8

C2

0.14885

721.99

549.969

0.1028

30.433

2.34

107.7

C3

0.09334

615.76

665.97

0.152

44.097

3.25

151.9

C4

0.05751

546.46

759.208

0.1894

58.124

4.11

189.6

C5-C6

0.06406

461.29

875.479

0.2684

78.295

5.39

250.2

C7-C12

0.15854

363.34

1053.25

0.4291

120.562

8.81

350.2

C13-C21

0.0733

249.61

1332.095

0.7203

220.716

15.19

590.0

C22-C80

0.03704

190.12

1844.491

1.0159

443.518

36

1216.8

Table 2.3- Binary interaction parameters for Bakken oil
C1
C2
C3
C4
C5-C6
C7-C12
C13-C21
C22-C80

C1
0
0.005
0.0035
0.0035
0.0037
0.0033
0.0033
0.0033

C2
0.005
0
0.0031
0.0031
0.0031
0.0026
0.0026
0.0026

C3
0.0035
0.0031
0
0
0
0
0
0

C4
0.0035
0.0031
0
0
0
0
0
0

C5-C6
0.0037
0.0031
0
0
0
0
0
0

C7-C12
0.0033
0.0026
0
0
0
0
0
0

C13-C21
0.0033
0.0026
0
0
0
0
0
0

C22-C80
0.0033
0.0026
0
0
0
0
0
0

Figure 2.9 shows the bubble-point pressure curve for the Bakken fluid. The effect of capillary
pressure for the pore sizes of 10 and 20 nm decrease the bubble-point pressures more than in the
binary mixtures, especially for the lower temperatures.
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Figure 2.9- Bubble-point pressures for Bakken oil

At the reservoir temperature for the Bakken (240 oF), the results show that there is only a 100
psi decrease in the bubble-point pressure for a pore size of 10 nm. This decrease is likely too low
as the error in the estimated interfacial tension using the Macleod and Sugden correlation
generally increases as the pressure is reduced for a hydrocarbon fluid. Ayirala and Rao (2006)
showed that measured interfacial tensions were two to three times greater than the Maclead and
Sugden’s correlation (Eq. (2.9)) at moderate pressures. Further, the capillary pressure for gas-oil
is a function of liquid saturation (Du and Chu, 2012) and depends on wettability. Thus, the gas-oil
capillary pressure in the Bakken is relatively uncertain.
Capillary pressure does not only influence the saturation pressures but it also affects the two
phase fluid properties. The iso-saturation curves for Bakken fluid with and without capillary
pressure effect are plotted in Figure 2.10. Pore size is considered to be fixed at 19 nm which is the
modal pore throat size for a Bakken sample rock as shown in Figure 2.8. It can be observed in
Figure 2.10 that there is a more pronounced shift in iso-saturation curves in the middle of the
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phase envelope. Bubble point curve is the same curve as So=0 while dew-point curve is the same
as So=1 curve.

Figure 2.10- Iso-saturation curves for Bakken fluid

Figure 2.11 gives the oil density change as a function of pore size and pressure at a fixed
temperature equal to the reservoir temperature (240 oF) using the interfacial tension values from
Eq. (2.9). The results show that by decreasing the pore size, the oil density decreases
significantly, thereby overestimating the oil density if the effect of capillary pressure is neglected.
If the interfacial tension were increased, the liquid density would be lowered significantly from
these estimates. The liquid density at 1500 psia and reservoir temperature decreases by about 1.0
to 3.4% for a pore size of 10 nm, and 0.5% to 1.6% for a pore size of 20 nm.
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Figure 2.11- Liquid density for the Bakken fluid at the reservoir temperature of 240 oF

Figure 2.12- Liquid viscosity for the Bakken fluid at the reservoir temperature of 240 oF
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Figure 2.12 shows the change in oil viscosity as a function of pore size and pressure at
reservoir temperature. To calculate oil densities and viscosities here, gas phase is considered as
the reference phase. The results show that the oil viscosity decreases for smaller pore sizes.

2.3.1. Pore compressibility
The impact of pore radius on the PVT properties becomes more significant as the pore size
decreases during pressure depletion. As shown in Figure 2.13, there is a significant reduction in
the pore size of the Bakken shale owing to an increase in effective stress as pore pressure
decreases (Nojabaei et al., 2013). The figure shows the upper and lower range in the pore radius
reduction, which were inferred from history matches on dozens of wells in the Bakken and analog
lab data from the literature.

Figure 2.13- Pore radius reduction due to the compaction effect, Nojabaei et al., 2013
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Figure 2.14- Bubble-point pressure reduction due to compaction effect at T=240oF

By considering pore size reduction due to reservoir depletion, the reservoir is likely to
experience even more reduction in bubble-point pressure throughout the life of the reservoir.
Figure 2.14 shows the change in bubble-point pressure as a function of effective stress for four
different initial pore sizes at reservoir temperature of 240 oF. For the pore radius of 10 nm, the
calculations show that there is more than a 350 psi reduction in the bubble-point pressure as the
reservoir is depleted.

2.3.2. Production well data
The results described above have been used in the Bakken reservoir for adjusting the
PVT properties and assessing the corresponding impact on the well performance and ultimate
reserves.
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Due to the impact of the nanopores on the fluid/rock properties, several anomalous fluid flow
phenomena have been observed in many Bakken wells, though the corresponding physics behind
them has not been fully understood. One such aberration is the long lasting flat gas-oil ratio
(GOR) with or without the short step-wise jump observed in many Bakken wells, as shown in
Figure 2.15.

Figure 2.15- Producing GOR for a well in Bakken reservoir, Nojabaei et al., 2013

Figure 2.15 shows the producing GOR for a typical multi-stage fractured horizontal well in
the Middle Bakken. The buildup data and pressure measurements from the observation wells
revealed that both the flowing bottomhole pressure and the pressure around the wells have been
below the bubble point pressure; yet, the Rp values during the four years of production are still
close to the initial GOR (Rsi). Such GOR behavior could not be matched by using the PVT
properties reported by the lab. There are two realistic scenarios that may create the flattened GOR
even when the reservoir pressure is well below the bubble point pressure: enhanced critical gas
saturation in tight rocks and suppressed bubble point pressure due to the tiny pore sizes. The

31
expected behavior of GOR with time, however, for those two scenarios are different. Simulations
show that large critical gas saturation alone cannot explain the gas production history observed in
the Bakken. In general, a higher critical gas saturation will decrease the GOR for some time
period, but will then be followed by a large jump in GOR (by several orders of magnitude) after
reaching the critical saturation. If the bubble-point pressure is suppressed so that the reservoir
pressure always exceeds bubble-point pressure, then gas does not evolve at all in the reservoir.
The combination of the higher critical gas saturation and suppressed bubble-point pressure give a
long period of a relatively flat GOR associated with some smaller fluctuations as shown in Figure
2.15. Depending on the location in the Bakken, the GOR ranges from 507 to 1712 scf/bbl,
whereas the bubble-point pressure varies from 1617 to 3403 psi. The operational FBHPs are far
below the bubble point pressure for a substantial flow period and there is not any increased GOR.
The only way to match this behavior is to include a suppressed bubble-point pressure in the
simulations.
Real-world cases could be further complicated by pore compressibility, water saturation
changes, and the high critical gas saturation associated with tiny pore throats. As the depletion
progresses, the bubble-point pressure and liquid phase density will continue dropping due to the
pore size decrease owing to increased effective stress. Therefore, each reduction is not a constant
drop, but rather a function of the depletion process. Water in water-wet reservoirs occupy the
smaller pores and may cause increased oil-gas capillary pressure, which, in turn, may result in
even more suppression of the bubble point pressure. Extremely high critical gas saturation could
delay the formation of a continuous gas phase. According to Byrnes (2003), the critical gas
saturation in rocks with permeability in the order of nanodarcy can reach 30%.
Based upon the above discussions, we can describe the complexity of the phase behavior and
saturation distribution in a nanopore reservoir. As the depletion process progresses, there may
exist two-phase regions in part of the reservoir and liquid-phase-only regions in other parts of the
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reservoir, depending on the associated pore sizes and depletion process. Even within the twophase regions, the cumulated free gas will not flow until it reaches the corresponding critical gas
saturation and forms a continuous phase. The gas phase may stop flowing again if the gas
saturation drops below the critical level after a short period of time. The combination of the
bubble-point pressure suppression and high critical gas saturation may explain the short time
step-wise GOR increase observed in some of the middle Bakken wells. Understanding and
correctly capturing the heterogeneity and impact of tiny pores on the PVT properties and phase
behavior could greatly facilitate the history match and allow a reliable well performance forecast
and reserve assessment.

2.4. Highlights of the chapter
Tiny pores in many tight rocks and shale reservoirs can cause changes in phase behavior
of hydrocarbons due to large capillary pressure. This change is negligible unless the pore radius is
on the order of tens of nanometers or less.
By considering the effect of capillary pressure caused by small pores, bubble-point pressure
decreases and there is either a decrease or increase in dew point pressure depending on the
location on the phase envelope. Capillary pressure mostly influences bubble-point pressure rather
than the dew-point pressure. Dew-point pressures increase when the pressure is greater than the
pressure evaluated at the cricondentherm, but decrease at pressures lower than the
cricondentherm pressure. The change in saturation pressures increases for heavier mixtures and
when the bubble-point pressure is smaller since the critical point is farther away and the
interfacial tension is larger. There is no change in saturation pressure or fluid densities at the
critical point, where interfacial tension is zero. The results in this chapter highlight the importance
of measuring interfacial tension and pore size reductions with pressure, as both of these can
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greatly impact the effect of capillary pressure on saturation pressures, phase densities, and
viscosities. For the Bakken shale, the reduction of bubble-point pressure due to small pores and
high critical gas saturation in tight reservoirs can explain why there is no increase in producing
GORs for some wells.
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Chapter 3
Calculation and extrapolation of black oil fluid properties

The methodology to calculate the impact of capillary pressure on the phase behavior and
black oil fluid properties is first explained. We then use that approach to show how the black- or
volatile-oil data can be extended for variable bubble-point formulation where the oil composition
is changing using a compositionally-extended approach. We extend the approach by Whitson and
Sunjerga (2012) by adding bubble-point gases in smaller increments of pressure using the PengRobinson equation-of-state (Peng and Robinson, 1976). More importantly, we show how to
include simultaneously the effect of capillary pressure and gas content in the oil on the
extrapolated fluid properties and K-values. The results give continuous black- and volatile-oil
properties for tight and conventional reservoirs above the original saturation pressures.
Interfacial tension is modeled with the Macleod-Sugden correlation, which gives zero interfacial
tension at the critical point. Pressure-composition plots of Bakken oil are presented for three
different effective pore sizes and are used to represent compositionally-extended black-oil phase
behavior on a ternary diagram where water is included as a separate component. A fourth
component (methane or CO2) is added to the black- or volatile-oil phase behavior to demonstrate
how the new approach could be easily used to model miscible and immiscible gas injection more
accurately, compared to previous models that assume first-contact miscibility (e.g., Todd and
Longstaf, 1972; Shehbaz and Hoffman, 2009; and Dong and Hoffman, 2012). We then use
calculated minimum miscibility pressures (MMPs) based on a cubic equation-of-state fluid
characterization to compare the MMP from the pseudo-binary or ternary phase behavior. The
methodology is demonstrated with the Bakken reservoir fluid at a reservoir temperature of 240oF.
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3.1. Calculation of fluid properties using original composition
Flash calculations that account for the effect of pore size and the resulting high capillary
pressure are made to calculate fluid properties such as gas and oil densities, viscosities, solution
gas-oil ratio, volatile oil-gas ratio, and interfacial tension as a function of oil pressure. Because
Bakken crude is classified as black oil, the volatile oil-gas ratio is relatively small, but inclusion
of this parameter demonstrates the generality of the method, i.e., it can be applied to volatile
fluids as well. In the current methodology, these data are generated for three pore sizes where
bubble-point pressure is also calculated for each case. Oil pressure is assumed to be the reference
phase pressure, while gas pressure is calculated using the Laplace equation given below,

Pg  Po 

2
.
r

(3.1)

Phase equilibrium is achieved when the component fugacities of the gas and oil phases are
equal. That is,









fi o T , Po , x1 , x2 ,..., xNC  fi g T , Pg , y1 , y2 ,..., yNC .

(3.2)

We use the flash calculation approach to determine the black- and volatile-oil properties,
where the EOS model has been tuned to standard PVT data. First, the pressure is reduced in a
constant composition expansion test to calculate oil and gas densities and viscosities. For
pressures higher than the original bubble-point pressure, reservoir fluid is a single phase liquid
and the oil composition does not change. Above the bubble-point pressure, oil densities and
viscosities are nearly linear with pressure and the solution gas-oil ratio is constant. To calculate
solution gas-oil and volatile oil-gas ratios at each pressure below the original bubble-point
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pressure, we flash the overall composition at that pressure to get equilibrium liquid and gas
compositions. The liquid composition is flashed at standard conditions to determine the solution
gas-oil ratio, while the equilibrium gas composition is then flashed to obtain the volatile oil-gas
ratio. Solution gas-oil ratio is then the volume of gas at standard condition that evolves from the
oil divided by the volume of oil at standard condition (SCF/STB). The volatile oil-gas ratio is the
volume of oil at standard condition that condenses from the gas divided by the volume of gas at
standard condition (STB/MMSCF). These fluid properties are functions of oil pressure in the
standard black- or volatile-oil model.
Compositionally-extended black oil fluid properties (densities, viscosities, solution gas-oil
ratios, and volatile oil-gas ratios) are calculated for pore sizes varying from 10 nm, 30 nm, to
infinity. An infinite pore size corresponds to zero capillary pressure so that its influence on phase
behavior becomes zero. These fluid properties, shown in Figures 3.1 to 3.6, are presented as
functions of oil pressure. As shown, oil viscosity, oil density and volatile oil-gas ratio decrease
for smaller pore sizes, while the solution gas-oil ratio increases. Gas density and viscosity have
no particular trend with pore size. For pressures greater than bubble-point pressure, the reservoir
fluid is in the single-phase liquid region, where capillary pressure is not defined making oil
properties constant with pore size.
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Figure 3.1- Oil density change with oil pressure and pore radius

Figure 3.2- Gas density change with oil pressure and pore radius
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Figure 3.3- Oil viscosity change with oil pressure and pore radius

Figure 3.4- Gas viscosity change with oil pressure and pore radius
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Figure 3.5- Solution gas-oil ratio change with oil pressure and pore radius

Figure 3.6- Volatile oil-gas ratio change with oil pressure and pore radius
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During pressure depletion, gas-oil interfacial tension varies significantly so that neglecting
this change could lead to error. Based on the flash calculations, we pre-calculate interfacial
tensions as a function of pressure and use these data as input to the simulator (Figure 3.7).
Capillary pressure is not only a function of IFT but also saturation. We later, in the next
chapter, demonstrate the use of mercury injection tests of Bakken samples to derive the
relationship between saturation, capillary pressure, and the effective pore radius that is occupied
by the gas-oil interface at any saturation. In this way, fluid properties are considered as functions
of pore radius and consequently functions of capillary pressure and saturation.

Figure 3.7- Gas-oil interfacial tension at three different pore sizes using the Macleod and Sugden
correlation

Interfacial tension is calculated based on the Macleod and Sugden correlation (Macleod,
1923; Sugden, 1924; Pederson and Christensen, 2007). It is critical to measure IFTs for these
fluids so that the capillary pressure determination and its impact on phase behavior are more
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accurate (Ayirala and Rao, 2006). Here we multiplied IFTs by a factor of three as we believe
IFTs are underestimated.

3.2. Calculation of saturated fluid properties by changing overall composition
To extrapolate the black oil fluid properties to pressures above the original bubble-point
pressure, the overall composition of Bakken oil is changed by diluting the oil with various
amounts of equilibrium gas. In the first step, the gas composition used for the dilution is the gas at
equilibrium with the oil at the original bubble-point pressure. This gas composition is most easily
calculated using a negative flash approach. The new overall composition of the fluid that results
from mixing a certain fraction of original oil with its equilibrium gas is given by,

znew  (1   ) zold   yold

(3.3)

where  is the dilution factor and y is the equilibrium gas composition. Typical value used here
for  is 0.1, although we vary this factor later in the results section to show its impact on the
derived phase behavior.
In the second step, this new overall composition is flashed and pressure is increased until gas
disappears at a new elevated bubble-point pressure. At the new bubble-point pressure, the fluid is
again flashed using the negative flash approach to find a new equilibrium gas composition. Eq.
(3.3) is then used once more to determine a new overall composition. This procedure is repeated
using the negative flash technique to obtain larger and larger bubble-point pressures.
Figures 3.8 and 3.9 demonstrate the approach for seven new bubble-point pressures and their
corresponding oil density and solution gas-oil ratios. The densities for each new oil composition
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approach each other as the critical point is reached at a pressure of about 4,325 psia. The effect of
capillary pressure is not included in these plots, although we will do so later in the results section.
Figures 3.8 and 3.9 show that the curves do not exactly coincide for pressures below the original
bubble-point pressure. This is because the process shown here is discrete in that seven new
overall compositions were determined using  = 0.1 in Eq. (3.3). The curves will coincide exactly
below the bubble-point pressure for infinitesimal additions of gas, that is, with  near zero.
Normally, one would use measured black-oil data below the bubble-point so this problem is not
very significant and could be resolved by using a smaller  or simply by averaging the curves in
the regions where they nearly coincide.

Figure 3.8- Extrapolation of oil density by adding variable composition bubble-point gas from the last
pressure.
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Figure 3.9- Extrapolation of solution gas-oil ratio by adding variable composition bubble-point gas from
the last pressure.

Figure 3.10- Extrapolation of oil density by adding fixed composition bubble-point gas. This approach is
incorrect.
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Figure 3.11- Extrapolation of solution gas-oil ratio by adding fixed composition bubble-point gas. This
approach is incorrect.

The approach outlined above produces continuous black- or volatile-oil data. There are other
possibilities as well, but these are not physically consistent. For example, another possibility for
changing the oil composition is to add increasing increments of the gas at the original bubblepoint to the reservoir fluid. Figures 3.10 and 3.11, however, show that this approach is incorrect
because at higher pressures the curves intersect and do not converge to a single critical point.
This is expected for mixing of real multicomponent fluids where the critical point along that
dilution line does not occur at the top of the PX diagram.
When capillary pressure is present, the approach we outlined here must maintain consistency
at the critical point. To extrapolate the fluid properties when capillary pressure affects the phase
behavior also, the same equilibrium gas composition at the bubble point is added to the oil
composition based on the compositions found assuming zero capillary pressure. This preserves
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the same overall compositions with and without capillary pressure and will give the same critical
point no matter the effective pore size.

3.3. Calculation of K-values and oil and gas mass fractions using black-oil fluid
properties
The compositional-extended approach uses K-values that are functions of the black- or volatileoil fluid properties. The component K-values between the vapor and oleic phases at each pressure
are explicitly calculated based on Eqs. (3.4) and (3.5) and by using the fluid properties Rso and Rv.

Ko 

6
og  Rv /10   5.615osc   5.615osc  Rso  gsc 

oo
5.615osc  Rv /106   5.615osc    gsc

(3.4)

Kg 

gg
5.615osc  Rso  gsc 

go Rso  Rv /106   5.615osc    gsc

(3.5)









Ko is defined as the mass fraction of oil component in the vapor phase divided by the mass
fraction of oil component in the oleic phase, while Kg is the mass fraction of gas component in the
vapor phase divided by the mass fraction of gas component in the oleic phase. These two
equations are obtained by conserving component’s mass in the reservoir and at surface conditions
and by taking oil and gas phases at the surface to consist of purely oil and gas pseudocomponents,
respectively. Mass fractions of a given phase must also sum to one. Thus, the phase mass
fractions, and hence K-values, are determined without iteration.
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The gas and liquid phase compositions of the gas component are obtained by rearrangement
of Eqs. (3.4) and (3.5) along with the relationship that mass fractions must sum to 1.0 in a given
phase; That is,

gg 

go 

 gsc

R

6
v /10   5.615 osc    gsc

Rso  gsc
5.615osc  Rso  gsc

.

(3.6)

(3.7)

At the critical point, K-values should be one, meaning that component liquid and gas mass
fractions are equal. This fact and also that interfacial tension must be zero at the critical point are
used to check the extrapolated fluid property results at the critical point.

3.4. Results and discussion
The Bakken reservoir fluid characterization at 240oF is used for all examples. First, we
consider that the bubble-point pressure is not only a function of gas content but also a function of
capillary pressure.
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Figure 3.12- Solution gas-oil ratio at three different effective pore sizes and for three different gas contents
to show the simultaneous change in extrapolated bubble-point pressure.

Figure 3.12 shows the solution gas-oil ratio and its extrapolation for simultaneously changing
the gas content (solution gas-oil ratio above bubble-point pressure) and the effective pore size
(capillary pressure). As shown, the bubble point pressure decreases when capillary pressure
increases while the bubble-point pressure increases as the gas content in the oil increases. The
original bubble-point pressure for the case of no capillary pressure is 2,860 psia, while the
original bubble-point pressures for 30 nm and 10 nm effective pore sizes are 2,784 and 2,572 psia
respectively. The difference in the solution gas-oil ratio owing to capillary pressure increases as
the pressure is reduced.
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Figure 3.13- Oil density change with oil pressure and effective pore radius up to the critical point
at 4325 psia.

Figure 3.14- Gas density change with oil pressure and effective pore radius up to the critical point
at 4325 psia.
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Figure 3.15- Oil viscosity change with oil pressure and effective pore radius up to the critical point
at 4325 psia.

Figure 3.16- Gas viscosity change with oil pressure and effective pore radius up to the critical point at 4325
psia.
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Figure 3.17- Solution gas-oil ratio change with oil pressure and effective pore radius up to the critical point
at 4325 psia.

Figure 3.18- Volatile oil-gas ratio change with oil pressure and effective pore radius up to the critical point
at 4325 psia.

Figures 3.13 to 3.18 depict various extrapolated black-oil properties and show that these
properties converge as they should at the critical point where capillary pressure is zero.
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In Figure 3.19 we show the gas-oil interfacial tension of Bakken fluid as a function of
pressure for the case of very large pore sizes and hence negligible capillary pressure. We
calculated interfacial tensions to the extrapolated critical point at 4,325 psia based on the Macleod
and Sugden correlation, Eq. (3.8).



   i ( xi  L  yi  V ) 
 i


4

(3.8)

where  i is the parachor of component i and  L and  V are molar densities of liquid and gas
phase, respectively. All eight components of the Bakken fluid characterization are included in the
flash calculations used as input to the Macleod and Sugden correlation.
Because capillary pressure can impact the black-oil properties, a match must be made
between the flash calculation IFT values and the two-hydrocarbon pseudocomponent model. We
adjusted the Macleod and Sugden correlation as follows,

   o (oo o  og  g )   g (go o  gg  g ) 

4

(3.9)

where the densities are not molar densities but mass densities. The mass fractions and phase
densities are calculated as functions of pressure, but the oil and gas component pseudo-parachors
are unknown in Eq. (3.9). Thus, we performed a linear regression to tune the parachor values and
achieve the best match (tuned values were 2.80 for the oil pseudo-parachor and 6.12 for gas
pseudo-parachor). The match is excellent as shown in Figure 3.19 and both curves predict zero
IFT at the critical point.
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Figure 3.19- Interfacial tension calculated from the Macleod and Sugden correlation compared to the ones
calculated from our two

The gas component liquid and gas phase mass fractions calculated from Eqs. (3.6) and (3.7)
are used to generate a pressure-composition diagram of the binary pseudocomponent black-oil
phase behavior (see Figure 3.20). Unlike multicomponent fluids with three or more components,
the critical point is at the top of this diagram because of the differential approach taken to
determine the tie lines. In that approach, the liquid composition becomes lighter, while the
equilibrium gas composition becomes heavier until they merge at the top of the two-phase region.
Figure 3.20 shows that the bubble-point is suppressed by capillary pressure, while the dew-point
is increased in line with previous research (Nojabaei et al., 2013). A “dead” oil composition exists
at standard pressure and temperature, which is taken to be the oil pseudocomponent in this
diagram (even though this diagram is at constant reservoir temperature). Table 3.1 gives the
eight-component compositions of the original bubble-point oil and gas, surface gas, dead oil, and
critical fluid for the Bakken fluid.
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Figure 3.20- Pressure-composition plot of gas component for three different effective pore sizes.

Figure 3.21- Pressure-composition plot of gas component for the no capillary pressure case using three
different extrapolation approaches. The differential approach used in this paper is visibly the best.
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We compare the pressure-composition diagram based on our method of extrapolation to those
from two other previously mentioned methods of extrapolation for the case of zero capillary
pressure. As described in the introduction, one approach is the linear extrapolation of K-values on
a log-log plot to get K-values of 1.0 at the critical point, which we referred to as the method of
Singh et al. (2007). The other approach adds surface gas to the mixture to achieve a larger
bubble-point pressure. We applied both of these methods to extrapolate the solution gas-oil and
volatile oil-gas ratios to calculate gas and liquid phase mass fractions of the gas component for
Bakken oil. The results of these three methods, including our differential approach, are plotted on
the PX diagram shown in Figure 3.21. It is seen that our approach is the only method that gives a
visibly smooth curve all the way to the critical point. Singh et al.’s method gives two linear
curves, which meet at the critical point. To apply Singh et al.’s method, we assumed that the
convergence pressure is the same as the extrapolated critical pressure that we calculated. In their
method, the choice of critical pressure does not affect the linear shape of the curve; it can only
move the critical point up or down. For the approach where surface gas is added, the procedure
was stopped when the gas and liquid phase compositions for the gas pseudocomponent became
the same. This point does not reflect the correct critical point since interfacial tension is not zero
there.
Next, we varied the value of 𝛼 in Eq. (3.3) to see how this parameter impacts the extrapolated
phase behavior. As 𝛼 becomes smaller, the PX diagram becomes smoother and the results are
more consistent since the process is based on infinitesimal additions (or subtractions) of
equilibrium gas. Figure 3.22 shows that using different  values results in a change in the
extrapolated critical pressure. A value of 𝛼 extrapolated to zero should give a critical pressure of
4,297 psia, while the critical pressure is 4,325 psia using 𝛼 = 0.1.These two values are only 28
psi different, but these differences could be used to slightly adjust the critical point pressure by
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changing the value of  if needed, say to match the minimum miscibility pressure (MMP) for a
gas flood.

Figure 3.22- Extrapolated critical pressures with different values of  in Eq. (3.3).

Last, we consider how to modify the compositionally extended black-oil phase behavior to
model gas injection, where gases such as methane, produced gas, or CO2 may be used. One
possibility is to reinject the gas pseudocomponent so that there are only two hydrocarbon
pseudocomponents. This would correspond to recycling of the produced (surface gas) without
removing the intermediate components in the gas (such as ethane, propane, butane). The use of
only two hydrocarbon components would be acceptable if the actual MMP from slim-tube
experiments or other fluid characterization methods for displacement of bubble-point oil (original
oil composition) by surface gas is close (or better yet equal) to the critical pressure of the pseudobinary PX diagram.
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Table 3.1- Composition of various gases and oils

C1

C2

C3

C4

C5-C6

C7-C12

C13-C21

C22-C80

Original bubble-point oil

0.3674

0.1489 0.0933

0.0575

0.0641

0.1585

0.0733

0.0370

Original bubble-point gas

0.6521

0.1676 0.0783

0.0371

0.0285

0.0336

0.0028

1.5E-05

Surface gas

0.5454

0.2177 0.1298

0.0686

0.0356

0.0029

1.6E-07

6.8E-17

Dead oil

0.0028

0.0078 0.0188

0.0348

0.1224

0.4771

0.2234

0.1129

Critical point fluid at 4325 psia

0.5234

0.1598 0.0868

0.0479

0.0468

0.0939

0.0316

0.0097

We calculate MMPs for displacements based on the original eight-component Bakken fluid
characterization. The calculation was done using our in-house flash calculation package PennPVT
(2013), where the MMPs are determined from the multiple mixing-cell approach of Ahmadi and
Johns (2011). The extrapolated critical pressure (about 4,300 psia) from the PX diagram is
substantially greater than the MMP of 2,706 psia from PennPVT, indicating that the surface gas is
much richer in intermediate components than the equilibrium gases in Figure 3.21 that were used
to generate the two-phase envelope and critical point. The compositions of these fluids are shown
in Table 3.1. Because of the large difference in MMP, it would not be accurate to use only the
surface gas to represent a miscible or near miscible displacement by the phase behavior given in
the PX diagram of Figure 3.21. Thus, more than two hydrocarbon components would be required
as considered later in this section.
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Table 3.2- MMPs for different oils and gases calculated using multiple mixing cell method (Ahmadi and
Johns, 2011)

Surface gas and original bubble-point oil

2706 ± 36 𝑝𝑠𝑖𝑎

Methane and original bubble-point oil

3907 ± 2 𝑝𝑠𝑖𝑎

Methane and dead oil

5768 ± 7 𝑝𝑠𝑖𝑎

CO2 and original bubble-point oil

2230 ± 50 𝑝𝑠𝑖𝑎

CO2 and dead oil

3061 ± 19 𝑝𝑠𝑖𝑎

Table 3.2 gives values of MMP for other gas-oil displacements as calculated by PennPVT.
For example, if one were to inject methane to displace original bubble-point oil, the MMP is
around 3,907 psia. This value is close to the critical point pressure of the pseudo-binary PX
diagram in Figure 3.21 since the equilibrium gas used to generate that figure was relatively light
compared to the surface gas. Thus, if pure methane were injected, one could use the phase
behavior in Figure 3.21 to reasonably model the miscible process, although the MMP value
would be erroneous by about 10%.
Table 3.2 also gives the MMP values for injection of CO2. The MMP for displacement of
original bubble-point oil by CO2 is about 2,230 psia, while the “hypothetical” displacement of
dead oil by CO2 gives an MMP around 3,061 psia. The large MMP for the displacement of dead
oil is consistent again with the dead oil containing more heavy components than the original
bubble-point oil. Although the MMP for displacement of dead oil is not practical, this value
should be approximately the same as the critical pressure of the corresponding PX diagram for
CO2-dead oil (3,160 psia from the PX plot compared to a MMP of 3,061 psia in this case).
Ideally, one could tune the black- and volatile-oil components to match these MMPs exactly, but
the values are very close.
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The above results indicate that it would be advantageous to introduce a third hydrocarbon (or
nonhydrocarbon component) to the black- or volatile-oil fluid characterization to model miscible
or near miscible gas injection. For example, to model a displacement of original bubble-point oil
by methane, one could introduce methane as another gas component keeping the surface gas and
dead oil as the two other hydrocarbon pseudocomponents. Displacements by CO2 would require
CO2 be represented as a separate third component to properly match the MMP.
The introduction of a second gas component (or solvent) complicates the black oil model.
Compositionally-extended black-oil systems, however, can be easily represented by ternary
diagrams as shown below. Adding the fourth component then amounts to model the phase
behavior using quaternary diagrams.

Figure 3.23- Ternary diagram of three component

Figure 3.24- Ternary diagram of three

black-oil system at P=500 psia.

component black-oil system at P=2500 psia.
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Figure 3.25- Ternary diagram of three component

Figure 3.26- Ternary diagram of three component

black-oil system at P=3500 psia.

black-oil system at P=4300 psia (just below the
critical pressure).

First, consider the standard black oil model represented on a ternary diagram. Here, we have
three components (water, dead oil, and surface gas) and three phases (aqueous, oleic, and vapor).
The aqueous phase consists of pure water component, and as a result, the composition of the
aqueous phase is always at the apex of the ternary diagram (the inclusion of gas in water could be
easily added, but is not shown here for simplicity). The oil and gas components are not miscible,
and thus, a tie line connects their equilibrium phases (bubble-point oil and dew-point gas) on the
oil-gas axis of the ternary diagram. This tie line is also a boundary of the three-phase region. The
PX diagram in Figure 3.21 gives the length of the tie line on the gas-oil axis at various pressures.
The three-phase region extends from the water apex to the two equilibrium compositions. Figures
3.23 to 3.26 show the change in the ternary phase behavior for the compositionally-extended
black-oil model for four different pressures including one close to the critical pressure between
the gas and oil pseudo-components. The dashed lines on these figures are tie lines. The figures
show that the three-phase region shrinks with an increase in pressure as expected. For pressures
greater than the critical point, there is just one two-phase region, where only the aqueous and
supercritical phases remain.
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Figure 3.27- Pressure-mass composition plot of

Figure 3.28- Pressure-composition plot of methane

methane diluted with dead oil

diluted with dead oil.

Figure 3.29- Flattened quaternary diagram of four-component extended black-oil system with
methane at P=2500 psia.
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Figure 3.30- Flattened quaternary diagram of four-component extended black-oil system with
methane at P=4325 psia.

Consider now injection of pure methane to displace the original bubble-point oil at constant
reservoir temperature. The oil pseudocomponent is the dead oil composition. We lumped the dead
oil composition to one single fluid component and then performed negative flash calculations for
the dilution of this component with methane at different pressures (see Figures 3.20 and 3.21).
The critical pressure is at the top of these diagrams at a pressure of about 6,470 psia. Ideally, this
value should be the same as the minimum miscibility pressure (MMP) of methane and eightcomponent dead oil using PennPVT (or slim-tube measurements). As shown in Table 3.2, they
are within 10% of each other (6,470 psia compared to 5,768 psia), but they are not exact.
Although not done here, one could adjust the properties of the dead oil pseudocomponent in the
PX diagram to achieve a match to the MMP of 5,768 psia.
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Figure 3.31- Pressure-mass composition plot of

Figure 3.32- Pressure-composition plot of CO2

CO2 diluted with dead oil.

diluted with dead oil.

Figure 3.33- Flattened quaternary diagram of four-component extended black-oil system with CO2
at P=2500 psia.
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Figure 3.34- Flattened quaternary diagram of four-component extended black-oil system with CO2
at P=3160 psia.

The PX diagram for methane and the dead oil component is a limiting case of the oil-gas-CH4
ternary diagram (corresponding to its oil-CH4 axis), which is one of the sides of the quaternary
diagram (for the four-component water-oil-gas-CH4 system). The four sides of the quaternary
diagram are shown in Figures 3.29 and 3.30 for a pressure of 2,500 psia, which is below the
critical pressure of the oil-gas axis, and for a pressure of 4,325 psia, which is equal to its critical
pressure. The critical point locus in the oil-gas-CH4 ternary diagram is assumed approximately
linear with pressure and composition. For consistency, we also use lines to represent the bubblepoint and dew-point curves in that face of the quaternary diagram. The K-values inside the ternary
diagrams are easily estimated by assuming that the tie line extends to the dead oil apex and
through the overall composition specified (Tang and Zick, 1993). This approach also allows for
mixtures of CH4 and produced gas to be injected. The critical locus is shown in the figures by a
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dotted red line while the blue dashed lines are tie lines. These flattened quaternary diagrams are
based on mass fractions and not molar compositions.
Next, we can easily substitute methane with CO2 and repeat the process. Displacement of
dead oil by CO2 will result in a significantly lower critical pressure and MMP as shown in
Figures 3.31 and 3.32, and also in Table 3.2. These two values agree well (eight-component’s
MMP of 3,061 psia compared to 3,160 psia on the PX diagram). Again, one could tune the
properties of the dead oil pseudocomponent in the PX diagram to match the actual MMP. Figures
3.33 and 3.34 give the sides of the quaternary diagram for the four component oil-gas-water-CO2
system at two different pressures of 2,500 psia and 3,160 psia (dead oil-CO2 critical pressure).
The displacements by methane and by CO2 would require adding a fourth mass conservation
equation in the formulation. This is relatively easy to do, and does not increase the computational
cost significantly because the K-values are now known. It may also be possible to include a fifth
component in this model (say methane and CO2), but the pseudocomponent for the dead oil
would have to be tuned to give the correct MMP in both the oil-CO2 and oil-CH4 PX diagrams.

3.5. Highlights of the chapter
Black oil fluid properties were generated using flash calculation for three different pore
sizes. We demonstrated a consistent approach to calculate variable black- and volatile-oil fluid
properties below and above the original bubble-point pressure where the saturation pressures
changes with both oil composition (solution gas-oil ratio) and capillary pressure (effective pore
size). The approach shown determines the fluid properties for a variable bubble-point by adding
fractions of the equilibrium gas composition with its bubble-point oil to achieve a new larger
bubble-point pressure. This differential procedure continues until a critical point is reached. We
demonstrated that our approach unlike more recent methods gives a smooth and consistent
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pressure-composition curve all the way to the critical point. The extension of this approach to
four components allows for injection of CO2 or methane for both miscible and near miscible
floods.
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Chapter 4
Compositionally-extended black oil simulation

We propose a model to estimate production of shale reservoirs by fully incorporating the
effect of saturation-dependent capillary pressure and pressure-dependent interfacial tension in a
compositionally extended black oil model. The compositionally-extended black oil approach has
significant advantages over the conventional black oil solution because its numerical solution is
continuous when the free gas phase appears or disappears. Furthermore, the approach easily
allows for a variable bubble-point formulation where the bubble-point (and all black oil
properties) is a function of both the amount of the gas component in the oleic phase and the level
of capillary pressure. We also give the results of simulations using the Bakken eight-component
fluid.
We compare the compositionally-extended black oil model with an in-house fully
compositional model and show excellent agreement. Reservoir wettability and its effect on
production with capillary pressure in the model are investigated.
The methodology to simulated flow in both single porosity and dual porosity reservoirs are
explained. The EDFM approach to model a dual porosity dual permeability reservoir is elaborated
and the results are validated with a discrete fracture model with fine grids.
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4.1. Reservoir simulation with high gas-oil capillary pressure

4.1.1. Methodology
In this section, we illustrate the methodology to simulate the production of the Bakken
reservoir. First, the black oil fluid properties are pre-calculated using flash calculations of the
Bakken crude oil that include various levels of capillary pressure. These data are calculated as a
function of pressure. Next, three-phase capillary pressures (oleic, vapor, and aqueous) are
estimated for a sample reservoir based on mercury injection results with Bakken rock. Last, we
demonstrate the use of these data in our new simulator model and describe the compositionallyextended approach. A flowchart demonstrating the simulation steps is presented in Figure 4.1.

Figure 4.1- Flow chart for the compositionally-extended black oil simulator during each time step
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4.1.2. Input black oil fluid properties affected by nanometer sized pores
Flash calculations that account for the effect of pore size and the resulting high capillary
pressure (Nojabaei et al., 2013) are made to calculate fluid properties such as gas and oil
densities, viscosities, solution gas-oil ratio, volatile oil-gas ratio, and interfacial tension as a
function of oil pressure as presented in Chapter 3. Because Bakken crude is classified as black oil,
the volatile oil-gas ratio is relatively small, but inclusion of this parameter demonstrates the
generality of the method, i.e., it can be applied to volatile fluids as well. In the current
methodology, these data are generated for three pore sizes where bubble-point pressure is also
calculated for each case. Oil pressure is assumed to be the reference phase pressure, while gas
pressure is calculated using the Laplace equation.
We demonstrate the use of mercury injection tests of Bakken samples to derive the
relationship between saturation, capillary pressure, and the effective pore radius that is occupied
by the gas-oil interface at any saturation. In this way, fluid properties are considered to be
functions of pore radius, and consequently functions of capillary pressure and saturation.
Compositionally-extended black oil fluid properties (densities, viscosities, solution gas-oil
ratios, and volatile oil-gas ratios) are calculated using the Peng-Robinson equation of state for
pore sizes varying from 10 nm, 30 nm, to infinitely large. An infinite pore size corresponds to
zero capillary pressure so that its influence on phase behavior becomes zero. The change of fluid
properties with pore curvature (inverse of pore radius) is almost linear as shown in Figure 4.2 for
oil density. Therefore, linear interpolation of fluid properties with curvature is reasonably
accurate. More black-oil data could be generated for different pore sizes if needed.
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Figure 4.2- Bakken oil density versus pore curvature for three different pressures

As shown in Figure 3.7, interfacial tension changes with pressure, but does not change
significantly with pore radius as long as pressure is relatively large and the pore size is greater
than 10 nm. Thus, change of IFT with pore size could be neglected at high producing pressures
for this oil, but only for the calculation of gas pressure in the simulation. Interfacial tension is a
function of pore size and is used for pre-calculating the black oil fluid properties with flash
calculations. Because the interfacial tensions calculated from the correlation are smaller than
measured values (Ayirala and Rao, 2006), as mentioned in Chapter 3, we increased the IFTs by a
constant factor of three to achieve a better match.

4.1.3. Three-Phase capillary pressure and pore size distribution-saturation data
One significant issue with ultra-low permeability rocks is the determination of capillary
pressure. Example raw air-mercury capillary pressure data and resulting pore-size distribution
curves are shown in Figures 4.3 and 4.4 for Bakken core plugs. Because of the very small pore
throats, mercury injection data should undergo several corrections including closure and fluid/cell
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compressibility corrections (Comisky et al., 2007). The closure pressure is the pressure required
to allow the mercury to envelope the sample, but without intruding into pores. The reason for
needing closure correction is because core plugs have external irregularities as a result of sample
preparation (drill cutting and lost grains). Uncorrected data, therefore, will have a larger entry
pressure than it should. Often, scanning electron microscopes or thin sections can help to decide
when closure has occurred by visually estimating the largest pore throat sizes present. For tight
rocks mercury injection pressures of several thousands of psi may be required to achieve
significant mercury intrusion in some ultra-low permeability rocks (Sigal, 2013). Mercury
capillary pressure curves must also be converted to gas-oil and oil-water capillary pressures using
interfacial tension and contact angle.

Figure 4.3- Injection pressure of mercury-air, (mercury-air capillary pressure) and pore-size distribution for
a Bakken rock sample
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Figure 4.4- Pore size distribution versus the wetting phase saturation for a Bakken rock sample

The laboratory results of a Bakken core sample exhibit a modal pore throat radius of 13 nm
(see Figure 4.5). We correct the raw data assuming that several thousands of psi are required for
mercury injection to completely envelope the sample without entering the largest pore throat.
This corresponds to pores smaller than 23 nm for the specific sample shown (left side of the red
line in Figure 4.5). To correct for closure, a line is fit through the plateau region of the data. The
extrapolation to zero mercury saturation of this line is the entry pressure of the core sample.
Although this procedure is not very precise, we did not have further information to determine the
entry pressure.
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Figure 4.5- Modal pore throat size for a Bakken rock sample

The Leverett J-function (Leverett, 1941) is then determined from the air-mercury capillary
pressure. The J-function is used to determine the gas-oil and oil-water capillary pressure for
varying gas-oil interfacial tension, porosity, and permeability (see Figures 4.6 – 4.9). For gas-oil
capillary pressure the wetting phase saturation is the liquid phase saturation, while for oil-water
capillary pressure the wetting phase saturation is initially taken to be water for the Bakken
reservoir. We use normalized gas-oil capillary pressure (capillary pressure divided by interfacial
tension) because gas-oil interfacial tension is not fixed and can change with pressure. The
normalized gas-oil capillary pressure is multiplied by the IFT to give gas-oil capillary pressure at
any pressure and saturation during the simulation.
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Figure 4.6- J-function versus the wetting phase saturation for a Bakken rock sample (same sample as in
Figure 4.5).

Figure 4.7- Oil-water capillary pressure versus water saturation for a water-wet Bakken rock sample
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Figure 4.8- Normalized gas-oil capillary pressure versus gas saturation for a water-wet Bakken rock sample

Wettability of the rock is an important factor in establishing capillary pressure-saturation
data. So far, we have assumed that the middle Bakken is completely water-wet, and as a result,
gas pressure is greater than the oil pressure, which is greater than the water pressure. That is, the
aqueous phase is the wetting phase, oil is the intermediate wetting phase, and the vapor is the
non-wetting phase. The middle Bakken is more water-wet because it is not the source rock.
Many shale formations, however, are source rocks and are oil wet.
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Figure 4.9- Illustration of phase distributions for oil-wet and water-wet cases for a triangular pore, adapted
from Zhou and Blunt (1998).

Figure 4.10- Pore-size distribution versus oil saturation for the oil-wet case
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Figure 4.11- Water-gas capillary pressure versus water saturation for the oil-wet case

Figure 4.12- Normalized gas-oil capillary pressure versus oil saturation for the oil-wet case

In the oil-wet case, the aqueous phase is non-wetting, while the vapor is assumed to be the
intermediate wetting phase (see Figure 4.9). Gas-water capillary pressure is a function of water
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saturation, which is now the non-wetting phase, while the oil-gas capillary pressure is taken to be
a function of oil saturation (the wetting phase). Consequently, the pore-size distribution is also a
function of oil saturation in the oil-wet model. The water-gas interfacial tension is fixed at 40
dyne/cm. Figures 4.10 through 4.12 show how capillary pressures and pore-size distribution
change with phase saturations for this case.

4.1.4. Compositionally-extended black oil formulation
A black-oil model is a special case of compositional simulation where the components
are oil, gas, and water, and the phases are oil (oleic), gas (vapor), and water (aqueous). Solving
compositional equations directly allows for switching from saturated to under-saturated
conditions without the common discontinuity problem experienced in conventional black oil
simulators. Fluid properties change with both pressure and saturation, which is accounted for in
the non-linear system of equations. The principle unknowns are overall mass composition of gas
component Zg, oil pressure Po, and water saturation Sw. These unknowns are solved for using a
fully-implicit scheme. We solve the following flow equations for oil and gas components:

N
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  j 1
 j 1 
j
t  j 1


 

(4.1)

where ij is the mass fraction of component i in phase j and M ij is the well mass flow term. For
the compositional black oil formulation, there are three components of oil, water, and gas while
three phases of water or aqueous, oil or oleic, and gas or vapor may be present. The general form
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of the equation above can be expanded to the following form when the gravity terms are
neglected.
For oil component:
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And for gas component:
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For the water component (or water phase as they are identical) the equation below is solved:
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(4.4)

No oil and gas exists in the aqueous phase, but we do allow for dissolved gas in the oleic phase
and volatilized oil in the vapor phase through the solution gas-oil ratio, Rso, and the volatile oilgas ratio Rv.
The compositional approach uses K-values that are functions of the black-oil properties. The
component K-values between the vapor and oleic phases are explicitly calculated using Eq. (3.5)
and Eq. (3.6) and the prior tabulated fluid properties as described in Chapter 3. Overall mass
fraction of oil component is one of the principal unknowns and mass phase fractions can be
calculated using K-values and the overall mass composition of each component. The mass
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fractions of a given phase sum to one. Thus, the mass phase fractions are determined without
iteration.
The black oil properties are determined from linear interpolation of the pre-tabulated values
based on the pore radius that the gas-oil interface occupies at a particular value of gas saturation.
This pore size is termed the “effective pore size” in this research work. At every time step, gas
saturation is calculated for each grid block and the corresponding effective pore radius is
specified.
By using an extended black oil reservoir simulator, the oil pressure, overall gas composition,
and water saturation can be solved first, and oil and gas saturations can be subsequently
calculated. Having the J-function plot and the pore-size distribution from the mercury injection
test of Bakken rock sample, the corresponding pore throat size can be estimated. Gas-oil capillary
pressure is proportional to the pressure-dependent IFT and saturation-dependent J-function, so
gas-oil capillary pressure is a function of both pressure and saturation. Black oil fluid properties
are calculated by linear interpolation of pore curvature (inverse of pore radius) at any effective
pore radius which changes with saturation, so these fluid properties change with both pressure
and saturation. The algorithm that we follow during each time step is illustrated in Figure 4.1.

4.1.5. Comparison of the compositionally-extended black oil model with fully-compositional
simulation
We first compare the results of the compositionally-extended black oil model to the
results of a fully-compositional model to ensure that our model captures the required complexities
due to capillary pressure and pore-size distribution accurately.
We do not include fractures here, but for simplicity use increased matrix permeability to
account for the effect of intensely spaced fractures on flow. Thus, the reservoir model is a single
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porosity system. Relative permeability curves are adapted from Shoaib and Hoffman (2009) and
shown in Figure 4.13. The reservoir size and properties are given in Table 4.1. The reservoir is a
2-D rectangular domain with 25 (5 by 5) grid blocks. Initial reservoir pressure is 4,200 psia. The
production well is at the center and the well bottom hole pressure is specified to be 100 psia to
give a large pressure variation in the results. Peaceman’s model (Peaceman, 1978) is used for the
well grid block.

Figure 4.13- Relative permeability curves for water-wet reservoir

Table 4.1- Reservoir and fluid properties

Reservoir size

1500 ft  1500 ft

Enhanced permeability

10 md

Enhanced porosity

4.4%

Reservoir thickness

10 ft

Fluid type
Temperature

Bakken fluid
240 oF
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The initial water saturation is 0.25, while residual water saturation is 0.2. The critical gas
saturation, the minimum gas saturation at which the vapor starts to flow, can be as high as 0.4.
Both models include the effects of capillary pressure on phase behavior in a rigorous way as
described previously. The results from both simulators agree well for the cases considered,
especially considering that the fully compositional model uses eight components to describe the
production process, while the black-oil model uses only two hydrocarbon components. Capillary
pressure is always considered in the flow calculations for both cases, but when indicated here as
without capillary pressure, capillary pressure is not included in behaviour calculations.

Figure 4.14- Comparison of well block pressures (oil pressure) for extended black oil and compositional
simulations

Figure 4.14 shows the comparison of the well block pressures from the simulations. Solid
curves show the case without capillary pressure effects on phase behavior, whereas dashed curves
show the case with capillary pressure. The green curve is the results of the fully-compositional
simulation and the red curve shows the results for the compositionally-extended black oil model.
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It is seen that the trends are very similar; both extended black oil and compositional models for
the same capillary pressure level have a difference of about 200 psi at day 200. The time at which
gas evolves at the suppressed bubble-point pressure also agrees reasonably well. The bubblepoint pressure is reduced from about 2,870 psia to 2,770 psia owing to capillary pressure; both
models predict about 100 psi drop in the bubble-point pressure. The gas saturation at the well grid
block is shown in Figure 4.15. The bubble-point pressure is reached later for the case with
capillary pressure for both the extended black oil and compositional models.

Figure 4.15- Comparison of well block gas saturations for extended black oil and compositional
simulations

The oil production rate is shown in Figure 4.16 for the same cases, and is blown up in Figure
4.17. These two figures show similar trends for all simulation runs. Figures 4.18 and 4.19
illustrate the cumulative oil and gas productions, respectively. The cumulative recoveries are
close for both the extended black oil and the compositional simulation results. Using both
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simulation methods, the gas and oil cumulative recoveries are greater when capillary pressure
effects on phase behavior are included.

Figure 4.16- Comparison of oil flow rates for extended black oil and compositional simulations

Figure 4.17- Close up of comparison of oil flow rates for extended black oil and compositional simulations
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Figure 4.18- Comparison of cumulative oil production for extended black oil and compositional
simulations

Figure 4.19- Comparison of cumulative gas production for extended black oil and compositional
simulations

The extended black oil model gives a 7.4% increase in cumulative oil production and a 9.9%
increase in gas production, while the fully-compositional simulation gives a 7.9% increase in oil
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recovery and a 10.5% increase in gas recovery. These results for the present case study
demonstrate the reliability of using an extended black oil model to simulate the effects of
capillary pressure on phase behavior in tight formations based on pre-calculated fluid properties
from a cubic equation-of-state.

4.1.6. Gas-oil capillary pressure effect on recoveries from oil-wet reservoirs
In this section, it is shown how production can be affected by saturation dependent
capillary pressure in oil-wet reservoirs. Reservoir initial pressure and all other properties are the
same as for the water-wet case except for relative permeability and capillary pressure as discussed
above. The relative permeability curves from Figure 4.3 are modified to be applicable to oil-wet
reservoirs and are shown in Figure 4.20.

Figure 4.20- Relative permeability curves used for oil-wet reservoir case
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As before, the initial water saturation is 0.25 for both the oil-wet and water-wet cases. The
oil pressure for both cases is always equal and set to the initial formation pressure. This may be
problematic as well tests may or may not accurately estimate the oil pressure if multiple phases
are flowing.

Figure 4.21- Increase in cumulative oil production for oil-wet and water-wet reservoir

Figure 4.21 gives the percentage increase in the cumulative oil production for both the oil-wet
and water-wet cases. This plot shows that there is a monotonic increase in production with time
for the water-wet case. For the oil-wet case, however, the percentage change in cumulative oil
production increases monotonically up to a certain time, and then decreases after that. The reason
these two cases behave differently can be explained by examining the change in the effective pore
radius.
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Figure 4.22- Effective pore size radius at the well grid block for oil-wet and water-wet reservoir

As Figure 4.22 indicates, the oil-wet reservoir is associated with a smaller effective pore size.
Also, the effective pore size for the oil-wet reservoir first decreases and then increases with time.
Smaller pores give larger capillary pressure differences between the oil and gas, and hence, its
impact on cumulative oil recovery is more dramatic. For oil-wet reservoirs, the pore radius
changes with oil saturation. For these two cases of oil-wet and water-wet reservoirs with
Swi=0.25, we conclude that the change in cumulative production due to capillary pressure effects
is likely larger for the oil-wet case.

4.2. Embedded discrete fracture model
Fractures should be included in the model in order to present a realistic description of
shale reservoirs. The main transverse hydraulic fractures can be modeled based on observed
microseismic data in shales and gas/oil sands. The smaller fractures can be modeled as a zone of
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higher permeability emanating radially from each fracture branch. Here, we use EDFM approach
first developed by Li and Lee (2008) and expanded later by Moinfar et al. (2013).

4.2.1. Methodology
Using EDFM, transvers fractures are modeled explicitly. The flow equations are solved
separately for matrix and fractures. Fractures and the neighboring matrix domain are coupled by
source/sink terms. The general source/sink terms in the extended black oil formulation can be
expressed (Li and Lee, 2008 and Moinfar et al., 2013) for matrix as:

matrix

Np

M
j 1

ij

Np

  M ij

well _ matrix

j 1

Np

  M ij

fracture _ matrix

(4.5)

j 1

and for fracture as:
fracture

Np

M
j 1

ij

Np

  M ij
j 1

well _ fracture

Np

  M ij

matrix _ fracture

.

(4.6)

j 1

The flow rate term in the water equation for the matrix domain is expressed as:

qwmatrix  qwwell _ matrix  qw fracture _ matrix

(4.7)

and it is expressed as follows for the fracture domain:

qw fracture  qwwell _ fracture  qwmatrix _ fracture .

(4.8)

Note that the sink/source terms in gas and oil equations are in units of mass flow rate, while flow
rate has the unit of volume per time in water flow equation. Well_matrix and well_fracture terms
are calculated using Peaceman’s model, and fracture_matrix and matrix_fracture terms are
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representative of flow from fracture to matrix and from matrix to fracture. The fracture can be of
any orientation. Here, it is demonstrated how a source/sink term in water flow equation is
calculated. The water phase flux from matrix to the fracture can be expressed as (Li and Lee,
2008):

qw fracture _ matrix  Af (

kkrw
Pw )
Bw w

(4.9)
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d

⟨𝑑⟩ is average normal distance from the fracture and 𝐴𝑓 is the fracture surface area in the grid
𝑓

block. As shown in Figure 4.23, 𝑝𝑖𝑚 and 𝑝𝑗 are pressures (can be for any phases, here for water)
of matrix grid block i and of fracture grid block j respectively.

Figure 4.23- Fracture and matrix grid blocks

The parameter ⟨𝑑⟩ is calculated by Eq. (4.11) following Hajibeygi et al. (2011).
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Am

𝑥𝑛 is the vertical distance of any point in the matrix grid block from the fracture segment
surrounded by matrix grid block and Am is matrix grid block area. For specific simple cases as
shown in Figure 4.24, parameter ⟨𝑑⟩ can be calculated analytically otherwise, it is calculated by
numerical integration.

Figure 4.24- Analytical expressions of ⟨𝒅⟩ for some selected 2D scenarios, Hajibeygi et al. (2011)

A fracture can intersect the horizontal wellbore and the model allows for flow from both
matrix and fracture to the wellbore. Size and location of the matrix grid blocks do not depend on
the fracture length and location. Highlighted grid blocks in Figure 4.25 represent matrix grid
blocks communicating directly with fractures. An example is presented here to illustrate the
methodology. Fracture coordinates are specified by fracture start and end points as shown in
Table 4.2.
Table.4.2. Fracture start and end coordinates

x1
2.0

y1
2.4

x2
5.5

y2
4.0
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Fracture grid blocks size depends on the fracture location and the size of the matrix grid
blocks. However, they are calculated automatically and then parameter ⟨𝑑⟩ is calculated based on
Eq.(4.11). Table 4.3 shows the calculated parameters for the fracture in Figure 4.15.

Figure 4.25- Fracture grid blocks and matrix-fracture distance

Table 4.3- Fracture grid blocks coordinates and matrix-fracture distance
Xf

2

3

3.31

4

5

5.5

Yf

2.4

2.86

3

3.31

3.77

4

Dxf

1.099

0.344

0.756

1.099

0.550

-----

⟨𝑑⟩

0.27

0.56

0.41

0.25

0.47

-----

Flow equations for both matrix and fracture domains are solved with the fully implicit
approach using the Newton-Raphson method. Eq (4.12) represents system of equations solved at
every iteration level in both matrix and fracture domain. R stands for residual. The principal
unknowns are the matrix and fracture oil pressures, oil compositions, and water saturations.

J  X  R.

(4.12)
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The Jacobian is calculated as:
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The unknown vector is arranged as:

X   Pom , z1m , swm ,..., Pof , z1 f , swf 

(4.14)

and the right hand side vector components are oil, gas, and water residuals for both matrix and
fracture grid blocks, arranged as:

R   R1m , R2m , Rwm ,..., R1 f , R2 f , Rwf  .

(4.15)

Solving for this system of equations allows for matrix-fracture coupling at every iteration
step. This approach is beneficial over the discrete fracture approach in the sense that different
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relative permeability and capillary pressure data can be assigned to matrix and fractures
separately. Capillary pressure is very small in fractures while it has a large effect on phase
behavior of reservoir fluids in the matrix. The other benefit is that EDFM allows for smaller
number of grid blocks while it provides the same accuracy as the discrete fracture model with a
large number of fine grid blocks as shown in the previous chapter. Finally, EDFM allows for
fractures with arbitrary orientation (other than just horizontal or vertical) easily without any need
to change the matrix grid blocks.

4.2.2. Comparison of EDFM and discrete fracture modeling with fine grid blocks
In this section, a transverse fracture that is perpendicular to the horizontal well and
crosses the well is modeled with both EDFM and the discrete fracture (DF) approach. For the
discrete fracture approach, fracture and matrix grid blacks are only different in terms of rock
properties (permeability and porosity) but they share the same grid blocks. For DF approach, grid
refinement is required around the fracture since there is a large permeability contrast between
fracture and matrix grid blocks. Here, an example problem is presented to compare the results
from EDFM to those from DF fine grids approach. Reservoir size is 700 ft by 700 ft with matrix
permeability of 0.02 md and porosity of 6%. Fracture width is considered to be 0.04 ft with
permeability of one Darcy and porosity of 50%. Reservoir is undersaturated with initial pressure
of 4500 psia while well pressure is fixed at 3000 psia. Reservoir fluid is Bakken oil and the
compositionally extended black oil approach is used for flow simulation. Flow from the reservoir
to the horizontal well is only through the transverse fracture and no direct flow from matrix to the
wellbore is allowed.
We need to use 47 grid blocks in x direction to get a good match with EDFM results. The
grid refinement for the grids near the discrete fracture is shown in Figure 4.26. The results for the
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well block pressure and oil flow rate are shown in Figures 4.27 and 4.28, respectively. A large
number of grid blocks increases computation time, which is not favorable. The benefit of using
EDFM is more pronounced for inclined fractures while Cartesian grid blocks are used for
reservoir simulation. To accurately model inclined fractures by suing DF approach, a large
number of grid blocks is required while EDFM offers a much faster approach.

Figure 4.26- Grid refinement for discrete fracture approach
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Figure 4.27- Well block pressure comparison of EDFM and discrete fracture approach

Figure 4.28- Flow rate comparison of EDFM and discrete fracture approach

4.2.3. Enhanced permeability
Smaller fractures, either the extension of hydraulic fractures or pre-existing natural
fractures with enhanced permeability, are taken into account as increased permeability zones in
the reservoir simulation model. Natural fractures close to the wellbore and transverse hydraulic
fractures are considered more conductive since they are opened up as hydraulic fractures
propagate. As a result, that part of the matrix close to fractures is more conductive compared to
farther regions in the reservoir. These conductive regions are schematically shown in Figure 4.29
by circles.
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Figure 4.29- Schematic of high permeability zone around a horizontal well with transverse fracture

We include this enhanced permeability in our model as a function of distance from the
hydraulic fracture. There is no need to change the input permeability map. The original matrix
permeability is used as an input to the simulator. The fracture can have any location and
orientation. The permeability of matrix grid blocks is assumed to change as the inverse of
distance from that grid block to the hydraulic fracture and to the wellbore. The equation that we
have chosen is formulated as follows:


A
K enhanced  Kinitial 1 
 Lmf



B 
 1 

  Lmw 

(4.16)

where Lmf and Lmw are the distances from the matrix grid block to the fracture and from the
matrix grid block to the wellbore, respectively, and A and B are constants. Note that the
permeability enhancement is only due to opened-up natural fractures and not pore expansions so
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there is no change in capillary pressure curves and pore size distribution in this affected region.
Enhanced permeability contours for four different fractures are shown in Figure 4.30. Reservoir
size is 750 ft by 750 ft with 15 by 15 square grid blocks. Reservoir initial permeability is 0.01 md
and A and B are considered to be 50 ft, which is the same as the size of grid blocks here.
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Figure 4.30- Enhanced permeability zones for a reservoir with a horizontal well and a transverse fracture
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4.3. Highlights of the chapter
We demonstrated a new methodology to incorporate the effect of capillary pressure on
flow and production in black-oil models for ultra-low permeability reservoirs, where capillary
pressure is large. The model solves the black-oil equations using a compositional approach so that
black-oil properties can be a function of multiple parameters, such as the oleic phase gas content
and the level of capillary pressure. Capillary pressure is a function of pressure-dependent
interfacial tension and saturation-dependent pore size distribution (PSD). The method relies on
generating pre-tabulated black-oil data using a cubic equation-of-state for several pore sizes. The
notion of “effective pore size” is used to interpolate between the pre-tabulated data, where the
effective pore size is a function of the gas saturation for water-wet reservoirs and oil saturation
for oil-wet reservoirs. The new compositionally-extended black-oil model is developed using a
fully-implicit simulator and the simulation results are validated against a fully compositional
simulation. The methodology to include a discrete fracture (using EDFM) in the compositionallyextended black oil simulation model is demonstrated. It is shown how we can allow for reservoir
permeability enhancement in the region near the well and the transverse fracture.
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Chapter 5
Simulation case studies

In this chapter, simulation case studies with different flow models are presented. We
explore two types of flow models, one with fractures and one with no discrete fractures. For the
case without fractures, we make sensitivity analyses of critical gas saturation for water-wet
reservoirs and initial water saturation for oil-wet reservoirs. We then show how pore size
distribution (PSD) influences the effect of high capillary pressure on fluid properties. Next, the
effect of high capillary pressure for reservoirs with enhanced permeability and with discrete
fractures is investigated. All simulations are 2-D models in the X-Y direction so that gravity
effects are not examined.
Last, we apply the compositionally extended black oil simulation approach to model gas
flooding for a five-spot pattern in a conventional reservoir. Slim-tube simulations are performed
using extrapolated black oil fluid properties to estimate minimum miscibility pressure (MMP).

5.1. Sensitivity analysis of critical gas saturation for water-wet reservoirs
Critical gas saturation has sometimes been used to explain the reduction in the bubblepoint observed in field tests (Nojabaei et al., 2013). The critical gas saturation generally increases
as the permeability decreases; and hence, ultra-low permeability reservoirs tend to have large
critical gas saturations (Sgcr). In this section, we examine the importance of capillary pressure by
varying the critical gas saturation from 0.2 to 0.4. The initial water saturation is constant at 0.25.
The reservoir and fluid properties are the same as the water-wet reservoir example used in
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Chapter 4 for black-oil and compositional simulation models comparison. Gas oil relative
permeability curves are changed to get the desired critical gas saturation as shown in Figure 5.1.

Figure 5.1- Gas relative permeability curves for two critical gas saturations

As Figures 5.2 and 5.3 show, both oil and gas production are greater for the case with lower
critical gas saturation. When capillary pressure is included however, the percent increase in
recovery is significantly lower when Sgcr is 0.2. The increase in cumulative oil production due to
capillary pressure is about 7.9% for Sgcr of 0.4 compared to 4.9% for Sgcr of 0.2 at 200 days.
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Figure 5.2- Influence of critical gas saturation on cumulative oil production

Figure 5.3- Influence of critical gas saturation on cumulative gas production

The reason for this change can be explained using Figures 5.4 and 5.5, which shows the
saturation profiles and the effective pore radius at the well grid block. The case with large critical
gas saturation allows for higher gas saturations before the vapor phase can flow. This in turn
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reduces the effective pore size, which means that larger critical gas saturations give larger effects
of capillary pressure on phase behavior.

Figure 5.4- Effect of critical gas saturation on well grid block gas saturation

Figure 5.5- Effect of critical gas saturation on effective pore size and capillary pressure
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5.2. Sensitivity analysis of initial water saturation for oil-wet reservoirs
In this section, we examine the effect of initial water saturation on the recovery for oilwet reservoirs where capillary pressure impacts the phase behavior. Reservoir and fluid properties
are the same as those of the oil-wet case used in Chapter 4 to compare water-wet and oil-wet
reservoirs. Figure 5.6 shows that the recovery increases from 7.9% for Swi=0.25 to 10.9% for
Swi=0.45. The increase in the percentage recovery occurs because the effective pore size is a
function of oil saturation for oil-wet reservoirs. Larger initial water saturations result in smaller
oil saturations and smaller effective pore sizes, increasing the effect of capillary pressure on
recovery. Figure 5.7 shows that the effective pore size for the case with larger initial water
saturation is smaller.

Figure 5.6- Influence of initial water saturation on recovery for oil-wet reservoirs
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Figure 5.7- Effective pore-size radius at the well grid block for the oil-wet reservoir using various initial
water saturations

5.3. Pore size distribution versus a constant pore size
In this section, we demonstrate the potential importance of using pore-size distribution
instead of a single fixed pore size to model the effect of capillary pressure on phase behavior.
The production results of three cases are compared. Capillary pressure does not affect fluid
properties in the first case. For the second case capillary pressure affects the fluid properties and
is calculated based on an average pore size taken to be the modal pore radius measured for the
Bakken sample. In the third case, the effect of capillary pressure including the actual pore-size
distribution (PSD) is modelled. The pore-size distribution is a function of the gas phase saturation
for the last case.
Here, we use a composite reservoir model with various reservoir properties and a larger
number of grid blocks. Reservoir permeability is not uniform and permeability distribution is

105
shown in Figure 5.8. Reservoir permeability is larger around the well and the imaginary fracture
to account for stimulated reservoir volume. Other reservoir and fluid properties are shown in
Table 5.1. Relative permeability curves for the Bakken reservoir are adopted from Yu et al.
(2014), and shown in Figure 5.9. Reservoir initial pressure is 5500 psia and well pressure is set at
500 psia.

Figure 5.8- Reservoir permeability map

Table 5.1- Reservoir and fluid properties

Reservoir size, 2D
Uniform grid block size

1500 ft  1500 ft
100 ft  100 ft

porosity

6%

Reservoir thickness

10 ft

Fluid type
Temperature

Bakken fluid
240 oF
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Figure 5.9- Relative permeability curves for Bakken reservoir, adopted from Yu et al. (2014)

Simulations are performed for 700 days and the pressure and gas saturation profiles for the
case without effect of capillary pressure on flash are presented in Figures 5.10 and 5.11,
respectively. For all the three cases, oil-water and gas-oil capillary pressure are included in the
flow model.
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Figure 5.10- Reservoir gas saturation after 700 days
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Figure 5.11- Reservoir oil pressure after 700 days

Figures 5.12 through 5.14 give the gas saturations and effective pore sizes at the well grid
block. The effective pore size is a function of gas saturation for PSD and is approximately 24 nm
when gas saturation is zero. The effective pore size decreases when gas saturation increases. The
size decreases to about 19 nm after 700 days while the modal pore radius is fixed at 13 nm. For
smaller pore sizes, capillary pressure is larger resulting in an increased effect of capillary pressure
at late time. Another conclusion from Figure 5.12 is that bubble-point pressure is smaller for the
fixed pore size case compared to the PSD case. Because at the bubble-point gas saturation is zero,
the effective pore size is about 24 nm for the PSD case compared to 13 nm for the fixed modal
pore size case. As a result, the bubble-point pressure is reduced more for the fixed pore size case.
The effective pore size for the sample studies does not become smaller than the modal pore size
in this case, but if we allow for larger gas saturations, the effective pore size could decrease to
less than 13 nm. For a volatile oil that can have a larger gas saturation below the bubble point, the
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effective pore size is relatively small and the effect of capillary pressure on fluid properties is
likely more significant.

Figure 5.12- Well block gas saturations versus well block pressures

Figure 5.13- Effective well block pore radius versus time
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Figure 5.14- Effective well block pore radius versus gas saturation

Figures 5.15 and 5.16 show that the choice of the pore size can have an impact on oil
recovery. For example, there is an increase of 11.6% in oil production when the pore size is
averaged at the model value of 13 nm, while the change in oil production is 9.1% with the PSD
approach. The difference is relatively small in this case, but its importance depends on many
factors including the shape of the pore-size distribution and gas saturation.
Figure 5.16 also shows that cumulative production of gas increases owing to the effect of
capillary pressure in early time. At later time, the effect of high capillary pressure is to decrease
cumulative production. At early time, gas does not flow since gas saturation is smaller than the
critical gas saturation. The produced gas comes from the solved gas in the oil, so the increase in
gas production is connected to the increase in oil production. As gas saturation increases beyond
the critical gas saturation, gas starts to move and the change in gas production due to capillary
pressure becomes less dependent on oil production. We did not have this observation before in
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Chapter 4 as critical gas saturation was very high in that case and the production results were
reported for a shorter period of time.

Figure 5.15- Comparison of cumulative oil production for cases using pore-size distribution and a fixed
average pore size

Figure 5.16- Comparison of cumulative gas production for cases using the pore-size distribution and a fixed
average pore size
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5.4. Effect of capillary pressure on recovery and original oil in place
In this section, we show how high gas-oil capillary pressure influences the original oil in
place (OOIP) and recoveries, and how this effect would be different depending on reservoir initial
pressure. The example problem is a square reservoir with a horizontal well that only produces
from the grid block at the center of the reservoir as shown schematically in Figure 5.16.

Figure 5.16- Schematic of the reservoir with a horizontal well

Table 5.2 summarizes reservoir properties. Reservoir temperature is 240 oF and reservoir
fluid is Bakken oil with a bubble point of 2860 psia without capillary pressure effect. Initial water
saturation is 0.25. Well pressure is 500 psia. The relative permeability curves are the same as the
ones shown in Figure 5.9.
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Table 5.2- Reservoir and fluid properties

Reservoir size, 2D
Uniform matrix grid block size
Matrix permeability

750 ft  750 ft
50 ft  50 ft
2 md

Matrix porosity

6%

Reservoir thickness

10 ft

Fluid type

Bakken fluid

Oil-water and gas-oil capillary pressures in flow are neglected here. If capillary pressure in
flow is included in the flow equations, water pressure may decrease monotonically below the
production well pressure. For some cases with low reservoir initial pressures, the well block water
pressure either approaches zero or tends to drop below zero psia in simulations and causes
numerical instability problems. One way to resolve this problem is to have smaller well grid
blocks to allow well block pressure to stabilize and approach the bottom-hole pressure. Figure
5.17 shows how using smaller well grid block can help to resolve this problem for an undersaturated reservoir with a vertical production well.
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Figure 5.17- Increasing number of grid blocks and decreasing the size of production well can resolve
numerical instability problems due to high capillary pressure in flow
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Figure 5.18- Cumulative oil production for different capillary pressure conditions

For the case of reservoir initial pressure of 2700 psia, the production results with and without
inclusion of capillary pressure in flow are plotted in Figure 5.18. The results show that inclusion
of capillary pressure in flow generally increases production but this effect is minor compared to
the effect of capillary pressure inclusion in flash. Therefore, it is reasonable to neglect capillary
pressures in flow since investigating the effect of gas-oil capillary pressure in flash on production
is the focus of this research.
The OOIP with and without capillary pressure are plotted versus reservoir initial pressure in
Figure 5.19. As shown, when capillary pressure effect is included in reserve calculations, the
estimated OOIP is larger.
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Figure 5.19- Original oil in place as a function of reservoir initial pressure with and without capillary
pressure effect

The percentage increase in OOIP owing to capillary pressure effect on flash calculation as a
function of reservoir initial pressure is shown in Figure 5.20 for different reservoir initial
pressures. There is no change in OOIP for reservoir initial pressures higher than the bubble-point
pressure as there is no gas-oil capillary pressure for under-saturated reservoirs. At some initial
pressures, in the range of original bubble-point pressure and the reduced bubble-point pressure,
there is a sudden change in OOIP with and without capillary pressure. The reason for this large
contrast is that the OOIP with capillary pressure is under-saturated while the one without
capillary pressure included is initially saturated at those reservoir initial pressures. So the effect of
capillary pressure in that pressure range is to convert an initially saturated reservoir to an initially
under-saturated one and consequently to increase OOIP owing to a reduced bubble-point
pressure.
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Figure 5.20- Percentage increase in original oil in place owing to capillary pressure effect

Figure 5.21- Percentage increase in oil recovery owing to capillary pressure effect

The percentage increase in recoveries after a certain time (here after 300 days) follows the
same trend as OOIP does (shown in Figure 5.21). Generally, the increase in production with
capillary pressure effect on phase behavior is more pronounced when the reservoir is initially
saturated and the reason for that, capillary pressure influences the entire reservoir from the
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beginning for the initially saturated reservoir. For initially under-saturated reservoirs, for a long
time there is no capillary pressure effect for the regions far from the production well as they
remain under-saturated for a long period of time.

5.5. Embedded discrete fracture model and reservoir initial pressure
In this section, a more realistic description of a shale reservoir is presented by including a
transverse fracture in the model. By using EDFM (embedded discrete fracture model), we can
easily allow for different flow equations and input rock-fluid data for the fracture and matrix
domain. Using EDFM allows using different effective pore radius and subsequently different
fluid properties for fracture and matrix. The matrix contains small pores and the effect of high
capillary pressure on fluid properties should be taken into consideration while there is no such
effect in the fracture. Table 5.3 summarizes reservoir and the fracture properties. Reservoir
temperature is 240 oF and reservoir fluid is Bakken oil with a bubble point of 2860 psia without
capillary pressure. Initial water saturation in the matrix is 0.25 and 0.01 in the fracture. Well
pressure is 500 psia. The relative permeability curves for the matrix is the same as the one shown
in Figure 5.9. For fractures, the relative permeability curves of Figure 5.9 are modified to have
very small residual water saturation, critical gas saturation and residual oil saturation, as shown in
Figure 5.22.

Table 5.3- Reservoir, fracture and fluid properties

Reservoir size, 2D
Uniform matrix grid block size
Matrix permeability
Matrix porosity

750 ft  750 ft
50 ft  50 ft
0.02 md
6%
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Fracture length

450 ft

Fracture width

0.03 ft

Fracture permeability

1D

Fracture porosity

50%

Reservoir thickness

10 ft

Figure 5.22- Relative permeability curves for fractures in the Bakken reservoir, adopted from Yu et al.,
2014

A schematic of the reservoir is shown in Figure 5.23. Flow is allowed from both matrix and
fracture grid block to the horizontal wellbore. Capillary pressure effect on flow is neglected in the
matrix for the same reason noted in the previous section but gas-oil capillary pressure influences
the fluid properties in the matrix.
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Figure 5.23- Schematic of the reservoir with a horizontal well and a transverse fracture

Cumulative oil productions with and without capillary pressure effect for two cases with
reservoir initial pressures of 5000 psia and 2500 psia (initially under-saturated and saturated
respectively) are plotted in Figures 5.24 and 5.25. After 300 days, there is about a 56% increase
in production for reservoir initial pressure of 2700 while there is only a 7% increase in production
due to high capillary pressure for the case with reservoir initial pressure of 5000 psia.
One reason for such a different response for different reservoir initial pressures can be
explained by the initial level of capillary pressure in the reservoir. For the case with initial
pressure of 5000 psia, reservoir is initially under-saturated and after 300 days, only a small
portion of the reservoir has two phase flow and gas-oil capillary can influence the phase behavior
and production only in this small volume of the reservoir. For reservoir initial pressure of 2500
psia, the reservoir is initially saturated and gas-oil capillary pressure impacts the entire reservoir
and as a result, it significantly influences the production. One other reason is that for the reservoir
with 5000 psia, OOIP is not affected by capillary pressure but for the reservoir with initial
pressure of 2500 psia, OOIP is influenced by capillary pressure and subsequently cumulative oil
production and recoveries are more affected by capillary pressure.
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Figure 5.24- Comparison of cumulative oil production with and without capillary pressure effect on phase
behavior with reservoir initial pressure of 2500 psia

Figure 5.25- Comparison of cumulative oil production with and without capillary pressure effect on phase
behavior with reservoir initial pressure of 5000 psia
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For comparison, we included capillary pressure effect in the fracture to check how it
influences production. As inferred from the plots, there is a minor change in production when
capillary pressure affects phase behavior in both fracture and matrix, compared to the case that
phase behavior is only affected by capillary pressure in the matrix. This conclusion was expected
since fractures mostly contribute to the enhanced permeability and not hydrocarbon storage as the
volume of the fracture is very small compared to the reservoir volume. Even if fluid properties
are altered much by capillary pressure in the fracture, the overall effect is not noticeable.

5.6. Embedded discrete fracture model and enhanced permeability
In this section, an example of how enhanced permeability can influence production from
tight rocks is presented. Figure 5.26 shows the location of the discrete fracture and the enhanced
permeability in the reservoir. Original permeability is 0.01 md. Capillary pressure affects phase
behavior in the matrix but not in the fracture. Reservoir and fracture properties are summarized in
Table 5.3. Reservoir initial pressure is 2700 psia and well pressure is 500 psia. Initial water
saturation for the matrix is 0.25 while the fracture initial water saturation is 0.1. Relative
permeability curves are the same as for the previous EDFM case study. Oil production results
with and without capillary pressure effect for two cases of original permeability and enhanced
permeability are shown in Figure 5.27. The results show that capillary pressure increases
cumulative oil production by 41% for the case without permeability enhancement while this
increase is about 38% for the case with enhanced permeability. These two numbers are very
comparable. The results imply that reservoir permeability enhancement does not influence the
effect of high capillary pressure on production.
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Figure 5.26- Fracture location and enhanced permeability distribution

Table 5.4- Reservoir, fracture and fluid properties

Reservoir size, 2D
Uniform matrix grid block size
Original matrix permeability

750 ft  750 ft
50 ft  50 ft
0.01 md

Matrix porosity

6%

Fracture length

850 ft

Fracture width

0.03 ft

Fracture permeability

10 D

Fracture porosity

50%

Reservoir thickness

10 ft
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Figure 5.27- Cumulative oil production with and without capillary pressure effect on flash and the impact
of enhanced permeability

5.7. Five-spot pattern gas flooding with extended black-oil approach
The extended black oil approach is applied to model gas floods for the Bakken oil
reservoir. Here, reservoir gas component is injected. The production well is on the top right
corner. Reservoir initial pressure is 3100 psia.
Injection well pressure is 3300 psia, while production well pressure is 2900 psia. Both
injection and production well pressures are above the original bubble-point pressure, which is
2860 psia. The reservoir is conventional with high permeability and negligible capillary pressure.
Reservoir and fluid properties are shown in Table 5.5.
The reservoir is initially under-saturated and as reservoir gas component is injected, the
composition of the initial oil near the well changes and gas evolves. Our simulation model allows
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for A bubble-point increase with increasing gas content in the oil as reservoir gas is injected. The
saturation profiles at different times are shown in Figures 5.28 through 5.32.

Table 5.5- Reservoir and fluid properties for gas flooding simulation

Reservoir size

750 ft  750ft

Permeability

1000 md

Porosity

10%

Reservoir thickness

10 ft

Fluid type

Bakken fluid

Temperature

240 oF

Well type
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Figure 5.28- Gas saturation profile after 4 days
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Figure 5.29- Gas saturation profile after 8 days
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Figure 5.30- Gas saturation profile after 12 days
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Figure 5.31- Gas saturation profile after 16 days
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Figure 5.32- Gas saturation profile after 20 days

As gas is injected, reservoir fluid cannot be considered as a black oil fluid, but since our
simulation approach is general, it can work for volatile oils as well. Figure 5.33 shows overall gas
mass composition at both injection and production grid blocks. After a short time, gas
composition at injection well approaches one and later gas composition starts to increase at the
production well. This is the time when gas breaks through the production well. At the same time,
gas saturation also increases suddenly as shown in Figure 5.34.
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Figure 5.33- Overall gas composition changes with time at production and injection well grid blocks

Figure 5.34- Gas saturation changes with time at production and injection well grid blocks
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Figure 5.35- Cumulative oil production as a function of time

The cumulative oil production is shown in Figure 5.35. The increase in oil production
becomes slower as gas breaks through the production well at day 17. This behavior is expected
since gas forms at the production well resulting in a decrease in oil relative permeability.

5.8. Slim-tube simulation for Bakken oil with extended black-oil approach
Black-oil fluid properties can be extrapolated up to the critical point. In Chapter 3 it is
shown that for the case of re-injecting reservoir gas, this critical point will be at the top of the
phase envelope, and reservoir fluid can be considered as a pseudo-binary mixture with variable
composition of gas and oil components. In this section, we show how we can use these
extrapolated black oil fluid properties to perform a slim-tube simulation for Bakken oil while
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reservoir gas component is injected. The schematic of the simulation design is presented in Figure
5.36. Gas is injected through the first grid block on the left.
An explicit approach is used for performing slim tube simulations. Pressure is fixed at a
certain value and compositions are solved for explicitly. The composition of the injection block is
set to be 100% gas. Fractional flow curves are used to calculate the change in compositions for
the rest of the grid blocks. Grid blocks are initially set to the original Bakken oil composition but
with two pseudo-components. The simplified mass conservation equation for component i is
solved to calculate compositions.

Ci Fi

0
t D xD

(5.1)

where Ci ,the volumetric composition of component i, and Fi , the flux term, are obtained as
follows:
Np

Ci   Cij S j
j 1

and
Np

Fi   Cij f j
j 1

(5.3)

Fractional flow for a multiphase system is obtained as follows:

(5.2)
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j

The slim tube simulation is performed for two oil and gas pseudo-components, while two phases
of oil and gas (or oleic and vapor) are present. Oil and gas relative permeabilities are defined as:

kro  (1  S g  Sor )2

(5.5)

krg  S g 2

(5.6)

All fluid properties (densities and viscosities), saturations, and K-values are calculated explicitly
using black-oil fluid properties as discussed in Chapter 3. No flash calculation is done while
performing slim tube simulation. Simulation is performed for 100 grid blocks while 1.2 PV gas is
injected.

Figure 5.36- Schematic of the slim tube simulation example

The simulation results of gas saturation and gas composition profiles for nine different
pressures are shown in Figures 5.37 and 5.38, respectively. As pressure increases, the saturation
front gets sharper and for pressures higher than pseudo-critical pressure (4325 psia for Bakken)
the displacement is first contact miscible and flow is piston-like. Pseudo-critical pressure here is
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the same as MMP as there are only two pseudo-components in the mixture. For pressures greater
than MMP, no matter how much oil is mixed with gas, they always form a single hydrocarbon
phase. Composition fronts are predicted to be sharper as the number of grid blocks is increased.

Figure 5.37- Saturation profile as a function of dimensionless velocity for different pressures

Figure 5.38- Gas overall composition as a function of dimensionless velocity for different pressures
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Figure 5.39- Oil component recovery as a function of pressure at 1 PV

Oil component recovery is plotted at 1 PV in Figure 5.39. MMP can be determined from the
bend of the recovery curve, which is about 4300 psia in this example. Calculated recovery
depends on the grid resolution. For 100 grid blocks, numerical dispersion causes a slightly
different MMP. Extrapolation of recovery curve to infinite number of grid blocks can be used to
account for numerical dispersion (Stalkup, 1987). The extrapolated recovery curve is supposed to
give the correct MMP which is the same as the critical pressure (4325 psia) since the system is
pseudo-binary.

5.9. Highlights of the chapter
In this chapter, multiple case studies are examined. The results show that capillary
pressure effect on production is stronger for a water-wet reservoir with higher critical gas
saturation and for an oil-wet reservoir with higher initial water saturation. The importance of
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using a PSD approach versus a fixed mean pore size is illustrated. The OOIP and recovery are
strongly influenced by high gas-oil capillary pressure if reservoir initial pressure is below bubblepoint pressure. A reservoir example with a discrete fracture is presented and it is concluded that
the effect of capillary pressure on production is very strong for an initially saturated reservoir.
Inclusion of capillary pressure in the fracture, however, does not affect production. Enhanced
permeability around the fracture does not influence the effect of capillary pressure on phase
behavior and production. The compositionally-extended black oil approach can be used for reinjection of reservoir gas to increase recovery. Slim-tube simulation by using compositionally
extended black oil approach is performed. The value of MMP obtained from slim tube simulation
is the same as the oil-gas pseudo-binary mixture critical pressure.
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Chapter 6
Conclusions

A phase behavior model is developed for the first time to include the effect of high gasoil capillary pressure on two-phase fluid properties and saturation pressures for real reservoir
fluids. An approach is proposed to extrapolate black-oil fluid properties above the original
bubble-point while simultaneous effect of capillary pressure and gas content in the oil on
extrapolated fluid properties was included. For the first time, a compositionally-extended blackoil simulation model to estimate production of shale reservoirs by fully incorporating the effect of
saturation-dependent capillary pressure and pressure-dependent interfacial tensions is developed.
This extended black-oil model can be used to model near miscible and multi-contact miscible gas
floods. It is elaborated how to include a fracture using EDFM in the simulation model while
capillary pressure influences phase behavior in the matrix but not in the fracture. In the simulation
model, one can account for the enhanced reservoir permeability as a function of distance from the
fracture and the well. Finally, various simulation case studies are presented using our simulation
model.

6.1. Summary and Conclusions
The primary conclusions from this research study are:
1. Inclusion of high capillary pressure effect on phase behavior results in a decrease in
bubble-point pressure, while dew-point pressure may either increase or decrease
depending on the pressure.
2. There is a decrease in oil density and viscosity due to capillary pressure effect. Gas
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densities may either increase or decrease due to nano-sized pores depending on the
choice of reference pressure.
3. Capillary pressure mostly influences the bubble-point pressure rather than the dew-point
pressure. There is no change in saturation pressure or fluid densities at the critical point.
4. For the Bakken shale, reduction of bubble-point pressure due to small pores and also high
critical gas saturation in tight reservoirs can explain no gas blowout at low pressure.
5. The change in black-oil properties (densities, viscosities, solution gas-oil ratio, and
volatile oil-gas ratio) is nearly linear with pore curvature.
6. The developed phase behavior model gives continuous extrapolation of all black- and
volatile-oil properties. Adding small increments of bubble-point gas gives smooth curves
up to a critical point. As these increments become smaller, the results are more reliable.
7. An increase in capillary pressure decreases the bubble-point pressure at constant oil
composition, while an increase in the solution gas-oil ratio increases the bubble-point
pressure at constant capillary pressure. These effects can be included simultaneously in a
compositionally-extended black- or volatile-oil formulation.
8. The two pseudo-component correlation developed here predicts IFTs very close to the
values calculated from Macleod and Sugden correlation for the eight-component Bakken
fluid. Both of these correlations give zero IFT at the extrapolated critical point.
9. The new phase behavior model can be used for both miscible and immiscible gas
injection by matching the MMPs for the key binary endpoints. No flash calculations with
a cubic equation-of-state are needed.
10. The approach can likely be easily extended to gas condensate reservoirs, and also could
potentially allow for a fourth hydrocarbon component to be added as long as the binary
endpoint MMPs can be matched.
11. Recoveries increase when the effect of capillary pressure on phase behavior is included.
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12. The recoveries and pressures agree well to those of the detailed compositional simulation
with and without the effect of capillary pressure on phase behavior.
13. The increase in recovery is greater when the reservoir is oil-wet.
14. The increase in recovery is greater when the initial water saturation is larger (for oil-wet
reservoirs), and the critical gas saturation is greater (for water-wet reservoirs).
15. Using the pore-size distribution is more accurate than applying a fixed-pore size
approach, as is current practice.
16. For initial pressures above the bubble-point, recoveries increase by about 5-8% when the
effect of capillary pressure on phase behavior is included in tight rock simulations, with
and without fracture.
17. The increase in recovery becomes larger as the initial approaches the bubble-point
pressure.
18. The OOIP changes significantly for initial pressures below the bubble-point when
capillary pressure is included in flash calculations. Recoveries can be up to 120% greater
than expected if capillary pressure is not included in such cases.
19. Increased reservoir permeability around the fracture and the well, to account for
enhanced permeability due to opened up natural fractures, does not influence the effect of
capillary pressure on oil production.
20. The MMP predicted from slim-tube simulation by using the compositionally-extended
black oil approach is the same as the critical pressure of oil-gas pseudo-binary mixture.
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6.2. Future research

6.2.1. Modification of extended black oil models for tight rocks and unconventional
reservoirs
This research includes developing an improved technique by making use of the current
black-oil model widely used in field studies. Black oil models can be developed by including
more than three components in the model or by using modified black oil fluid properties
depending on the specific field problem. This approach proposes various sets of black-oil fluid
properties for gas flooding, water flooding and pressure depletion scenarios. This approach
introduces increased levels of accuracy while faster than compositional simulation and overcomes
robustness issues that are experienced in compositional simulation.

6.2.2. Molecular dynamics simulation of fluid in nano-sized pores
This research has generated evidence that nano-sized pores have strong influence on flow
and hydrocarbon fluid properties. While performing experiments to study the effect of such small
pores would be very expensive and difficult, there are still several questions that should be
answered and macroscopic numerical methods are not capable of providing reliable answers for
them. Molecular dynamics (MD) simulation methods are very useful tools in providing detailed
information about what really happens to the fluid and solid molecules in a confined space. There
are several questions about rock-fluid interactions in confined pores, for example the effect of
nano-sized pores in fluid properties and flow characteristics while there are three phases of water,
oil and gas are available in the reservoir for different wettability scenarios. Performing MD
simulations can be useful to better understand the complex behavior of fluids in nano-sized pores
and the effect of capillary pressure and adsorption.
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6.2.3. Gas flooding characteristics
The effect of capillary pressure on MMP calculations was studied during my PhD by both
performing slim tube compositional simulation and MOC (method of characteristics) approaches.
It is my intention to investigate the effect of capillary pressure and other unconventional
properties of shale on fractional flow curves and fluid compositions, which are important in gas
flooding .
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